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a James Watt School of Engineering, University of Glasgow, Glasgow, G12 8QQ, UK
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A B S T R A C T

This study examines the untapped potential of synergistically converting underground natural gas storage (UGS) into underground hydrogen storage (UHS) with co- 
located CO2 storage. Current approaches to subsurface storage technology (SST) development often prioritise single-use scenarios, overlooking the benefits of 
integrating multiple technologies. We investigate converting UGS assets into UHS through gradual cushion-gas injection over multiple years, rather than injecting all 
cushion gas in the first year, and include on-site CO2 storage to offset site emissions. Mechanistic modelling shows this gradual transition reduces the Levelised Cost of 
Storage (LCOS) of H2 by 1.2-13.1% while retaining energy output within 3% of the current status quo. We also show that combined UHS and CO2 storage hubs can 
reduce the LCOS of CO2 by 45-77% for only a 3-10% increase in hydrogen LCOS relative to the status quo. This analysis framework may help future-proof SST sites 
and support a resilient, economically beneficial energy transition.

1. Introduction

Subsurface storage technologies (SSTs), which collectively encom
pass both subsurface energy storage and Geologic Carbon Sequestration 
(GCS, the storage component of Carbon Capture and Storage (CCS)), 
have emerged as central enablers for delivering the required reliability 
and security of supply for increasingly complex energy systems [1].

Foremost among these is subsurface energy storage, whose ability to 
shift terawatt-hours (TWh) of energy over hours to seasons offers the 
dispatchability that solar, wind, and tidal resources inherently lack. 
Alternative flexibility measures exist, but they all come with challenges. 
For example, demand response can entail costly curtailment payments, 
new grid-connections suffer from lengthy queues, and flexible nuclear 
power generation still awaits regulatory and economic resolution [2]; 
IAEA [3]. Long-duration energy storage (LDES) (i.e., over 10 h per day) 
therefore remains indispensable for power-system resilience during 
extreme weather events or unexpected outages [4]. Only porous rock 
reservoirs offer the physical scale and siting flexibility required for 
broad implementation of seasonal grid-scale storage [5,6]. Although no 
specific definition of “grid-scale” exists, the UK government and the U.S. 
Energy Information Agency both assume it relates to systems with an 
installed capacity greater than 1 MW [7,8]. In practice, subsurface en
ergy storage technologies have power outputs of 100s to 1000s of GW, 
and offer discharge durations on the scale of hours to months [9,10].

A recent review of UHS options states that (pressure-) depleted 
natural gas reservoirs provide favourable storage conditions [11]. The 
same review notes that depleted gas reservoirs are generally cheaper to 
repurpose for UHS than oil reservoirs or saline aquifers. One approach to 
the conversion of an underground natural gas (mostly CH4) storage 
(UGS) reservoir to underground hydrogen storage (UHS) is to start by 
injecting H2, the bulk of which will become cushion gas during UHS 
operations. Following this priming of the system, stable operations as
sume a certain injection of H2 and withdrawal of gases from the storage 
reservoir. Cushion gas is a necessary component of any kind of gas 
storage (e.g., natural gas, H2, air) and serves to support reservoir pres
sure during withdrawal and ensure deliverability of stored gas. How
ever, injection of a H2 cushion gas is a very costly and time-consuming 
upfront investment.

Complementing energy storage, GCS delivers a permanent sink for 
the CO2 waste stream captured from industrial processes and fossil-fuel 
power generation, and increasingly from direct-air capture [12,13]. 
Secure injection into storage complexes consisting of porous formations 
with overlying caprocks many hundreds of meters beneath the land 
surface provides long-term sequestration with minimal reversal risk [14,
15]. Every recent global mitigation roadmap concludes that achieving 
the 1.5 ◦C or 2 ◦C temperature thresholds is implausible without 
large-scale CCS deployment [16].

Yet, while both subsurface energy storage and CCS are individually 
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well studied, the potential synergies created when they are co-located 
and co-managed have been largely overlooked [17,18]. In one sce
nario of SST co-location, the storage of hydrogen and CO2 would occur 
in distinct, vertically offset and isolated strata. In this scenario, the 
storage operations can be modelled financially as one project hub where 
costs and revenue streams such as carbon credits are evaluated together 
across the project lifespan.

To explore such SST synergies, we developed and modelled a novel 
case study in which a generic partially depleted natural gas field un
dergoes a phased conversion into a combined H2 and CO2 storage hub. 
Using these mechanistic simulation results, we then turn to the techno- 
economic performance of the conversion of a UGS facility to a UHS fa
cility with and without co-located and co-managed GCS. The markers of 
synergy are estimated lower costs and/or quantifiably better overall 
performance. The first hypothesis we test in this work is: “Postponing 
the investment in cushion gas can yield comparable energy-storage 
performance while lowering the levelised cost of storage (LCOS).” In 
our analysis, we propose that gradually converting existing UGS facil
ities to UHS spreads the high upfront cost for H2 cushion gas over a 
longer portion of the project's lifetime, thereby lowering the LCOS of the 
ultimate H2 cushion. Deferring expenditure on cushion gas is feasible 
only if the reservoir continues to deliver at least the same quantity of 
recoverable energy throughout its operating life; any erosion of deliv
erability in an equivalent-energy sense could offset the short-term 
financial gain. To verify the evolution of energy deliverability during 
the conversion from UGS to UHS, we simulated the reservoir's mecha
nistic cycling behaviour in detail including tracking how pressure sup
port, gas compressibility and phase interactions evolve over successive 
injection-withdrawal cycles to study how they alter the composition of 
the withdrawn gas. Such time-dependent simulations serve to reveal 
whether the phased emplacement of H2 cushion gas compromises 
annual withdrawal rates, round-trip efficiency, or cumulative energy 
recovery.

The second hypothesis we examine is: “The addition of CO2 storage 
at the site can lead to benefits from co-management.” Operation of the 
facility is modelled as a defined annual cycle for energy storage opera
tions and as a continuous injection of CO2 for the CO2 storage operations 
(the capture and transport to the site falls outside the system boundary 
for our analysis).

We use a set of LCOS metrics as a measure of techno-economic 
performance. Because LCOS is highly sensitive to assumed cycle count 
and capacity factor, we use it solely as an internal comparison metric 
between our studied scenarios. Direct comparison of LCOS results in this 
study against LCOS reported in other studies is unlikely to be possible 
unless one ensures all of the same key assumptions are made. As such, to 
ensure the global applicability of the study we investigated a range of 
electricity prices that captures the high and low end of diverse energy 
markets, such as the Nordics, the USA, and the European Union. 
Importantly this aligns with the geographical location of potential gas 
reservoirs for UHS [19] providing a level of consistency between the 
locations of relevant storage assets and the economic landscape.

Collectively, the literature indicates that deferring cushion-gas in
vestment has the potential to lower LCOS but that a careful assessment 
of both the mechanistic energy storage performance and the offset of 
carbon emissions from natural gas is required. By focusing on partially 
depleted gas reservoirs and treating LCOS as an internal comparison 
tool, the proposed approach offers a pragmatic pathway to assess a cost- 
effective, low-carbon transition pathway from UGS to UHS.

2. Methodology

In this section we discuss the case study of transitioning a natural gas 
storage facility into a H2 storage facility combined with CO2 storage. We 
present both the reservoir model and the economic methods.

2.1. Surface facilities

Fig. 1A illustrates the principal components of the system. All com
ponents fall within the defined system boundary (red outline). The H2 
pipeline (1) delivers H2 to and from the H2 pipeline network. The CO2 
pipeline (2) supplies CO2 to the system at a pressure sufficient for direct 
injection. The CO2 injected by the system is captured off-site somewhere 
outside our system boundary. CO2 is injected via the dedicated well (3) 
into a depleted gas reservoir (9). A separate H2 intake pipe (5) delivers 
H2 to a H2 compressor (6), which compresses the gas to the required 
injection pressure due to the greater depth of the H2 storage reservoir 
(10) (varies depending on the injection rate of each scenario presented 
in subsequent section). The gas mixture recovered from the H2 store is 
purified via a pressure swing adsorption unit (7), ensuring separation 
and quality control of the H2 stream. A H2 return pipe (4) channels 
recovered H2 back to the surface. Injection and recovery to and from the 
partially depleted gas reservoir (10) are managed by the H2 well (8).

The co-location of SST, such as UHS and GCS, creates significant 
opportunities for operational and economic synergy through the shared 
use of key infrastructure and resources. In this context, synergy is 
defined by outcomes that demonstrate estimated lower costs and/or 
quantifiably improved overall performance compared to separately 
developed operations. In addition, a shared hub configuration can 
enable financial complementarity, whereby revenues generated from 
one process may be used to support the development, operation, or risk 
profile of another. These synergistic benefits are realised through the co- 
use and integration of several core elements, including: 

• Land use and overall site footprint
• Personnel and operations staff
• Monitoring systems and reservoir surveillance
• Utility access
• Pipeline rights of way
• Well and pipeline engineering
• Emergency response equipment
• Planning, permitting, and reporting processes

Collectively, the integration of these components reduces duplica
tion, streamlines workflows, and enhances coordination, while the po
tential for cross-support of revenue streams further strengthens the 
economic case. Together, these factors deliver measurable cost effi
ciencies and performance improvements that are indicative of syner
gistic co-located SST operations.

2.2. Conceptual storage complex model

We designed the storage complex model (Fig. 1) to simulate the co- 
location of SSTs that exploit an idealised dome-shaped geological 
structure with multiple reservoir-seal layers. We configured the system 
with alternating reservoir and sealing formations to ensure structural 
integrity and containment of the injected gases. We separated a shallow 
natural gas reservoir (Fig. 1B, R1), 50 m thick, from a deeper natural gas 
reservoir (Fig. 1B, R2) of the same thickness with a 200 m-thick caprock 
(Fig. 1B–S2), which provides a natural barrier to vertical fluid migra
tion. Assuming a formation with a history of gas containment and safe 
reservoir engineering, we did not further evaluate possible effects of 
faults or well or pipeline failures.

We modelled the storage system using two separate simulations: one 
focused on the shallow reservoir used for carbon storage, and the other 
on the deeper reservoir used for H2 storage. The two-simulation 
approach is justified by the large thickness (200 m) of the continuous 
seal (Fig. 1B–S2) between the two reservoirs (Fig. 1B, R1 and R2) which 
prevents heat and mass flow over operational time scales. We included 
open boundary conditions in the radial direction to model the flow of 
mass and energy to and from the connected aquifer system connected to 
the gas legs of the reservoirs. We set the system initially at hydrostatic 
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pressure, with each reservoir containing a 30 m thick gas zone at its top 
with ~40% CH4 gas saturation (Fig. 2). The average structural dip of the 
geological formations in the horizontal distance covered by the gas cap 
is 3◦. We set the crestal depth of the shallow reservoir at 720 m, and that 
of the deeper reservoir at 970 m. This choice served to allow super- 
critical CO2 (scCO2) storage while avoiding deep drilling and related 
costly well completions. We set the mass fraction of CH4 in the reservoir 
to 0.98 CH4 and 0.02 H2 to improve numerical stability, while the rest of 
the model was fully saturated with water. We included two wells to 
control the injection and withdrawal of gases: the CO2 well is screened 
over the top 30 m of the shallow reservoir (Fig. 1B, R1), and the H2 well 
is screened in the top 30 m of the deep reservoir (Fig. 1B, R2). These 
wells have a diameter of 0.66 m which is consistent with values used in 
prior subsurface gas storage modelling studies and represents a realistic 
large-diameter completion while remaining computationally tractable 
[20]. This conceptual framework provides a representation of a 
multi-layered subsurface storage system, supporting our investigation of 
synergistic H2 and CO2 storage strategies. (Interested readers can find 
files containing initial conditions and model input properties and 

parameters in ESI.)
The assumptions outlined in Table 1 ensure that all scenarios are 

evaluated within a consistent, integrity-preserving operating envelope. 
By constraining operations to remain below fracture pressures, 
excluding caprock failure and well-integrity loss, and assuming standard 

Fig. 1. A) Diagram of the system components. 1, H2 pipeline; 2, CO2 pipeline; 3, CO2 injection well; 4, H2 return pipe; 5, H2 intake pipe; 6, H2 compressor; 7, gas 
purification via pressure swing adsorption; 8, H2 well; 9, shallow reservoir; 10, deep reservoir; red outline represents the system analysis boundary; B) Conceptual 
model of the storage complex. S1 is the shallow seal, R1 the shallow depleted gas reservoir where CO2 is stored, S2 the deeper seal, R2 the deeper partially depleted 
gas reservoir where H2 is stored. The grey well is the CO2 injection well and the green well the hydrogen injection and withdrawal well. (For interpretation of the 
references to colour in this figure legend, the reader is referred to the Web version of this article.)

Fig. 2. Left: Initial gas saturation in the UHS reservoir showing the gas cap. Note the horizontal scale has been reduced by a factor of 10. Right: Spatial discretisation 
using GMSH.

Table 1 
Constraints and assumptions related to the subsurface system.

Constraint 
category

Assumption

Pressure limits Operation remains below fracture pressure (H2: ~97–109 bar vs 
~183 bar limit; CO2: ~73–83 bar vs ~136 bar limit).

Caprock 
integrity

Continuous sealing formations; ~200 m caprock prevents 
vertical migration; no fault activation considered.

Well integrity Dedicated wells (0.66 m diameter, 30 m screens) assumed fully 
intact; no leakage, cross-flow, or failure.

Monitoring Standard monitoring assumed (pressure, composition, well 
integrity). In part due to assumed UGS operations prior to the 
start of the time window considered.
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monitoring across all cases, the analysis isolates the effect of cushion-gas 
scheduling on system performance and cost. As a result, the reported 
LCOS differences reflect variations in injection timing, energy recovery, 
electricity market, and discounted cash flow rather than differences in 
geomechanical risk, containment performance, or operational reli
ability. While these simplifying assumptions may influence absolute cost 
estimates in a site-specific deployment, they are applied uniformly 
across all scenarios and therefore do not alter the relative comparison 
between cushion-gas emplacement strategies.

2.3. Processes & numerical implementation

The storage and injection dynamics are governed by mass and energy 
conservation equations that model the two-phase flow and mass transfer 
of the gas and liquid phases and their various chemical components, 
respectively, along with heat transfer between the fluid phases and the 
reservoir rocks. The model simulates two-phase Darcy flow of gaseous 
and aqueous fluids in porous media with the mass components water 
(H2O), H2, CH4, and CO2 distributed in the two phases based on their 
solubilities. The flow model includes capillary and buoyancy effects 
which influence gas migration and retention as controlled by residual 
gas saturation. The simulation also accounts for mass diffusion processes 
which play a role in gas mixing (with implications for purity of with
drawn H2).

The mass and energy conservation equations are solved using the 
Integral Finite Difference Method (IFDM) with implicit time-stepping as 
implemented in TOUGH4, a modernised and thoroughly updated 
version of the widely used TOUGH codes [21]. The TOUGH codes have 
been widely used for predictions of CO2 injection, migration, and stor
age feasibility [22,23], for natural gas storage including its coupling to 
geomechanical models [24] and to wellbore flow [25,26], and more 
recently for H2 storage [27].

TOUGH4 is used here to simulate multiphase flow and transport of 
water, brine, and the multicomponent gas mixtures where transport 
occurs by advection and Fickian diffusion. The EOS7 (equation of state 
module) in TOUGH4 extends and consolidates the older EOS7, EOS7R, 
EOS7C, and EOS7CA modules. EOS7 calculates real gas mixture prop
erties (density, enthalpy, viscosity) using a choice of cubic equations of 
state (Peng–Robinson, Redlich–Kwong, or Soave–Redlich–Kwong) along 
with specialised methods for viscosity of H2 mixtures. TOUGH4 and 
EOS7 model single- and two-phase conditions with up to 11 components 
(water, brine, up to four gases, tracers), and optional processes including 
molecular diffusion, salinity effects, biodegradation, wellbore flow, and 
non-isothermal simulations. Interested readers are encouraged to peruse 
the user guide (EOS7 | TOUGH4 User Manual).

For the generic analyses of synergies which are the focus of this 
study, we assume the domain is axisymmetric around the injection/ 
withdrawal well. The top and lower boundaries are closed to mimic 
sealing formations. We set the outer (right-hand side) boundary to be 
open by setting constant properties. We model the wellbores as high- 
permeability cells with a permeability of 1 × 10− 9 m2. We discretised 
the domain into a grid of 250 cells in the lateral direction and 50 cells in 
the vertical direction using PyGMSH [28]. We specified a geometrically 
increasing radial cell size outward from the well and uniform thickness 
of the cells. This gentle widening in the radial direction provides 
detailed resolution around the well screen while keeping the overall 
number of cells computationally manageable on a desktop. We set the 
initial temperature using a geothermal gradient of 33 ◦C km− 1 and a 
temperature of 8.9 ◦C at 0 m depth.

2.3.1. Rock and fluid properties
We model the fluid properties in this system using the Soave-Redlich- 

Kwong (SRK) equation of state (EOS) option in EOS7, which provides an 
accurate prediction of fluid properties and phase behaviour under 
reservoir conditions, particularly for H2 [29]. We assign permeability, 
thermal conductivity, heat capacity, and density based on values 

reported for sandstone used in previous energy storage modelling work 
[20]. We assign reservoir cells a porosity of 0.10 to provide a conser
vative pore volume for seasonal storage, while the well cells are assigned 
an artificially high porosity (0.95) and permeability (10− 9 m2) to allow 
fluid injection with minimal resistance while maintaining solver 
stability.

Relative permeability is modelled as shown in Table 2 by the Corey 
curves (TOUGH4 IRP = 3) and a van Genuchten law (TOUGH4 ICP = 7) 
for capillary pressure [30,31]. We set residual liquid saturation, Slr, to 
0.37 to leave an immobile water amount in the gas cap. A residual gas 
saturation, Sgr, of 0.29 is set in the matrix to mimic the gas fraction that 
is unable to leave the smallest pores or inaccessible pores of the rock 
[32]. Sgr is set to 0.01 in the wells for stability. These relative perme
ability and capillary pressure parameters were chosen based on a 
pore-size index, λ, of 0.5 which suits a well-sorted sandstone, and the 
assigned entry-pressure and maximum-pressure values (P0 ≈ 12 kPa, Pc 
max = 100 kPa) are within the range measured for sandstones [32,33].

2.4. Simulation scenarios

We carry out mechanistic simulations to evaluate whether staggering 
the emplacement of the cushion gas in a partially depleted gas field can 
lead to a reduction in LCOS sufficient to cover the cost of co-located CO2 
storage. To test the effects on storage performance and cost of staggering 
cushion gas emplacement, we developed four mechanistic scenarios of 
the UHS and one for the CO2 storage. Only one mechanistic simulation 
(E) is required for the CO2 storage as it is functionally independent of the 
UHS operations. The four UHS scenarios include (A) a reference case, 
where all the cushion gas is injected within the first year; scenarios (B), 
(C), and (D) emplace cushion gas over 2, 5, and 10 years, respectively 
(Table 3). We achieve the spreading of the cushion gas by injecting an 
equal fraction of the cushion gas during every annual injection phase of 

Table 2 
Domain properties. Permeability, thermal conductivity, heat capacity and density are 
representative of a sandstone reservoir [20]. Porosity is chosen to represent a reservoir 
with moderate pore volume available for storage. The well cells (injection/withdrawal 
cells) are set to a very high porosity and permeability to model relatively unimpeded 
flow relative to the reservoir rock whilst avoiding numerical instability. See the 
TOUGH4 documentation for additional descriptions of the Relative permeability and 
capillary curve parameters: ICP = 7 van Genuchten function | TOUGH4 User 
Manual, IRP=3 Corey's curves | TOUGH4 User Manual.

Parameter Reservoirs Boundary Wells

Subdomain Parameters

Density (kg m− 3) 2600 2600 2600

Porosity (− ) 0.10 0.10 0.95

Permeability X (m2) 1.0 × 10− 12 1.0 × 10− 12 1.0 × 10− 9

Permeability Y (m2) 1.0 × 10− 12 1.0 × 10− 12 1.0 × 10− 9

Permeability Z (m2) 1.0 × 10− 13 1.0 × 10− 13 1.0 × 10− 9

Thermal Conductivity (W m− 1 K− 1) 2.51 2.51 2.51

Heat Capacity (J kg− 1 K− 1) 920 920 920

Relative Permeability Curves Parameters

RP (1) — Slr (− ) 0.37 0.37 0.37
RP (2) — Sgr (− ) 0.29 0.29 0.01

Capillary Pressure Curve Parameters
CP(1) — λ (− ) 0.50 0.50 0.50
CP(2) — Slr (− ) 0.35 0.35 0.35
CP(3) — 1/P0 (Pa− 1) 8.0 × 10− 5 8.0 × 10− 5 8.0 × 10− 5

CP(4) — Pmax (Pa) 1.0 × 105 1.0 × 105 1.0 × 105

CP(5) — Sls (− ) 1.0 1.0 1.0
Geometry Parameters

Thickness of Reservoirs (m) 50 - -
Shallow Well Screen Length (m) - - 30
Deep Well Screen Length (m) - - 30
Average Dip Angle (◦) 3 - -
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the cycle. This excess injection is defined as the excess rate of mass in
jection that is used above that which would be needed to exactly balance 
the withdrawals. Following the injection of the cushion gas, the injection 
rate defaults back to 1 kg s− 1 for all scenarios, which results in equal net 
annual withdrawal and injection. The withdrawal rate is set to 11.1 
stdm3 s− 1 in all scenarios to ensure a constant volume is withdrawn even 
with variations in the gas composition. Note that the withdrawal rate 
has to be specified in volumetric terms since a mixture with variable 
composition is withdrawn from the reservoir. The selected injection and 
withdrawal rates are aligned with reported deliverability from existing 
gas storage facilities of comparable scale (e.g. Humbly Grove, UK), 
ensuring that the simulated operating pressures remain within accept
able limits and representative of seasonal storage operation. We set the 
injection of CO2 in the shallow reservoir (a single scenario E) at a rate of 
0.1 MT y− 1 (3.17 kg s− 1) during the entire year. This rate is chosen to 
avoid a spillover of CO2 from the structure.

2.5. Economic model

2.5.1. LCOS calculation
The economic analysis considers the following economic scenarios 

presented in Table 4: (1) & (3) A baseline series, where only UHS costs 
are considered for each of the A, B, C and D mechanistic scenarios and 
the CO2 storage operations (E) are assumed not to take place. (2) & (4) A 
comparative series, where both UHS and CO2 operations (E) are 
considered for each A, B, C and D mechanistic scenario. (1) & (2) Assume 
a market with high electricity costs (e.g., E.U. and UK) and (3) & (4) a 
market with low electricity costs (e.g., Nordics, India, USA) [34]. The 
high-electricity-cost case samples a normal distribution with a mean of 
95 €/MWh (σ = 5 €/MWh) and the low-electricity-cost case with a mean 
of 35 €/MWh (σ = 5 €/MWh).

We evaluate the economic viability of UHS for subsurface energy 
storage with and without CO2 storage through the LCOS of energy, mass 
of H2 and mass of CO2 (when CO2 storage is considered in economic 
scenario series (2) and (4)), using the Net Present Value (NPV) method 
over a project lifetime of 40 years, accounting for capital and fixed and 
variable operating (OPEX) expenditures. We define LCOS as follows: 

LCOSφ =
PVCAPEX + PVOPEX

PVφ
Eq. 1 

Where the PV expanded terms are: 

LCOS φ =

∑N

t=0
[CAPEXt + OPEXt ]

(1+if)
t

(1+i)t

∑N

t=0
φt

1
(1+i)t

Eq. 2 

Where, t is the time period (year), N the maximum number of periods 
considered, if the inflation factor, i the discount rate, φ the quantity in 
which to express the LCOS. φ is varied to be MWh of recovered energy 
from withdrawn gas using CH4 and H2's Higher Heating Value (consis
tent with UK national energy statistics and providing LCOS in €/MWh), 
tonnes of recovered H2 (providing LCOS in €/kgH2), or net tonnes of 
stored CO2 (providing LCOS in €/kgCO2). We note that the net stored 
CO2 is computed only to capture the variations in emissions resulting 
from the on-site storage operations (i.e., the withdrawal of CH4). In 
other words, external factors like carbon intensity of the electricity or 
embedded carbon from construction and manufacturing of equipment 
are not considered.

Our approach for deriving CAPEX and OPEX terms are detailed in 
Supplementary Information and summarised briefly in the following 
sections. All cost inputs were first harmonised to a common EUR 2024 
basis before entering the LCOS model. The annual CAPEX and OPEX 
cash flows were then escalated using a fixed annual inflation factor of 
2.5% (if ) and discounted using the scenario discount rate (i), such that 
the reported LCOS values are based on nominal cash-flow NPVs refer
enced to a common 2024 price basis. Any conversions of USD to EUR are 
done using an exchange rate of 0.85, which is representative of the ex
change rate in Q4 2024. Prior to the conversion to euros all USD costs 
have been adjusted to USD 2024 values using the CPI Inflation Calcu
lator (www.officialdata.org/us/inflation/2012).

2.5.2. TEA model system boundaries
For the LCOS calculations, the system boundary includes the on-site 

UHS infrastructure and operations: cushion-gas supply, the H2 storage 
well, on-site piping, H2 compression, PSA gas purification, and operating 
labour. In the multi-use cases, the boundary additionally includes the 
CO2 storage well and CO2-storage operating costs. H2 production and 
electricity supply are treated exogenously through input prices rather 
than as process units within the model, while CO2 capture, transport to 
site, and CO2 compression are excluded from the reported LCOS totals; 
accordingly, the CO2 stream is treated as arriving at the facility at 
injection-ready pressure. Specific boundary conditions are specified in 
the sections below. The end-use of the recovered methane is not 
considered here as it is a site-specific issue, however the emissions 
associated with that methane are accounted for by assuming every 

Table 3 
Description of the model runs performed in this study.

Scenario Cushion gas injection period 
(year)

Normal injection rate (kg s− 1) Excess injection rate (kg s− 1) Total injection rate (kg s− 1) Gas Compressor Power 
(MW)

(A) 1 1.00 2.00 3.00 H2 0.50
(B) 2 1.00 1.00 2.00 H2 0.45
(C) 5 1.00 0.40 1.40 H2 0.41
(D) 10 1.00 0.20 1.20 H2 0.40
(E) N/A 3.17 N/A 3.17 CO2 0.10

Table 4 
Description of economic analysis scenario series.

Economic Scenario 
Series

Description Technologies 
considered

Factored into the LCOS 
cashflow

Electricity Cost 
Scenario

Mechanistic Scenarios 
Used

(1) Baseline, UHS without CO2 

storage
UHS Costs of UHS High Cost A, B, C, D

(2) UHS and CO2 storage LCOS UHS, CO2 storage Costs of UHS and CO2 storage High Cost A, B, C, D, E
(3) Baseline, UHS without CO2 

storage
UHS Costs of UHS Low Cost A, B, C, D

(4) UHS and CO2 storage LCOS UHS, CO2 storage Costs of UHS and CO2 storage Low Cost A, B, C, D, E
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kilogram of methane will produce 2.7 kg of CO2.

2.5.3. Cushion gas delivery and cost
We calculate the cost of cushion gas by summing the respective costs 

of H2 multiplied by its required mass: 

CAPEXcushion = costH2 × mH2 ,cushion Eq. 3 

where costs are given in EUR per unit mass, and the final cost is con
verted to million euros (MEUR). The cushion gas injected is pure H2, 
hence this is what is considered a project cost in Eq. (3). Once it is 
injected into the reservoir it will mix with the CH4 already in place. Our 
mechanistic simulations account for the effects of that mixing on the 
system's performance.

The cost of H2 is correlated to the electricity price of the scenario 
because cushion gas is assumed to be supplied by PEM electrolysis, for 
which electricity is a major but not the only cost contributor: 

costH2 =
costelectricity

g
(
costelectricity, i

)
39.44
1000

Eq. 4 

Where g is a function expressing the ratio the cost of electricity to the 
price of H2 for a proton exchange membrane (PEM) electrolyser. It as
sumes a capacity factor of 50% and uses a correlation between the 
electricity cost and discount factor, i, based on a dataset provided by 
National Electricity System Operator of the UK [35]. The electricity 
provided to the system falls outside the model boundaries, so we use an 
average value between grid and renewables for the capacity factors. The 
second term is a factor to convert from €/MWh to €/kgH2. This formu
lation allows H2 cost to vary with both electricity price and discount rate 
rather than assuming a fixed linear pass-through. Sensitivity to this 
assumption is therefore represented in the Monte Carlo analysis through 
variation in electricity price and discount rate, whereas the electrolysis 
energy requirement, PEM configuration, and capacity factor remain 
fixed in this study.

2.5.4. Piping costs
We model the CAPEX for H2 and CO2 transport around the site using 

a framework designed for H2 production facilities (Fig. 1 A. Figs. 2, 4, 
and 5) [36], considering the pipeline length (L) and (mass) flow capacity 
(Q): 

CAPEXpipe =600 ⋅ (Q/Q0)
0.48 ⋅ (L/L0)

0.24⋅L Eq. 5 

where (Q0) and (L0) are reference conditions (16,000 tonnes/day and 
100 km respectively).

We model annual OPEX for piping as 4% of the CAPEX [36]: 

OPEXpipe =0.04⋅CAPEXpipe Eq. 6 

The limitations here include assumptions of standard installation 
conditions, as we assume a region with natural gas storage has estab
lished pipeline right-of-way pathways that avoid challenging terrains or 
prohibitively expensive regulatory conditions.

2.5.5. Subsurface costs
Drilling and operational costs for wells (Fig. 1 A. Figs. 3 and 8) are 

determined using an exponential depth-dependent cost function to 
capture the non-linearity of drilling cost with respect to depth [37]. The 
model is parameterised by percentiles, reflecting uncertainty in 
well-drilling costs. For the purposes of this study, we use the P50: 

Cnew well = a⋅eb⋅d Eq. 7 

where Cnew well is the cost of a new well, (a) and (b) are percentile-specific 
parameters provided in Table 5 ((a) is in MEUR and (b) is in m− 1), and 
(d) is the well length, proxied as the reservoir depth at which the well 
enters the reservoir formation (meters). Costs for reused wells are 
assumed to be one-quarter of new wells [38], reflecting typical savings 

in re-entry operations. We assume the wells consist of reused wells un
dergoing a workover. Total CAPEX for a number of reused wells (nreused) 
is given as: 

CAPEXwells = nreused⋅
Cnew well

4
Eq. 8 

We model annual OPEX as a base cost of 0.5 MEUR per well, based on 
previous literature.

[39]: 

OPEXwells = nwells⋅OPEXper well Eq. 9 

The CO2 storage infrastructure (Fig. 1 A. Figs. 2 and 3) incorporates 
the geological reservoir, and well system. We assume that the CO2 is 
delivered to the facility at 80 bar via pipeline, hence it is at sufficiently 
high pressure to be injected into the geological reservoir without 
compression, and the well and associated O&M are designed to achieve 
the specified storage target.

CO2 storage CAPEX is derived based on the CO2 injection well costs 
as described previously where operational costs incorporating fixed 
maintenance (O&M) and storage fees per mass unit of CO2 [40] are 
computed as: 

OPEXCCS =mCO2⋅CO&M,storage Eq. 10 

2.5.6. Compressor system costs
Compressor (Fig. 1 A. Fig. 6) CAPEX estimation employs the 

following model [41] which has been demonstrated to be suitable for 
geological H2 storage system economic models [39]: 

CAPEXcompressor = f ⋅
(
Pcompressor × 103)0.82 Eq. 11 

where f is an empirical factor set to 2491, and Pcompressor is the 
compressor power rating in MW obtained from using the peak H2 in
jection pressure of the mechanistic simulation (Eq. (12)). Specifically, 
the compressor pressure is given by 

Pcompressor = sm
kR

k − 1
T1

[(
p2

p1

)k− 1
skηp

− 1
]

Eq. 12 

where p1 is the inlet pressure, taken as the delivery pressure of the 
pipeline set to 80 bar (8 × 106 Pa), p2 is the outlet pressure set to the 
maximum injection pressure encountered at the wellhead obtained from 
the mechanistic models (Pa), and s is the number of identical compres
sion stages (dimensionless). k is the ratio of specific heats (dimension
less), and R is the specific gas constant J kg− 1K− 1. The parameter ηp is 
the polytropic efficiency (dimensionless). The temperature T1 (K) is the 
inlet temperature at each stage, assumed to be restored by intercooling 
or reheating. The Pcompressor obtained for each scenario are summarised 
in Table 3.

We determine OPEX based on the cost of electricity and a fixed 
maintenance fee of 3% [42]: 

OPEXcompressor =A0⋅Hyear⋅
Cel

ηcomp
⋅Pcompressor + b⋅CAPEXcompressor Eq. 13 

where the availability of the compressor is given by A0, the number of 
hours in a year is Hyear, Cel is the cost of electricity, ηcomp is the 

Table 5 
Constants used to produce the well cost curves for different percentiles using Eq. 
(7) [37]. Asterisk indicates values used in our study.

Percentile a (MEUR) b (m− 1)

Pmin 3.09 2.06E-4
P10 3.54 2.39E-4
P50* 3.56 2.72E-4
P90 4.78 3.25E-4
Pmax 4.78 3.13E-4
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compressor efficiency, and b represents operational and maintenance 
parameters.

2.5.7. Gas purification by pressure swing adsorption (PSA) system costs
In our study we do not include the cost of conversion back to elec

tricity as we do not want to pre-suppose an end-use. It is likely that H2 
stored at this scale will be used to support the energy grid management 
on a national or regional scale and will therefore be directed towards 
energy networks rather than directly towards a specific end-user, 
although H2 hubs proposed in the US suggest coupling with industrial 
end users. This is why we compute the energy from withdrawn mass 
using the Higher Calorific Value of H2 and CH4. The reason why we 
incorporate the gas purification step in our study is two-fold. First, it is 
likely that gas purification will be required in one way or another before 
the withdrawn gas is used. Hence, removing this step entirely would 
artificially reduce the LCOS. Second, there is a case to be made that there 
is more value in obtaining two purified gas streams, one of H2 and the 
other of CH4. Numerous methods for gas purification allow for the 
pressurisation of at least one of the streams, which is useful for pipeline 
transport [43,44]. This remains compatible with the idea that the energy 
in both streams remains valuable and could be used or sold. Finally, we 
use a generic approach to estimate the costs of purification as the future 
regulations and standards around gas composition in energy networks 
are constantly evolving, hence, a detailed process model is not war
ranted in the context of our analysis.

We model gas clean-up as a pressure swing adsorption (PSA), due to 
its technical maturity and ability to achieve fuel cell level purities (Fig. 1 
A. Fig. 7), with unit costs determined from a reference flow rate and 
adjusted by a scaling exponent (0.66) [45] according to: 

CAPEXPSA =Cref ⋅
(

QPSA

Qref

)0.66

Eq. 14 

with (Cref) as reference cost and (QPSA), (Qref) the PSA flow rates. OPEX 
incorporates periodic adsorbent replacement costs (activated carbon 
and zeolite) [39]: 

OPEXPSA =
costAC⋅mAC + costZE⋅mZE

replacement rate⋅106 Eq. 15 

Although the model presumes stable operating conditions and pre
dictable adsorbent lifetimes, potentially disregarding cost fluctuations 
due to variable impurity levels or operational disruptions.

2.5.8. Ancillary costs (administrative, construction, overhead, labour)
The ancillary costs are handled in two different ways dependingon 

whether they are related to the construction and installation of the 
components, which fall within the Overnight Capital Cost (OCC) of the 
first year, or whether they are recurring costs that happen throughout 
the project lifetime and warrant being included as an operational 
expenditure.

The proportion of these costs associated with OCC are evaluated 
using an established method [46] of estimating the cost of 
purchased-equipment installation, instrumentation & controls 
(installed), piping (installed), electrical (installed), buildings (including 
services), yard improvements, service facilities (installed), land, engi
neering & supervision, construction expense, contractor's fee, and con
tingency. In the approach, the estimates are based on the purchased 
equipment cost, which is obtained using the CAPEX equations above for 
the specific pieces of equipment detailed in Fig. 1. Timmerhaus, 1991, 
provides in their Table 4, a range for each of those costs. Once a value in 
those ranges is selected using random sampling, the values are nor
malised and used to compute the cost associated with each category.

2.5.9. Uncertainty and sensitivity analysis
We use Monte Carlo simulations to capture the impacts on LCOS of 

parameter uncertainty. The Monte Carlo Analysis is performed by 

sampling the parameter distributions shown in Table 6 ,000 times 
through a custom Python model that implements the economic model 
presented above. At this sample size, the resulting output distribution is 
fully converged, with the P10, P50, and P90 values remaining identical 
to two significant figures across repeated runs.

2.5.10. Limitations and validity considerations
The combined numerical simulation and economic modelling uses a 

conceptual model that reduces computational burden. Specifically, a 
TOUGH4 mechanistic model large enough to capture the key physical 
processes of gas storage while also small enough to execute efficiently 
was used to simulate cyclic injection and withdrawal in the stacked 
storage system. We derive the LCOS denominators (mass of H2 recov
ered, energy recovered and net CO2 stored) from the five mechanistic 
scenarios (A), (B), (C), (D), and (E). The single-well is small relative to a 
large field project making unit costs conservative; larger multi-well 
fields would gain economies of scale. Even so, the well-reservoir sys
tem samples retain a fixed set of physical properties with different in
jection schedules based on the scenarios and the economic model 
explores the full uncertainty space for the cost of H2 and electricity, 
discount rate, and annual storage OPEX.

Cost estimates rely on literature correlations and simplified as
sumptions about reuse, flow rates, and equipment life. Real sites may 
differ owing to geology, permitting, supply chains and policy, so project- 
specific studies remain essential. Despite these caveats, the linked 
UHS–CCS model works as a proof-of-concept to explore cost drivers, 
trade-offs and the strategic value of co-located H2 and carbon storage.

3. Results

3.1. Annual energy production

Scenario A (base case). Fig. 3 indicates that energy content of the first 
withdrawal of gas after the whole CG is injected in year 1 yields roughly 
a petajoule (represented as a negative value due to removal from stor
age). The system then rapidly enters a stable operating regime in which 
the energy content of annual withdrawals remains effectively constant 
over the remainder of the simulation, yet marginally greater than in the 
first year. As can be seen, mixing gradually occurs and CH4 contributes 
more to the energy mix before reducing again as any residual mobile 
CH4 has been removed from the reservoir. Variability around the mean 
is small, and only a negligible decrease in energy output is observed, 

Table 6 
Parameter Distributions used in the Monte Carlo analysis. Annual Well OPEX is 
the estimated fixed annual OPEX per well in MEUR. n is the number of years of 
the project. Cost of Electricity is the cost of electricity for the compressors. 
Truncnormal refers to a truncated normal distribution that keeps resampling the 
distribution until all samples fall within the superimposed min-max range, 
which is useful to avoid non-physical samples and unrealistic accumulation of 
min and max values. All constant parameters and conversion factors applied are 
provided as supplementary information.

Parameter Distribution Details Rationale

Cost of 
Electricity 
(€/MWh)

High 
cost

Truncnormal Mean: 95.0; Std. 
Dev.: 5.0; Min.: 
80.0; Max.: 110

[34]

Low 
cost

Truncnormal Mean: 35.0; Std. 
Dev.: 5.0; Min.: 
20.0; Max.: 50

[34]

Discount Rate Truncnormal Mean: 0.085; 
Std. Dev.: 
0.013; Min.: 
0.06; Max.: 
0.115

Comparable with 
rates found for 
energy infrastructure 
projects ([47]; [48]; 
[49];[50])

CO2 storage O&M cost 
(€/kgCO2)

Truncnormal Min.: 5.27E- 
3*0.9; 
Max.:5.27E- 
3*1.1

+/− % variation 
from Ref. [40] value
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consistent with a near–steady-state response once the storage system 
had been conditioned. Across this stable phase, CH4 represented only a 
2.46 ± 0.69% of the delivered energy stream, contributing a small and 
persistent share relative to the dominant H2 carrier. Notably, the energy 
output of withdrawn gas is always higher (larger negative number) than 
if the same volume of pure H2 was withdrawn (red line).

Scenario B (2 year case). Fig. 4 shows that, during the 2 years of CG 
injection, withdrawals are similar in magnitude to those of the base case 
but less energy is recovered in the second cycle than the first. During this 
initial charging interval, CH4 contributes 0.6 ± 0.7% of the overall en
ergy output. Once the system is fully primed from year 3 onwards, 
withdrawals converge tightly on the same stable rate observed in the 
base case. In this subsequent steady phase, the methane contribution 
increases to a level consistent with the base case and remains compa
rably stable.

Scenario C (the 5 year case). Fig. 5 shows that, during the period of 
cushion gas injection, more net energy is withdrawn at the start of the 
period. The net energy withdrawn decreases over the 5 year period. This 
pattern is consistent with declining mobilisation of residual CH4 as the 
system approaches a primed state with all the CG injected. After the 
transition to a balanced operation between injection and withdrawal, 
the withdrawn energy converges closely on the same long-run value 
seen across the previous scenarios. CH4 then stabilises at 2.64 ± 0.59%, 
a modestly higher share of the produced energy than in the base case.

Scenario D (the 10 year case). Fig. 6 shows that the effect observed in 
Scenario C is more pronounced with the first cycle leading to the most 
energy withdrawn (about 3% more than in the first cycle of the base 
case) followed by a decline in energy withdrawn as more H2 CG is 
injected into the system. CH4 accounts for the largest and most variable 
share of the energy stream (3.67 ± 2.52%) during this first decade of CG 
injection. Once all the excess injection has taken place and the CG is in 

place, withdrawals rapidly approach a plateau that closely matches the 
stable rates observed in the other scenarios. CH4 contribution to with
drawn energy contracts from its elevated initial values and settles into a 
relatively steady level at 2.33 ± 0.48% that is slightly lower than the 
base-case steady-state contribution due to less CH4 remaining in the 
store due to its greater withdrawal during the decade of CG injection.

3.2. LCOS Monte Carlo analysis results

Figs. 7 and 8 present the LCOS for H2 in terms of H2 mass (€/kgH2) or 
energy (€/MWh). In Fig. 8, the LCOS is also presented in terms of net 
CO2 stored (€/kgCO2). Fig. 7 reports the values for the UHS single-use 
economic scenarios (1) and (3) and Fig. 8 for the multi-use economic 
scenarios (2) and (4). Each scenario is evaluated for the CG injection 
durations of 1, 2, 5, and 10 years from our mechanistic scenarios A, B, C, 
and D. Error bars represent P10–P90 ranges, and annotations indicate 
median (P50) values above each point and relative reductions compared 
to the 1-year case below each point.

3.2.1. UHS Single Use
For LCOS (€/kgH2), the high-electricity-cost scenario (1) exhibits 

values decreasing from 2.54 €/kgH2 when all the CG is injected in Year 1 
to 2.25 €/kgH2 when its injection is spread over ten years, while the low- 
electricity-cost scenario (3) ranges from 2.01 €/kgH2 to 1.83 €/kgH2 
over the same period. The corresponding energy LCOS (€/MWh) follows 
a similar trend, with the high-electricity-cost scenario (1) decreasing 
from 63.22 to 54.95 €/MWh and the low-electricity-cost scenario (3) 
from 49.98 to 44.68 €/MWh. These costs represent a reduction of up to 
11.6% in the LCOS €/kgH2, and one of up to 13.1% in the LCOS €/MWh 
for the high electricity cost scenarios. In the low-electricity-cost sce
nario, these respective reductions in LCOS are 9.1% and 10.6%.

Fig. 3. Annual energy outputs from Scenario A – given as negative values if removed from the store. The current status quo approach is the case where all the cushion 
gas is injected in the first year. The dashed red line indicates the amount of energy that would be withdrawn if all the withdrawn gas was pure H2. Because CH4 has a 
higher volumetric energy density than H2, the energy output of the withdrawn gas mixture is always higher than if the gas were pure H2. (For interpretation of the 
references to colour in this figure legend, the reader is referred to the Web version of this article.)

Fig. 4. Annual energy outputs from Scenario B in which the injection of cushion gas is spread over the first two annual cycles.
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3.2.2. Multi-use
For LCOS (€/kgH2), the high-electricity-cost scenario (2) shows 

values decreasing from 2.90 €/kgH2 when all the CG is injected in Year 1 
to 2.61 €/kgH2 when its injection is spread over ten years, an absolute 
reduction of 0.29 €/kgH2. The low-electricity-cost scenario (4) ranges 
from 2.37 €/kgH2 to 2.19 €/kgH2 over the same period, corresponding to 
an absolute reduction of 0.18 €/kgH2.

The corresponding energy LCOS (€/MWh) follows a similar trend, 
with the high-electricity-cost scenario decreasing from 72.20 to 63.86 

€/MWh and the low-electricity-cost scenario from 58.97 to 53.58 
€/MWh (a reduction of 8.34 and 5.39 €/MWh respectively). These costs 
represent a reduction of up to 10.0% in LCOS €/kgH2 and up to 11.6% in 
LCOS €/MWh for the high electricity cost scenario. In the low- 
electricity-cost scenario, these respective reductions in LCOS are 7.6% 
and 9.1%.

For LCOS (€/kgCO2), which is only reported for multi-use configu
rations, the high electricity cost scenario decreases from 0.187 €/kgCO2 
to 0.168 €/kgCO2, an absolute reduction of 0.019 €/kgCO2, while the 

Fig. 5. Annual energy outputs from Scenario C in which the injection of cushion gas is spread over the first five annual cycles. The initial 3 years are now much more 
comparable to the long-term performance of the system. This might imply that this case is a good middle ground providing both cost savings and easier design due to 
a more consistent withdrawn mixture.

Fig. 6. Annual energy outputs from Scenario D in which the injection of cushion gas is spread over the first ten annual cycles. The initial years result in significantly 
more CH4 energy being withdrawn from the reservoir compared to Scenario A. However, the long-term performance is not significantly altered.

Fig. 7. LCOS results of UHS Single Use (no CO2 storage) Scenario (1) with high electricity cost and Scenario (3) with low electricity cost, presented in terms of H2 
storage and in terms of energy storage.
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low electricity cost scenario decreases from 0.153 €/kgCO2 to 0.141 
€/kgCO2, corresponding to an absolute reduction of 0.012 €/kgCO2. 
These changes represent reductions of 9.9% and 7.5%, respectively.

4. Discussion

4.1. Staggering cushion gas lowers LCOS without degrading long-term 
performance

Stable long-term energy deliverability is achieved across all mecha
nistic scenarios (A–D). Once the storage reservoir is fully primed, the 
annual gas withdrawals of 350 million stdm3 per year converge to a tight 
plateau of ~1.03 PJ yr− 1 with minimal drift. In the steady phases post 
CG injection, Scenario A sustains − 1.027 ± 0.003 PJ yr− 1 (trend =
+0.063 TJ yr− 1); B holds − 1.028 ± 0.004 PJ yr− 1 (trend = +0.15 TJ 
yr− 1); C maintains − 1.029 ± 0.004 PJ yr− 1 (trend =+0.30 TJ yr− 1); and 
D delivers − 1.028 ± 0.003 PJ yr− 1 (trend = +0.28 TJ yr− 1). These re
sults indicate that extending the injection of the cushion gas over five or 
ten years does not erode energy output over the 40 years simulated.

Early-cycle mixing and composition swings are observed in the H2 
reservoir. The H2 injection into the residual CH4 inside the reservoir 
introduces transient H2 – CH4 mixing that is most prominent when the 
injection of the cushion gas occurs over a long period (i.e., when the 
total injection of 1.4 or 1.2 kg s− 1 is close to the working gas injection of 
1 kg s− 1). In D (10-year CG injection), CH4 supplies 3.67 ± 2.52% of the 
withdrawn energy during years 1–10, reaching up to 8.87%, before 
contracting to 2.33 ± 0.48% in balanced operation (years 11–41). In C 
(five-year ramp), early CH4 is 1.90 ± 1.54% (0.50–4.32%) of the energy, 
settling to 2.64 ± 0.59% thereafter. Injection of cushion gas over a 
shorter period shows lower variations in the components’ contribution 
to withdrawn energy: Scenario B averages 0.6 ± 0.7% from CH4 during 
the first two cycles, then aligns with A at ~2.46 ± 0.69% in the plateau. 
This behaviour is consistent with initial mobilisation of residual CH4 
followed by compositional stabilisation once the H2 working inventory 
dominates. These results also indicate that allowing a H2–CH4 mixture 
during the CG injection phase might offer lower levels of CH4 once the 
UHS operations are fully established and the hydrogen economy is well 
established.

Earlyyears see an increase in energy output due to the mobilisation of 
residual CH4. Because CH4 carries more energy per unit volume than H2, 
periods with higher CH4 fractions can lift early withdrawals modestly. In 
Scenario D, the CG injection decade averages − 1.037 ± 0.017 PJ yr− 1, 
about 9 TJ yr− 1 more energy than the later plateau (− 1.028 PJ yr− 1). In 
C, convergence is quicker: − 1.026 ± 0.010 PJ yr− 1 during years 1–5 
versus − 1.029 ± 0.004 PJ yr− 1 thereafter (a ≤3 TJ yr− 1 difference). In A 
and B the system reaches the ~1.03 PJ yr− 1 plateau within ~2 years, 
with initial deficits of ~8 TJ yr− 1 relative to the long-run mean. Overall, 
the extra early-year energy when the cushion gas is injected over 5 or 10 

years is modest (sub-1% of annual energy output) and fades as mixing 
declines. Nevertheless, it is comparable to the ~16 TJ required for the 
H2 compression, and hence could help alleviate those costs in early 
years.

LCOS lowering is achieved through discounted cash-flow effects 
whilst capitalising on increased energy withdrawal due to residual 
natural gas. From a time-value-of-money perspective, lowering OCC will 
always reduce LCOS because early expenditures are discounted over a 
longer period (see the Methodology section). We expect that this phased 
approach also allows the geological reservoir to reach full operational 
maturity just as above-ground H2 supply chains expand, forecast for the 
late 2030s and early 2040s [51]. The recovered energy composition 
evolution matches a pragmatic transition narrative. Specifically, in 
earlier years, when natural-gas value chains and offtake are mature, the 
energy stream contains a higher CH4 share (up to ~9% in D) but as H2 
markets, infrastructure and end-uses scale up, the energy content of the 
stream stabilises at ~97–98% H2 (steady-state CH4 ~2.3–2.6%), easing 
purity management and contracting.

Because the marginal cost of electrolyser-based H2 is strongly influ
enced by electricity prices, the timing and volume of electrolyser-based 
H2 cushion gas injections become key drivers of overall LCOS. In high 
electricity price regions, where H2 is correspondingly expensive (Eq. 
(4)), cushion gas represents a large share of the capital expenditure, so 
any strategy that spreads out cushion gas injection over multiple years 
has a pronounced effect on LCOS. In contrast, in low electricity price 
systems, H2 is cheaper and the relative importance of cushion gas in the 
LCOS is reduced, which helps to explain the different magnitudes of the 
cost impacts observed between the two electricity price regimes.

This relationship is captured in Eq. (4), where H2 cost scales with 
electricity price and the energy required for electrolysis (≈39.44 kWh/ 
kgH2). The function g

(
costelectricity, i

)
acts as a weighting factor between 

0 and 1, describing the proportion of the H2 production cost that elec
tricity represents, reflecting that electricity price is not the sole deter
minant of H2 production cost. At lower electricity prices, g tends to be 
closer to 0 because other factors—such as fixed costs, utilisation rates, 
and system efficiency—dominate. At higher electricity prices, g ap
proaches 1, indicating that electricity becomes the primary driver of H2 
cost. This formulation ensures that the equation captures the combined 
influence of electricity price and operational constraints rather than 
attributing H2 cost exclusively to electricity price.

Taken together, the production plateau (− 1.028 to − 1.029 PJ yr− 1; 
CV ≤ 0.40%) and the uniform LCOS decline across all scenarios (Figs. 7 
and 8) show that deferring cushion-gas investment by up to a decade 
both preserves long-term performance and reduces LCOS by up to 11.6% 
(€/kgH2) to 13.1% (€/MWh). The larger percentage reduction on an 
energy basis (€/MWh), compared to a mass basis (€/kgH2), is consistent 
with the higher volumetric energy content of CH4 relative to H2. By this 
effect early-phase CH4 mixing yields slightly more MWh per unit volume 

Fig. 8. LCOS over years of injection for the Multi-Use scenarios (2) and (4).
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of gas recovered from the store, lowering the energy-normalised LCOS. 
The operational penalty consisting of transient composition swings di
minishes naturally as the store matures and aligns with a developing H2 
value chain and reduction in greenhouse gases over the next couple of 
decades. The results of this part of the study highlight the validity of our 
first hypothesis, i.e., that the system can be engineered to avoid the 
degradation of the long-term performance of the UHS when injecting the 
cushion gas over multiple years. In addition, the initial fluctuations in 
gas composition remain manageable at a reasonable cost, with less than 
0.03 and 0.04 percentage points of variation in LCOS (€/kgH2 and 
€/MWh respectively) when scaling the OPEX to account for these vari
ations relative to an assumed constant OPEX value across scenarios. This 
demonstrates a novel approach to handling the deployment of cushion 
gas without impeding the long-term sustainability of the storage oper
ation and underpins the economic discussion in the next section.

4.2. Co-locating CO2 storage with UHS – what are the benefits?

The co-located CO2 storage service LCOS of approximately 22 €/tCO2 
is comparable to a mid-range cost from published values ranging from 
1.8 to 35.3 €/tCO2 [52,53]. This value reflects the cost of the storage 
operation only and should not be conflated with the total cost of CO2 
capture, compression, and transport, which would raise the full CCS 
chain cost to somewhere in the range of 29.2 to 176.0 €/tCO2, consistent 
with ranges reported for depleted field storage in the literature [52]. As 
there is no compressor in the CO2 storage configuration, the storage 
LCOS shows little dependence on the electricity price scenario, 
remaining at 22 €/tCO2 between the high- and low-power cases. How
ever, this near-constant absolute cost translates into different propor
tional increases in H2 LCOS in the two regions, because the underlying 
H2 cost base differs.

In the high-electricity-cost multi-use case (scenario series 2), we 
compared the four Monte Carlo LCOS distributions for scenarios A–D, 
corresponding to cushion-gas injection over 1, 2, 5, and 10 years, using a 
Kruskal–Wallis test. This non-parametric comparison was used because 
the LCOS outputs were not assumed to be normally distributed. Effect 
size was quantified using epsilon squared (ε2), which indicated that the 
choice of cushion-gas injection schedule explained approximately 15% 
of the variation in ranked LCOS values. In practical terms, this effect is 
expressed mainly as a shift in the centre of the LCOS distribution: 
spreading cushion-gas injection from 1 year (A) to 10 years (D) lowers 
the median LCOS from 2.90 to 2.61 €/kgH2, a reduction of 0.29 €/kgH2. 
The uncertainty spread of each scenario is shown separately by the 
P10–P90 ranges in Fig. 8. This is notable because, although electricity 
prices are largely outside the operator's control [54], the cushion-gas 
injection schedule is an internal design lever that can materially 
reduce expected LCOS. This saving compensates some of the added cost 
of co-locating CO2 storage, which raises LCOS by 0.36 €/kgH2, so that the 
net cost of adding CO2 storage when the cushion gas is injected over 10 
years is only 0.07 €/kgH2, corresponding to a relative increase of around 
3% compared with the H2-only case with all cushion gas injected in year 
one – the current most common and most investigated form of devel
oping a UHS reservoir in porous reservoirs. That small premium could be 
offset by charging as little as 5 €/tCO2 for the CO2 storage service, 
allowing the operator to either convert the remaining 17 €/tCO2 out of 
the 22 €/tCO2 storage LCOS into profit, or make CO2 storage more 
cost-competitive and bring the whole CCS supply chain LCOS closer to a 
carbon price similar to the Emissions Trading Scheme (ETS) credit value 
of ~80€/ton in 2024. Crucially, this cross-subsidy works only one way: 
the cost of CO2 storage itself cannot be reduced by spreading the cushion 
gas over multiple years as there is no cushion gas in that service. So, 
there is no analogous “saving” on the CO2 side that could be passed back 
to H2 storage.

In low electricity price markets, such as our scenario (4) case with 
mean electricity costs of 35 €/MWh, the economics of spreading the 
injection of cushion gas looks quite different. Because H2 is cheaper in 

this scenario due to low electricity cost, the cost saving from spreading 
cushion gas injections over time is reduced. Specifically, we find a 
reduction of 0.18 €/kgH2 relative to the year-one cushion gas emplace
ment case (front-loaded case). In this low-electricity-cost case, the 
Kruskal–Wallis comparison across scenarios A–D (1, 2, 5, and 10 years of 
cushion-gas injection) gave an effect size of ε2 ≈ 0.08, indicating that the 
injection schedule explains only about 8% of the variation in ranked 
LCOS values. In practical terms, this corresponds to a modest shift in the 
centre of the LCOS distribution, with the median decreasing by 0.18 
€/kgH2 between the 1-year and 10-year cases, rather than a large change 
in distribution spread. At the same time, the added cost of providing co- 
located CO2 storage remains at 0.36 €/kgH2, so the saving from injecting 
cushion gas over a decade does not compensate for the CO2 storage 
premium. The net cost of adding CO2 storage when cushion gas is 
injected over 10 years is therefore 0.18 €/kgH2, corresponding to a 9% 
increase relative to the H2-only with all cushion gas in the 1st year 
baseline. Offsetting this much larger premium would require a CO2 
storage fee of approximately 12 €/tCO2, which would leave only around 
10 €/tCO2 out of the 22 €/tCO2 as profit. The ability of UHS to subsidise 
CO2 storage without increasing the net cost of UHS operations thus di
minishes by about 40% in low electricity-price settings.

Across both high and low electricity-price regimes, using CO2 storage 
fees alone to pay for the UHS infrastructure is infeasible. Recovering the 
full UHS cost solely from CO2 revenues would require storage tariffs in 
the range of ~140–185 €/tCO2, far exceeding current and projected 
prices in the EU ETS and at the high end, or exceeding, typical estimates 
for the full CCS chain cost 30 – 176 €/tCO2 [52]. Such levels would be 
uncompetitive with alternative decarbonisation options and are unlikely 
to be politically or economically acceptable. This underscores that 
co-located CO2 storage is the primary beneficiary of co-location rather 
than UHS. Although, in high electricity-price settings, CO2 storage can 
also be viewed as a complementary revenue stream that can partly offset 
UHS costs.

Beyond the direct cost interactions quantified above, co-locating CO2 
storage with UHS also creates a distinct strategic advantage for H2 
production by steam methane reforming (SMR) with carbon dioxide 
capture in cases where bulk H2 storage is of value. In the modelled 
system, the geometry of the storage complex allows for the annual 
storage of 118% of the CO2 generated using SMR to produce the H2 
cushion gas. By providing a dedicated CO2 storage sink, the dual-service 
facility enables “SMR H2” used as cushion gas to be rendered effectively 
net-zero in less than a year of injection. This means that operators of co- 
located systems could access a cheap source of H2 for cushion gas, 
potentially allowing a region with a diversity of H2 producer technolo
gies to benefit from a centralised storage system. However, our low 
electricity-price case study shows that when H2 is cheaper, the incre
mental benefit of staggering cushion gas injections is greatly reduced, so 
there is an inherent feedback between the choice of H2 production 
pathway and the value of staggering cushion gas. In addition, geological 
storage is expected to degrade H2 purity [19], which may make sense to 
store lower-purity SMR H2 rather than high-purity electrolyser-based 
H2, particularly if SMR plants already possess gas purification infra
structure that could be shared with storage operations. Future work 
should therefore clarify the boundaries between SMR producers, storage 
operators, and H2 off-takers, and systematically explore how these 
techno-economic feedbacks and potential cost savings are allocated 
among the different actors.

5. Conclusions

SSTs in general and large-scale storage in particular are critically 
important for developing and operating sustainable low-carbon energy 
systems. In this study we introduce a multi-use vision of a subsurface 
storage hub. We consider both the spatial and temporal dimensions of 
the multi-use case. Spatially, we assume that CO2 storage and UHS op
erations can be co-located at the land surface, and in the deep subsurface 
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the natural gas and H2 storage can share the same geological storage 
reservoir. Temporally, we carefully consider the transition dynamics as 
energy system needs and decarbonisation targets are met.

Using mechanistic modelling of gas injection and withdrawal along 
with economic analyses, we demonstrated how phasing the emplace
ment of the H2 cushion gas (≥5 years) reduces LCOS by ~3.4–13.2% and 
smooths early cash requirements, aiding bankability without compro
mising energy output. We found that early composition swings in 
withdrawn gas are measurable (e.g., up to ~9% CH4 energy share) but 
diminish with time, hence not impairing long-term forecasting and op
erations. Steady-state CH4 energy in the withdrawn H2 settles to near 2.3 
to 2.6%, simplifying gas-quality management.

We illustrated how the co-location of UHS and CO2 storage offers the 
possibility of deploying the cushion gas required for UHS operations 
over multiple years which can lead to a reduction of the CO2 storage cost 
on a €/tCO2 basis.

Overall, a phased conversion of partially depleted gas reservoirs to 
H2 storage service, co-located with CO2 storage, offers a technically 
stable and economically advantageous route to seasonal storage that is 
aligned with near-term market realities and long-term decarbonisation 
objectives. It also offers flexibility in when to transition to a full UHS 
system in step with the growth of the hydrogen economy.
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