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Introduction 
 
The last two decades have seen a dramatic increase in the market share of independent, non-utility 
generators (NUGs) relative to traditional, utility-owned generation assets. Accordingly, the “buy 
versus build” decision facing utilities – i.e., whether a utility should sign a power purchase 
agreement (PPA) with a NUG, or develop and own the generation capacity itself – has gained 
prominence in the industry. Specific debates have revolved around the relative advantages of, the 
types of risk created by, and the regulatory incentives favoring each approach.1 Very little of this 
discussion has focused specifically on publicly owned electric utilities, however, perhaps due to the 
belief that public power’s tax-free financing status leaves little space in which NUGs can compete. 
With few exceptions (Wiser and Kahn 1996), renewable sources of supply have received similarly 
scant attention in the buy versus build debate. 
 
In this report, we revive the “buy versus build” debate and apply it to the two sectors of the industry 
traditionally underrepresented in the discussion: publicly owned utilities and renewable energy. 
Contrary to historical treatment, this debate is quite relevant to public utilities and renewables 
because publicly owned utilities are able to take advantage of some renewable energy incentives 
only in a “buy” situation, while others accrue only in a “build” situation. In particular, possible 
economic advantages of public utility ownership include: (1) the tax-free status of publicly owned 
utilities and the availability of low-cost debt, and (2) the renewable energy production incentive 
(REPI) available only to publicly owned utilities. Possible economic advantages to entering into a 
PPA with a NUG include: (1) the availability of federal tax credits and accelerated depreciation 
schedules for certain forms of NUG-owned renewable energy, and (2) the California state 
production incentives available to NUGs but not utilities. 
 
This report looks at a publicly owned utility’s decision to buy or build new renewable energy 
capacity – specifically wind or geothermal power – in California. To examine the economic aspects 
of this decision, we modified and updated a 20-year financial cash-flow model2 to assess the 
levelized cost of electricity under four supply options:3  
 
1. public utility ownership of new geothermal capacity,  
2. public utility ownership of new wind capacity,  
3. a PPA for new geothermal capacity, and  
4. a PPA for new wind capacity. 
 
Within these four options, we consider multiple sensitivity scenarios intended to inform our 
analysis. We focus on geothermal and wind because both resources are abundant and, in some 
cases, potentially economic in California.4 Our analysis is not intended to provide precise estimates 
of the levelized cost of electricity from wind projects and geothermal plants; nor is our intent to 
                                                 
1 The August/September 1993 issue of The Electricity Journal (Volume 6, Number 7) was almost entirely devoted to the 
“buy versus build” debate. 
2 First described in Wiser and Kahn (1996). 
3 The California Consumer Power and Conservation Financing Authority has recently adopted a hybrid buy/build 
approach for wind, in which the Authority plans to purchase power from privately owned wind plants for the first 10 
years (in order to capture the federal production tax credit), with an option to buy the plant in year 11 (once the tax 
benefit is exhausted). We have not modeled this approach due to the difficulties in determining the plant’s fair market 
value in year 11. 
4 With modest effort, this analysis could be extended to biomass, photovoltaic, and solar-thermal electric resources.   
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compare the levelized costs of wind and geothermal power to one another.5 Instead, our intent is 
simply to compare the possible costs of buying wind or geothermal power to the costs of building 
and operating wind or geothermal capacity under various scenarios.6 Of course, the ultimate 
decision to buy or build cannot and should not rest solely on a comparison of the levelized cost of 
electricity. Thus, in addition to quantitative analysis, we also include a qualitative discussion of 
several important features of the “build vs. buy” decision not reflected in the economic analysis. 
 
The motivation for this report comes in part from the needs of the Public Power Renewable Energy 
Action Team (PPREAT), an organization currently comprised of representatives from publicly 
owned utilities in California whose purpose is to facilitate the development of large amounts of 
renewable generation to serve public power loads. This report is meant to inform PPREAT’s course 
of action as it works towards its goals. As such, much of our analysis is California-specific (e.g., we 
include a California Energy Commission production incentive in our quantitative analysis).7  
 
The remainder of this report proceeds as follows. First we provide a brief description of the 
financial cash flow model used for our economic analysis and highlight our modeling assumptions. 
Next we present the results of our modeling exercise, including several variations on our four 
supply options designed to gauge the sensitivity of our results to variations in equity returns, 
incentive levels, and other variables. We then couch our quantitative results in terms of a qualitative 
discussion of several factors not apparent in the economic analysis but that can and should affect a 
utility’s decision to buy or build renewable generation capacity. After brief concluding remarks, 
Appendix A presents detailed output from four model runs. 
 
Model Description 
 
Our cash-flow model consists of a spreadsheet containing projected cash flows for representative 
wind and geothermal projects from 2002 (when construction occurs) through 2022 (i.e., a twenty-
year operational life).8 Projected cash flows are based on input assumptions that are derived from 
industry standards and through discussions with wind and geothermal developers. Because we are 
concerned solely with ownership comparisons rather than technology or resource comparisons, in 
some cases we have standardized or simplified our input assumptions in order to facilitate 
comparison. 
 
Our models of NUG ownership and public utility ownership are intended to crudely replicate the 
tools actually used by the respective industries. Because our interest is in comparing the costs of 
renewable energy across ownership options, a simplified representation of the actual models used 
by industry should be sufficient. 
 

                                                 
5 Direct comparisons of the cost of wind and geothermal cannot be made without also quantifying the value of baseload 
power (in the case of geothermal) relative to intermittent power (in the case of wind), the correlation between wind 
generation and load, and the additional nameplate wind capacity required to provide the same amount of electricity as a 
geothermal plant over the course of a year due to differences in capacity factors. 
6 Note that our “build” case allows for publicly owned utilities to contract with private companies for development, 
construction, and operations and maintenance services. 
7 Again, with modest effort, this analysis could be extended to other states and situations. 
8 While some wind and geothermal projects may be designed for a 30-year (or longer) life, we limited our analysis to a 
20-year project life to reflect our belief that most utilities will not be willing to sign a PPA longer than 20 years. 
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• For NUG ownership and sale (i.e., the “buy” options), the model uses an iterative process to 
optimize the capital structure (i.e., debt/equity ratios) and price of electricity in order to meet 
minimum debt service coverage ratio (DSCR) and internal rate of return on equity (IRR) 
constraints. The model outputs are the fixed price of energy (escalating at 1%/year9) that a NUG 
would be willing to offer a utility through a long-term (20-year) PPA, as well as the optimized 
capital structure. For ease of comparison, we convert this price stream into a nominal levelized 
cost of electricity using the utility’s 5.0% cost of debt as the discount rate. 
 

• Under public utility ownership (i.e., the “build” options), the model simply adjusts the price of 
electricity to where projected revenues equal operating expenses and debt payments on a yearly 
basis (i.e., to where the DSCR equals one). Model output represents the nominal levelized cost 
of energy from the facility over a 20-year period, assuming a utility discount rate of 5.0%. 

 
Table 1 lists the input assumptions for each of the four supply options, many of which are briefly 
described below. 
 
• 

                                                

Project Structure, Size, Capacity Factor, and Capital Costs:  We assume that all projects are 
fully integrated (e.g., the geothermal developer does not purchase steam from a third party, but 
rather develops the steam field as well) and sited on leased land. The wind and geothermal 
projects are assumed to be sizable, at 50 MW of nameplate capacity.10 Assumed capacity 
factors11 and capital costs12 are intended to be representative of recent projects.13 Capital costs 
could be much higher if the project is sited far from existing transmission lines and the project is 
responsible for the cost of interconnection. 

 

 
9 While conventional wisdom holds that power purchase agreements typically escalate at the rate of inflation (or perhaps 
slightly less), recent wind and geothermal contracts signed by the California Department of Water Resources contain no 
escalation factor. Likewise, wind project proposals before the California Consumer Power and Conservation Financing 
Authority also contain no escalation factor. Because in both of these cases the contract term is only 10 to 12 years, and 
because the risk of inflation is obviously greater over 20 years than over 10 years, we have included an escalation factor 
in our model, but have purposely kept it low, at 1% per year. 
10 While individual utilities might seek smaller projects, joint purchases could easily exceed 50 MW. All else equal, 
smaller projects will have higher per-MW costs. 
11 Although both projects are 50 MW in nameplate capacity, the difference in capacity factors between geothermal and 
wind mean that a 50 MW geothermal plant will generate roughly 3 times more electricity each year than will a 50 MW 
wind plant. 
12 Assumed capital costs are distilled from a variety of sources, including DOE/EPRI (1997), Wiser and Kahn (1996), 
conversations with geothermal and wind developers, project proposals before the California Consumer Power and 
Conservation Financing Authority, and McKay (2001). 
13 Our model is not detailed enough to break out construction financing costs or financing and legal fees. Although our 
model does not allow for a separable evaluation of the impacts of these construction-related costs on total project costs, 
we are de facto assuming that the effect on the buy vs. build decision is a wash – e.g., publicly owned utilities may incur 
lower construction financing costs than a NUG, but at the same time cannot depreciate those costs (while a NUG can). 
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Table 1.  Model Assumptions 
 

 Wind Geothermal 
Variable Buy Build Buy Build 

Capacity 50 MW 50 MW 50 MW 50 MW 
Capacity Factor 30% 30% 95% 95% 
Installed Capital 
Cost ($2002) $1000/kW $1000/kW $2500/kW $2500/kW 

Variable Costs 
($2003) 

1.0¢/kWh, escalates 
with inflation 

1.0¢/kWh, escalates 
with inflation 

1.75¢/kWh, escalates 
with inflation 

1.75¢/kWh, escalates 
with inflation 

Royalties Land royalties incl. 
in variable costs 

Land royalties incl. 
in variable costs 

4% of annual power 
sales revenue 

4% of annual power 
sales revenue 

Property Tax 1.1% of book value 1.1% of book value 1.1% of book value 1.1% of book value 

Capital Structure Flexible, optimized 
to minimize cost 100% Debt Flexible, optimized 

to minimize cost 100% Debt 

Debt Interest Rate Long-term = 7.5% 
Short-term = 7.5% 5.00% Long-term = 7.5% 

Short-term = 7.5% 5.00% 

Debt Amortization 
Period 

Long-term = 15 yrs 
Short-term = 5 yrs 20 yrs Long-term = 15 yrs 

Short-term = 5 yrs 20 yrs 

Debt Amortization 
Schedule 

Mortgage-style 
repayment 

Mortgage-style 
repayment 

Mortgage-style 
repayment 

Mortgage-style 
repayment 

Debt Service 
Coverage Ratio Minimum of 1.5 No project-specific 

requirement Minimum of 1.5 No project-specific 
requirement 

Equity Cost 15% N/A 18% N/A 
Inflation Rate (EIA) 2.3%/yr 2.3%/yr 2.3%/yr 2.3%/yr 
Tax Depreciation: 

5-yr MACRS 
 

100% of total cost N/A  
70.3% of total cost N/A 

Depletion: 
Cost Method 

Percentage Method 
N/A N/A 

8% of total cost: 
(Depletable Base)/20 
15%*(35%-4%)*rev. 

N/A 

First Year Expensing N/A N/A 18% of total cost N/A 
Effective Income 
Tax Rate 40.7% N/A 40.7% N/A 

Federal Production 
Tax Credit (PTC, 
$2003) 

1.8¢/kWh, escalates 
at inflation for 10 yrs N/A N/A N/A 

Federal Renewable 
Energy Production 
Incentive (REPI, 
$2003) 

N/A 

1.8¢/kWh, escalates 
at inflation for 10 

yrs, subject to 
annual allocation 

N/A 

1.8¢/kWh, escalates at 
inflation for 10 yrs, 

subject to annual 
allocation 

Federal Investment 
Tax Credit (ITC) N/A N/A 10% of installed cost 

in year zero N/A 

CEC Production 
Incentive ($2003) 

0.75¢/kWh for 5 
years, no escalation N/A 0.75¢/kWh for 5 

years, no escalation N/A 

Discount Rate 5.0% 5.0% 5.0% 5.0% 
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Variable Costs, Royalties, and Property Taxes:  Rather than treating ongoing operations and 
maintenance (O&M) expenses, land leases, insurance, and administration and management fees 
individually, we rolled many of these costs into a composite ¢/kWh number.14 In addition, we 
assume that geothermal projects pay royalties equal to 4% of power sales revenue to the 
landowner, while the 2%-3% royalties commonly paid by wind projects are captured in the 
1.0¢/kWh composite variable cost.15 We further assume that property taxes are equal to 1.1% of 
installed costs for all four supply options.16 It is important to note that our assumption of O&M 
input cost equivalence across ownership types is a simplification, and may not be correct. For 
example, to the extent that risk is transferred between the parties differently in the build versus 
buy options, these risks may be priced accordingly. Similarly, property taxes may in some cases 
be lower for public utilities than for NUGs. We address some of these issues in a more 
qualitative fashion later. 

 

Debt Amortization Periods and Interest Rates:  In both “buy” options, we assume that a 
NUG would utilize both short- (5-year) and long-term (15-year) debt in order to better take 
advantage of what would otherwise be excess debt service coverage in the early years created by 
the 5-year California Energy Commission (CEC) production incentive. The model optimizes 
both the overall debt/equity ratio as well as the proportion of short- and long-term debt in order 
to minimize costs. For purposes of debt service coverage ratios, we assume that the short- and 
long-term debt is concurrent, rather than one being senior and the other subordinated.17 We do 
not allow debt service coverage ratios to fall below 1.5 in any year.18 In both “build” options, 
we simply assume that the public utility finances the project entirely through 20-year debt at a 
typical tax-free debt interest rate of 5.0% and with no DSCR.19 We assume mortgage-style debt 
repayment in all four supply options. 

 

 
14 Assumed variable costs are derived from DOE/EPRI (1997), Wiser and Kahn (1996), and conversations with 
geothermal and wind developers. 
15 It is more important to break out royalties for geothermal than it is for wind, because royalties shift some of the value 
of depletion allowances from the lessee (i.e., the NUG or public utility) to the lessor (i.e., the landowner).  
16 The implication of this assumption is that the effective rate of project depreciation for property tax purposes is 
equivalent to the inflation rate. 
17 This assumption results in interest rates being slightly higher than otherwise, as collateral is effectively shared 
between the two loans. For simplicity’s sake, we have assumed that both the short- and long-term debt carry an interest 
rate of 7.5%, which admittedly is inconsistent with the term structure of interest rates under a positively sloped yield 
curve. 
18 While conversations with developers suggest that required minimum debt service coverage ratios (DSCR) may range 
from as low as 1.25 for wind to as high as 2.0 for some geothermal projects, we hold both wind and geothermal to the 
same standard – a minimum DSCR of 1.5 – for the sake of simplicity. Though not reflected in our model, lenders may 
also subject the DSCR to various stress tests, and may require a minimum average DSCR over the life of the debt. In 
other words, our treatment of DSCR is a simplification of both the flexibility and requirements seen in the financing of 
actual projects. We did look at several model runs requiring a minimum average DSCR of 1.75 (in addition to the 
minimum annual requirement of 1.5), and the effect on the levelized cost of electricity was negligible. 
19 These assumptions are consistent with the approach used by many municipal utilities, but perhaps not rural 
cooperatives. We did not consider the case where one or more public utilities creates a joint powers authority (JPA) to 
develop the project. While public utilities have used JPAs in the past as a means of isolating their other assets from the 
risk of the project under development, it is not clear that setting up such an arms-length relationship poses any 
significant financial differences from the case in which the public utility simply develops the project “internally” (i.e., 
the case considered here). One potential difference could be if the JPA is financed only by revenue bonds linked 
specifically to the project’s future revenue stream, in which case the structure becomes more analogous to project 
finance in the private sector, which typically carries a higher cost of capital. 

 9 



Equity Cost:  Equity costs can vary significantly across projects: recent wind projects, for 
example, have seen equity costs that range from 12% to 22%. Except when explicitly testing 
sensitivity to IRR, we assume that geothermal developers require a 3% higher IRR than wind 
developers (i.e., 18% instead of 15%) based on conversations with both types of developers. 
The higher rate of return required by geothermal developers may be warranted due to greater 
risks in production, including the risk that the steam field will decline in productivity prior to the 
amortized life of the project. 

• 

• 
 

Tax Depreciation, Depletion, and Expensing:  NUG-owned wind and geothermal projects are 
eligible to use the 5-year Modified Accelerated Cost Recovery System (MACRS) for 
depreciating capital assets. While it is unclear whether all elements of a project (e.g., access 
roads) qualify for 5-year MACRS, we make the simplifying assumption that 100% of a project’s 
depreciable base can take advantage of this schedule. Thus, we depreciate 100% of a wind 
project’s installed cost using 5-year MACRS. Geothermal assets are typically classified as 
depreciable, depletable, or expensable. Table 2 shows our assumptions for what portion of a 
project falls into each category.20 Only the costs associated with the power plant and the 
tangible aspects of well drilling (e.g., well casings) are depreciable; these cover 74% of the total 
project costs, and this is also the portion to which the 10% investment tax credit (ITC, discussed 
below) applies. Applying the ITC, however, further reduces the portion of the project that can 
be depreciated by 5% (i.e., half of the 10% ITC) of 74%, or 3.7%, thereby leaving the 
depreciable base at 70.3%. As with wind, we make the simplifying assumption that the entire 
depreciable base uses 5-year MACRS. Land costs related to wells are considered depletable, 
using either the cost or percentage methods, whichever is more advantageous. For cost 
depletion, we assume that our 8% depletable base will be depleted evenly over 20 years (i.e., the 
assumed life of the project), while the percentage method allows the project to deduct 15% from 
35%21 of power sales revenues less any royalties paid (in this case, 4%), capped at 50% of 
taxable income prior to figuring depletion. In general, projects use cost depletion in early years 
when operating at a taxable loss, and switch to percentage depletion once they have sufficient 
taxable income. Finally, the intangible portion of well costs, which we assume to be 18% of 
total project costs, is expensed in the first year of operation. 

 
Table 2.  Tax Assumptions for NUG Geothermal Project 

 

 Depreciable Depletable Expensable 
Power Plant 62% - - 
Steam Field – Wells 12% - 18% 
Steam Field – Land - 8% - 

Total 74% (70.3%) 8% 18% 
 
 
• 

                                                

Federal Tax Credits and REPI:  Authorized by EPAct, both the federal production tax credit 
(PTC) and its public power counterpart, the REPI, stood at 1.7¢/kWh in 2000. At the Energy 
Information Administration’s assumed 2.3% rate of inflation, both will increase to 1.8¢/kWh in 
2003, the first full year of production in our model. The PTC can be used by NUG wind 

 
20 These assumptions either follow or are very close to the default values in FATE2-P (NREL 1996), and are consistent 
with indications from geothermal developers. 
21 35% represents the portion of revenue attributed to the steam – the depletable resource. 
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projects, but not geothermal projects; NUG-owned geothermal projects are eligible for a 10% 
investment tax credit (ITC), as mentioned above. The REPI, meanwhile, is applicable to both 
publicly owned wind and geothermal facilities. Of course, there is some risk that the PTC and 
REPI, which are slated to expire at the end of December 2001 and September 2003, 
respectively, may not be extended. Furthermore, unlike the PTC, the REPI is subject to annual 
congressional appropriations that can change the value of the incentive from year to year, 
effectively rendering it un-bankable to most utilities (Wiser and Pickle 1997). Because of these 
uncertainties, we conduct sensitivity runs both with and without the PTC, and at various REPI 
levels. 

 

• 

• 

                                                

CEC Production Incentive:  Going forward, the CEC plans to hold biennial auctions of 5-year 
production incentives from its New Renewable Resources Account. In the past, these auctions 
have been capped at 1.5¢/kWh, with accepted bids in the first three auctions ranging from 
0.26¢/kWh to 1.49¢/kWh, with an overall weighted average of 0.74¢/kWh. In our two “buy” 
options, we assume that a NUG will be able to secure a 0.75¢/kWh production incentive for 5 
years – close to the weighted average incentive awarded to date. We also vary the level of the 
CEC incentive in a sensitivity analysis. This incentive is not available to publicly owned 
renewable facilities. 

 

Discount Rate:  Since we evaluate all supply options from the perspective of the public utility, 
we use our assumed cost of capital for public utilities – 5.0% – as the discount rate for all supply 
options. In other words, 5.0% is the rate that we use to convert the PPA contract price (which 
escalates at 1% per year) in the “buy” options and the utility’s stream of costs in the “build” 
options into a nominal levelized cost of electricity. 

 
Model Results 
 
Given the assumptions in Tables 1 and 2, Table 3 presents the model output in terms of the nominal 
levelized cost of our four supply options under six different cases. Because of the uncertainty 
surrounding both the PTC and the REPI, we report results for our four supply options under 
different assumptions about the availability of these incentives. In particular, Cases 1 through 3 vary 
the level of the REPI while assuming that the PTC for wind is extended in full, while Cases 4 
through 6 again vary the level of the REPI, while assuming that the PTC expires.22 
 

 
22 Assuming that the congressional appropriation for year 2001 REPI payments comes in at $4 million (the maximum 
amount ever appropriated to REPI) and that all Tier 1 projects (i.e., solar, wind, geothermal, and closed-loop biomass) 
that received REPI funding for year 2000 production apply for the same amount to cover year 2001 production, the 
REPI can support roughly 55 MW of incremental wind capacity with a 30% capacity factor before payments to all Tier 
1 facilities begin to decline on a pro rata basis. Tier 1 payments are cut in half when 150 MW of wind capacity comes 
on line, fall to 0.1¢/kWh once 1000 MW are added, and approach zero once 3000 MW are added. The equivalent 
incremental amounts of geothermal capacity with a 95% capacity factor are 18 MW, 45 MW, 330 MW, and 970 MW. 
Thus, assuming a $4 million appropriation, the addition of our 50 MW hypothetical project would already begin to cut 
into Tier 1 payments, especially for geothermal, potentially rendering the “Full REPI” cases unlikely. 
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Table 3.  Model Results 
 

   Nominal Levelized Cost (¢/kWh) 
   Wind Geothermal 

Case PTC?* REPI? Buy Build Buy Build 
1 Yes None 4.03 4.68 5.50 5.05 
2 Yes Half 4.03 4.05 5.50 4.39 
3 Yes Full 4.03 3.42 5.50 3.74 
4 No None 5.62 4.68 5.50 5.05 
5 No Half 5.62 4.05 5.50 4.39 
6 No Full 5.62 3.42 5.50 3.74 

*The PTC currently applies to wind only; geothermal is ineligible. 
 
Base Case Results 
Because most industry participants are confident that the PTC will be extended, and because 
publicly owned utilities often do not count on receiving the REPI given the uncertain appropriations 
process (Wiser and Pickle 1997), we view Case 1 (i.e., full PTC/no REPI) as the most likely and 
relevant of the six cases presented in Table 3, and therefore adopt it as our “base case.” In this case, 
a PPA for wind power is superior to wind ownership, while geothermal ownership is superior to a 
PPA for geothermal power. Specifically, in the case of wind, the value of the PTC to the NUG (as 
well as accelerated depreciation and the CEC incentive) more than offsets the tax-free financing 
advantage of publicly owned utilities in this case, allowing the NUG to offer a PPA that is 
0.65¢/kWh cheaper than the public utility could do on its own. Since NUG-owned geothermal 
currently receives the less-valuable ITC instead of the PTC, however, the lack of the REPI does not 
quite make a geothermal PPA cheaper than building and owning a facility, though the difference in 
Case 1 is only 0.45¢/kWh – a margin that could easily be overwhelmed by a number of factors (e.g., 
construction and operating risk) that are not reflected in Table 3 but are discussed in a more 
qualitative fashion in the next section. 
 
As shown in Appendix A, where we present model runs detailing the four supply options for Case 
1, the NUG wind project minimizes costs with a capital structure of 58.5% equity, 4.8% 5-year 
debt, and 36.6% 15-year debt. The relatively high equity portion is attributable to the PTC, which 
provides no debt service coverage and reduces required power sales revenues (through a lower 
price), thereby limiting the amount of debt that can be taken on without violating the minimum 
DSCR requirement of 1.5.23 The geothermal NUG, which receives the ITC instead of the PTC, 
minimizes costs with 38.2% equity, 6.4% 5-year debt, and 55.4% 15-year debt. Again, utility-
owned projects are assumed to be 100% debt financed. 
 
Other Results 
Table 3 shows the “build” option becoming increasingly attractive in Cases 2-6 as the level of the 
REPI increases (Cases 2 and 3) and as the PTC expires (Cases 4-6 for wind only). Although we 
view Cases 2-6 as less likely than our base case (i.e., Case 1), we present all six cases in the event 
that the reader holds a different probabilistic view. A wind PPA, which was 0.65¢/kWh cheaper 
than public ownership in our base case, can be up to 2.19¢/kWh more expensive than public 
ownership in the case where there is no PTC but a full REPI (i.e., Case 6). A geothermal PPA, 

                                                 
23 The 58.5% equity component is higher than the roughly 50% equity portion we expected, and may reflect the fact that 
we are using a simplified model to compare ownership structures. 
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meanwhile, ranges from 0.45¢/kWh more expensive than public ownership in our base case to 
1.76¢/kWh more expensive when the full REPI is considered (i.e., Cases 3 and 6). The more 
extreme swings in the relative value of a wind PPA versus public ownership reflect the large value 
of the PTC. 
 
Base Case Sensitivity to IRR Requirements 
In this section, we perform sensitivity analysis on our base case (i.e., Case 1) assumptions.24 Figure 
1 shows the sensitivity of our four supply options (in Case 1 or full PTC/no REPI mode) to changes 
in equity IRR requirements over a range of 10% to 24% (with base-case assumptions of 15% for 
wind and 18% for geothermal denoted by circles). Note that the “build” options are unaffected by 
changes to IRR, since they are fully debt-financed. 
 
Under base case assumptions, utility ownership of wind capacity only begins to look comparably 
attractive to a PPA as IRR requirements approach the upper end of our range. Conversely, 
geothermal NUGs would have to accept an unusually low IRR of 10% in order to match the 
economics of a publicly owned facility. Note that changes in IRR requirements affect wind more 
than geothermal due to wind having a higher fixed-to-variable cost ratio than geothermal, meaning 
that changes to key financing assumptions have a larger impact on the levelized cost of wind. 
 

igure 1.  Sensitivity of Case 1 (Full PTC/No REPI) to IRR Requirements 
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The CEC’s 5-year production incentive for NUG projects p
“buy” options. Though our six scenarios presented earlier assume that a 0.75¢/kWh incentive is 
available to NUGs, the level of available incentive could easily range from 0¢/kWh to 1.5 ¢/kWh
Figure 2 shows the effect of varying the CEC production incentive level within base case 

 
24 Space limitations prevent us from presenting sensitivity analysis on all six cases shown in Table 3. Instead, we have 
chosen what we feel to be the most likely scenario going forward – a full extension of the PTC, and a REPI that cannot 
be banked with any confidence – as our base case from which to conduct sensitivity analysis. 
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Even in the event that a NUG fails to capture any CEC incentive, buying wind power is still ro
0
1.5¢/kWh CEC incentive can match the economics of a publicly owned facility, even without 
access to the PTC. 
 
Summary 
T
and the RE
always cheaper for a public utility to buy wind capacity rather than to build it, except perhaps in 
situations where the NUG offering the PPA requires an IRR in excess of today’s industry standards 
(i.e., >18%) and is unable to secure a production incentive from the CEC. 
 
Geothermal presents a different picture: our model suggests that it is almos
p
the NUG offering the PPA is satisfied with an IRR that is well below industry standards (i.e., 
<11%) and/or is able to secure the full 1.5¢/kWh CEC production incentive. 
  
These quantitative results, however, neither tell the whole story nor present an
examination of plausible scenarios. To provide a more complete picture, we now 
discussion of qualitative considerations. 
 
 

 14 



Qualitative Considerations 
 
Construction and Operations Risk 
The risks that a power project will not be available on schedule, will be over budget, and will 
perform worse than expected are perhaps the largest factors not reflected in our quantitative 
analysis. Construction and operations risks are typically borne by the utility in a “build” situation 
and the NUG in a “buy” situation, though the NUG may commonly shift many of these risks to 
contractors through turnkey construction and O&M contracts. Thus, while a PPA might be priced at 
a premium due to the cost certainty it provides (we note that our model does not account for this), 
the alternative – taking on construction and operations risk – is precarious, particularly given the 
technologies involved.  
 
Utilities in general have had little experience building and operating large-scale wind and 
geothermal plants. This lack of experience – particularly with respect to geothermal facilities, which 
tend to be less standardized than wind farms – could lead to considerable cost overruns that could 
more than erase the financing advantage enjoyed by public utilities “going it alone.” Recall that in 
the Case 1 geothermal comparison, this financing advantage (also taking into account the value of 
the ITC, MACRS, and CEC incentives to the geothermal NUG) amounted to only 0.45¢/kWh (see 
Table 3) – perhaps an insufficient margin of protection should the project encounter difficulties.  
 
Of course, turnkey construction contracts and fixed-price O&M arrangements are just as available 
to utilities as they are to NUGs and can limit much of this risk, but only at a price. Utilities, which 
have historically focused on cost minimization rather than cost certainty, have generally been slow 
to make use of such contracts (Luftig 1993), though their use may be more prevalent for renewable 
energy projects than for non-renewable ones. 
 
Geothermal and the PTC 
NUG-owned geothermal projects currently receive the ITC (a first-year tax credit equal to 10% of 
installed costs) instead of the PTC (a 10-year production tax credit that stood at 1.7¢/kWh in 2000 
and escalates at the rate of inflation). While the ITC may be less politically vulnerable than the 
PTC, it is also worth considerably less. Spreading the value of each incentive over a twenty-year 
project life reveals that the ITC is worth 0.37¢/kWh to a geothermal project operating under our 
assumptions in Tables 1 and 2, while the PTC would be worth 1.47¢/kWh. 
 
Within broader efforts to extend the PTC beyond 2001 there is also a movement to add geothermal 
to the list of eligible technologies. We therefore ran a scenario in which geothermal receives the 
PTC but not the ITC. The result is a net reduction in the cost of the geothermal PPA of 1.10¢/kWh 
(i.e., +0.37¢/kWh from losing the ITC and -1.47¢/kWh from gaining the PTC). Table 4 recaps our 
results from Table 3, substituting into the “Geothermal Buy” column a scenario in which 
geothermal is eligible for the PTC but not the ITC (all other columns contain the same numbers as 
Table 3). 
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Table 4.  Geothermal Becomes Eligible for the PTC (but not the ITC) 
 

   Nominal Levelized Cost (¢/kWh) 
   Wind Geothermal 

Case PTC?* REPI? Buy Build Buy Build 
1 Yes None 4.03 4.68 4.40 5.05 
2 Yes Half 4.03 4.05 4.40 4.39 
3 Yes Full 4.03 3.42 4.40 3.74 
4 No None 5.62 4.68 4.40 5.05 
5 No Half 5.62 4.05 4.40 4.39 
6 No Full 5.62 3.42 4.40 3.74 

*In this scenario, the PTC applies to both wind and geothermal. 
 
Under this scenario, the cost difference between geothermal ownership and a PPA narrows, with a 
PPA looking relatively more attractive. For example, a PPA for geothermal is cheaper than utility 
ownership in the case without the REPI (i.e., Cases 1 and 4), and essentially matches ownership in 
the case involving half of the normal REPI incentive level (i.e., Cases 2 and 5). 
 
Tax-Exempt Status 
Publicly owned utilities’ tax exempt status provides a financing advantage over NUGs, yet also 
precludes the use of tax-based renewable energy incentives. There is some indication, however, that 
the tax advantage of utility ownership may degrade in the future. In response to concerns from 
investor-owned utilities (IOUs) that public utilities enjoy an unfair advantage in competitive 
wholesale markets, the American Public Power Association and the Large Public Power Council 
(both representing public utilities) reached an agreement with the Edison Electric Institute 
(representing IOUs) in the summer of 2000. This agreement would protect the tax-exempt status of 
outstanding public power bonds and allow future tax-exempt issuances to finance distribution and 
transmission facilities, but not power plants (Bond Buyer 2000). In 2001, this agreement was 
reflected in a bill before Congress that died in committee.25 
 
To examine the most extreme outcome of ongoing legislative and regulatory proceedings regarding 
public power’s tax-exempt status, we looked at a scenario where bonds issued to finance public 
utility power plants completely lose their tax-exempt status. To reflect this scenario, we increased 
the 20-year bond yield from 5.00% to 7.25% (i.e., the taxable equivalent of a tax-free 5.0% yield, 
assuming a 40.7% effective income tax rate and adjusting for the fact that municipal bonds typically 
trade at higher yields than those implied by the tax-free equivalent of like-rated corporate bonds). 
Since publicly owned utilities’ cost of debt also serves as the discount rate for all supply options 
(i.e., buy and build), Table 5 presents an entirely new set of results:  the “build” columns reflect 
both a cost of debt and a discount rate of 7.25%, while the “buy” columns reflect a discount rate of 
7.25%. 
 

                                                 
25 Even if this industry agreement fails to become law, public utilities still must negotiate Internal Revenue Service 
(IRS) rules governing “private use” of publicly owned facilities (e.g., the sale of power from a tax-free power plant into 
the competitive wholesale market) or risk losing some or all of their tax-exempt status. Temporary rules governing such 
activity were updated in January 2001, and will remain in effect for only three years or until the IRS issues final 
regulations (or until Congress passes legislation codifying the agreement described in this paragraph). The uncertainties 
caused by a lack of permanent rules governing private use of public power plants may be another factor favoring “buy” 
over “build”. 
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Table 5.  Power Plant Bonds Become Taxable 
 

   Nominal Levelized Cost (¢/kWh) 
   Wind Geothermal 

Case PTC?* REPI? Buy Build Buy Build 
1 Yes None 4.00 5.27 5.46 5.51 
2 Yes Half 4.00 4.59 5.46 4.81 
3 Yes Full 4.00 3.92 5.46 4.11 
4 No None 5.58 5.27 5.46 5.51 
5 No Half 5.58 4.59 5.46 4.81 
6 No Full 5.58 3.92 5.46 4.11 

*The PTC currently applies to wind only; geothermal is ineligible. 
 
As shown, the results of this scenario are somewhat different from those presented in Table 3: it is 
cheaper to buy than build wind in Cases 1 and 2, while for geothermal, buy edges out build in Cases 
1 and 4 (i.e., the “no REPI” cases). Although in this scenario their bonds are no longer tax-exempt, 
public utilities retain a financing advantage over NUGs in that publicly owned plants are still 100% 
debt financed, with the cost of debt capital being about half the cost of equity capital. 
 
Property Taxes 
In general, publicly owned utilities pay property taxes only on the unimproved value of the land 
(i.e., not including capital improvements), whereas private developers must pay based on the full 
improved value of the land (i.e., including the value of the project). This distinction is not always 
clear-cut, however. Once a publicly owned utility ventures outside of its own municipality, it will 
be taxed like a NUG – i.e., based on the improved value of the site. And in a situation where a 
publicly owned utility leases a site from a private landowner, the landowner will presumably 
negotiate to make herself whole in terms of the additional property taxes she will face resulting 
from capital improvements. These are important considerations given that most of the known wind 
and geothermal resources are not located on municipally owned land. 
 
Furthermore, in the case of a publicly owned project, towns or counties frequently find creative 
ways to extract from the utility the value of the foregone taxes on capital improvements. Similarly, 
NUGs may offer to fund local infrastructure projects or make special payments – in addition to their 
tax liability – to towns or counties in the hopes of gaining support for proposed projects. The terms 
of such side agreements (made by both NUGs and publicly owned utilities) vary widely from one 
municipality to the next, and must be examined on a case-by-case basis to determine whether 
publicly owned utilities do in fact enjoy a property tax advantage over NUGs. 
 
Because of the uncertainties involved, we did not treat property taxes any differently in the buy and 
build model runs presented earlier in Table 3. Based on one estimate of the difference in property 
taxes between public and private wind projects (Wiser and Kahn 1996), however, we are able to at 
least look at this issue for wind. Table 6 shows the effect of this change; both the “Buy” and the first 
“Build” column recap results from Table 3 and are based on property taxes of 1.1% of book value, 
whereas the final “Build” column assumes a first-year property tax payment of $35,000, which 
escalates with inflation (Wiser and Kahn 1996). The reduction in the cost of the “Build” options is 
roughly 0.39¢/kWh, increasing the attractiveness of public utility ownership in instances where this 
property tax advantage can be exploited. As already mentioned, however, most publicly owned 
wind and geothermal projects are unlikely to be able to take advantage of this possible benefit.  
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Table 6.  Public Utilities Take Advantage of Lower Property Taxes 

 
   Nominal Levelized Cost (¢/kWh) 
   Wind 

Case PTC?* REPI? Buy Build 
Build 

(reduced taxes) 
1 Yes None 4.03 4.68 4.29 
2 Yes Half 4.03 4.05 3.66 
3 Yes Full 4.03 3.42 3.04 
4 No None 5.62 4.68 4.29 
5 No Half 5.62 4.05 3.66 
6 No Full 5.62 3.42 3.04 

*The PTC currently applies to wind only; geothermal is ineligible. 
 
Other Considerations 
Much of the previous discussion has revolved around tradeoffs either inherent to the “buy versus 
build” decision or else related to assumptions surrounding our analysis of that decision. There are a 
number of other considerations that also involve tradeoffs that are less easily quantified. Here we 
provide a brief description of some of the more important ones:  
 

Flexibility:  PPAs may add flexibility by preserving the utility’s reserve capital. Short-term 
PPAs in particular leave open many options (including the undesirable possibility of paying 
higher prices in the future once the PPA expires). In other ways, however, PPAs may detract 
from flexibility, since NUGs finance their projects based on up-front contractual agreements 
that are difficult to change or cancel once initiated (Luftig 1993). New renewable projects, in 
particular, may need 10 years of revenue certainty to obtain reasonably priced financing. 

• 

• 

• 

• 

 

Reliability:  Because take-and-pay provisions only compensate NUGs when their plant is 
available, NUGs generally have a strong incentive to provide highly reliable power (Sant 1993). 
In this sense, PPAs may enhance reliability. At the same time, however, contractual agreements 
have been broken, resulting in messy contract disputes that the legal system is ill-prepared to 
handle in a timely manner (Fessler 1993). Thus, while PPAs may enhance operational 
reliability, they can also increase the risk of major reliability events if a contract is breached. 
This risk must be weighed against the construction and operations risk described earlier and 
commonly associated with utility ownership. 
 

Price Risk:  Long-term fixed-price renewable PPAs, such as those assumed in our model, can 
serve as an effective price hedge against rising fuel or wholesale power costs. Once again, 
however, breach of contract in the event of extreme price movements is a risk that may favor 
building and owning renewable capacity rather than contracting for it. 
 

Market Power:  The use of market power can impact both the “buy” and “build” options. On the 
“buy” side, the exercise of market power in spot markets can also drive up the price of long-
term contracts, as has occurred in California. On the “build” side, owners of potential sites may 
be able to extract excessive rents from public utilities or NUGs seeking to develop the site. This 
concern is particularly relevant to renewable technologies such as wind and geothermal, whose 
economics are highly site-dependent. In California, developers and NUGs already have rights to 
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many of the promising geothermal and wind sites, perhaps making it difficult for a public utility 
to access such sites economically. 
 

Educational Value:  A publicly owned utility may place some value on gaining experience with 
building and operating renewable technologies, in which case it may be willing to either accept 
construction and operation risk or be willing to pay a premium for turnkey contracts that 
minimize such risk. Alternatively, a publicly owned utility may be more comfortable developing 
a long-term relationship with a NUG, therefore favoring a PPA situation. 

• 

• 
 

Joint Versus Individual Action:  While the buy and build options may be equally viable for an 
individual utility, a group of utilities considering a joint project may find negotiating a power 
purchase agreement to be less burdensome than trying to reach consensus on the many logistical 
issues involved in financing and building new capacity, although there are precedents for both 
approaches. 

 
Conclusions 
 
The “buy versus build” debate has often hinged on premises that are difficult to prove and even 
harder to quantify. Once one brings renewable energy and publicly owned utilities into the fray, 
however, there are very real and quantifiable differences between buy and build that relate mostly to 
the tax-free status of public utilities and their inability to take advantage of tax-based and California 
state incentives for renewable energy.  
 
In this report, we have analyzed the possible effect of various incentives available to public utilities 
and/or private NUGs on the economics of the buy versus build decision. Our analysis shows that 
under what is perhaps the most likely case for the availability of incentives going forward – i.e., 
Congress extends the PTC for wind power, geothermal remains eligible for the ITC but not the 
PTC, and the REPI either expires, is severely diluted by new capacity, or simply remains 
unbankable – a public utility is better off economically by purchasing wind power rather than 
building and owning new capacity. In this same case, public utility ownership of geothermal 
capacity enjoys a small advantage over a PPA arrangement. These margins are not always large, 
however, and one could easily reach opposite conclusions by altering a few of our assumptions. 
 
Going beyond the numbers, there are several qualitative considerations that favor purchased power. 
Perhaps the largest is the relative inexperience of public utilities in developing and operating large 
wind and geothermal plants, and the substantial construction and operating risks that could easily 
erode public power’s financing advantage. Additionally, and more specific to both California and 
the two technologies we considered – most of the best wind and geothermal sites in California are 
already tied up in easements or lease/option arrangements, perhaps making it difficult for a public 
utility not currently in control of a site to gain low-cost development access. 
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