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Risk of significant climate change continues to rise while degraded air quality persists in certain 

regions of the world. Zero emission vehicles provide one technological solution to these environmental 

issues. In the near term, forestry residue biomass could be a major resource for the production of these 

fuels (electricity and hydrogen) in the near term. Given that these biomass supplies are limited, their 

effective utilization is important if the maximum benefits are to be realized. This dissertation seeks to 

understand the optimal utilization of these forestry resources in California for fueling zero emission 

vehicles with a focus on the 2030 timeframe. Various biomass energy conversion plant designs were 

modeled in detail to understand the differences in energy efficiency, cost, and pollutant emissions. The 

remaining steps in the supply chain were modeled in varying levels of detail depending on the level of 

detail available in the literature.  

The application of stationary fuel cells was observed to be integral to maximizing energy efficiency 

and minimizing levelized costs for many of the plant designs. The least cost supply chain for producing 

fuels for zero emission vehicles on a per mile basis is through production of liquid hydrogen that is 
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liquefied using advanced liquefaction processes and stationary fuel cells at larger scale biomass energy 

conversion plants. However, hydrogen liquefaction significantly degrades the performance of the 

integrated biomass gasification plant unless advanced liquefaction processes and/or stationary fuel cells 

are utilized. A conflict between costs and environmental impacts exists where the largest biomass 

energy conversion plants exhibit the lowest levelized costs but also have the highest emission rates of 

NOx, PM2.5, and fossil fuel based GHGs with one exception, the integrated biomass gasification 

combined cycle design at high roadside feedstock costs. Although the highest offset of GHGs from the 

displacement of gasoline consumption is through the production of electricity from forestry biomass for 

plug-in electric vehicles, the production of hydrogen for fuel cell electric vehicles provides the lowest 

cost per unit of offset GHGs from the displacement of gasoline consumption.  
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1 Introduction 

1.1 Motivation  

Climate change continues to be observed, and the risk to many communities worldwide continues to 

rise as a result [1]. As climate change worsens, weather in certain regions with existing air quality 

challenges could be altered such that these air quality issues are exacerbated [2]. California is a leading 

economy with legislation to reduce greenhouse gas (GHG) emissions by 80% below 1990 levels [3]. The 

California GHG emission inventory by sector in Figure 2 shows that the transportation sector is the 

major contributor to GHG emissions, and therefore, must be a focus of GHG reduction efforts.  California 

has also faced severe air quality challenges, and although California has been successful in achieving 

major improvements to ambient air quality, several counties remain out of compliance with the National 

Ambient Air Quality Standards [4]. Reviewing the California NOx emissions inventory shows that the 

transportation sector is also a major contributor to the NOx emissions in the state, which is a precursor 

to ozone (an ambient air pollutant for which counties in California are out of compliance). Given the 

transportation sector’s impact on GHG emissions and air quality in California, low carbon fuels that do 

not contribute to pollutant emissions are needed. With these two needs in mind (zero carbon and zero 

criteria pollutant emission), only two fuels provide fully for both needs: hydrogen and electricity. These 

fuels are not primary energy sources and must be produced using low carbon energy sources that emit 

low levels of criteria pollutants: wind, solar, nuclear, and biomass. 
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Figure 1:  United States’ counties designated nonattainment for the Clean Air Act’s National Ambient Air Quality 
Standards 

 

Figure 2:  California GHG emissions inventory by sector [5] 
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Figure 3:  California NOx emissions inventory by sector [6] 

In California, wind and solar will be major sources for production of hydrogen and electricity. Nuclear 

remains controversial as a low carbon resource due to concerns surrounding safety and security. In 

California, nuclear as an energy resource is not being pursued in a major way. Biomass is typically 

considered for the production of biofuel for use in current engine types, which would still emit criteria 

pollutants. Biomass as a resource for hydrogen and electricity production is less popular in the literature 

([7][8][9]–[12]), but would allow for diversification of energy sources used to produce hydrogen and 

electricity, thereby providing benefits such as reduction of risk associated with using a limited set of 

energy sources and the potential for lower overall costs. Ultimately, the largest issues when considering 

biomass as an energy resource surround purpose grown energy crops. These crops involve many 

environmental risks, e.g., land use change, food supply, upset of hydrological cycle, upset of nutrient 

balance, diminished biodiversity, etc., which may be unjustified given the other low carbon energy 

options available [8], [9], [13]–[16]. However, biomass resulting from other processes as a waste or 

residue stream offer much less risk than biomass purpose grown as an energy feedstock [13], [17]. This 

waste or residue biomass could be a major resource for the production of these fuels (electricity and 

hydrogen) with the potential to support millions of fuel cell or battery electric vehicles in a region like 

California (~5% share of current California market; see typical conversion yields from [18], [19], and 
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applying typical fuel economies then the number of vehicles served from a woody biomass feedstock 

supply on the order of 1-5 million dry tons per year [20] can be estimated in California.). Additionally, 

given that these waste and residue biomass supplies are limited [20], [21], their effective utilization is 

important if the maximum benefits are to be realized.   

Since waste and residue biomass is a limited resource, its use should be applied only to those sectors 

in which the largest offset of carbon emissions would occur. For example, the light duty transportation 

sector in California is responsible for 37% of carbon emissions while the electricity sector emits 21% of 

carbon emissions, therefore, it is likely that if the waste/residue biomass in California is used to produce 

fuel for light duty transportation then a larger offset of carbon emissions would occur than if used to 

generate electricity for stationary purposes (i.e., not for use as a fuel for transportation).  

A simple thought experiment where one assumes that the electricity generated from an integrated 

biomass gasification combined cycle (IBGCC) plant is used to charge electric vehicles rather than other 

stationary uses can further support use of waste/residue biomass in the transportation sector. Assuming 

a 100MW IBGCC plant and using the CO2 emission factor for gasoline consumption (9.3 kg CO2/gal) and 

the CO2 emission factor for California electricity production (315 kg CO2/MWh), one can calculate the 

offset of direct emissions (i.e., no supply chain emissions, only stack/tailpipe) from using the IBGCC 

electricity to charge an electric vehicle (which offsets carbon emissions from a 40 mpg vehicle) or using 

the electricity to offset electricity otherwise generated to serve stationary load. These results are shown 

in Figure 4 and demonstrate clearly that using a limited waste biomass resource is much more effective 

in offsetting carbon emissions if used for the transportation sector than the stationary electricity sector. 
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Figure 4:  Offset carbon emissions from a 100 MW BIGCC plant offsetting electricity for stationary loads or gasoline 
consumption for a 40 mpg vehicle via an electric vehicle charged from the BIGCC plant electricity    

Although it is obvious that waste biomass resources in California should be utilized in the 

transportation sector, it is still unclear if electricity production for transportation purposes is the best 

option. For example, production of hydrogen may be more efficient. Many studies have investigated 

electricity and hydrogen production from biomass. However, previous studies that have directly 

compared biomass conversion plants for the production of electricity and hydrogen are limited [18], 

[19]. These studies do not investigate more advanced system configurations that could result in 

improved efficiencies, e.g., utilization of stationary fuel cells. There are coal gasification studies with 

biomass co-feeding that have investigated this question with different system configurations [22]–[27], 

and some of these studies call for further investigation of comparing plant designs for each product [23]. 

While the biomass conversion plant is arguably the most important step in the supply chain, the 

literature contains limited (if any) studies where the whole supply chain has been investigated for direct 

comparison of electricity and hydrogen production from biomass for transportation purposes. 

The two largest categories of biomass in California are forestry biomass (whole tree from thinning 

operations/residues) and municipal solid waste as shown in the resource estimates of Figure 5. These 
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estimates come from the US Department of Energy [20]. MSW is the largest resource by far and is 

composed of construction and demolition waste (27%), MSW wood (8%), paper/paperboard (19%), 

plastics (24%), rubber/leather (5%), textiles (10%), yard trimmings (5%), and other (3%). These estimates 

include current efforts toward reduction, reuse, recycling, and waste-to-energy, but the methodology 

uses national level figures, which differ from California figures (California’s current 63% diversion rate 

versus the US diversion rate of 47% [28]). Additionally, MSW will be allocated to the highest value use 

which may not be energy recovery and these US DOE estimates do not account for that, which may be 

another source for overestimation (e.g., for construction waste, it is likely that higher fractions will be 

recycled and reused) [20]. Therefore, the forestry resource and MSW resource may be nearer each 

other when it comes to energy recovery. Additionally, energy recovery from MSW feedstock is difficult 

due to the increased preprocessing costs associated with the diversity of components as well as 

contamination.  

The forestry resource was selected as the biomass feedstock of focus in this study for several 

reasons, in addition to the above difficulties with the MSW resource: practical knowledge (history of use 

for energy recovery particularly with respect to gasification which is a cleaner energy conversion 

method than direct combustion), fairly uniform composition, low ash content, lower seasonality, logging 

residue currently not removed, additional thinning operations needed for fire prevention [20], thinning 

operations may align with better forest management [29], and no competition with food.  
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Figure 5:  Current and potential biomass production for energy use in California based on medium housing, medium 
energy use, and base case energy crop growth scenario from [20] 

Therefore, the goal of this research is to establish the optimal utilization of forestry biomass in 

integrated gasification systems for fueling zero emission vehicles. 

 

1.2 Goal 

Establish the optimal utilization of forestry biomass in integrated gasification systems for fueling zero 

emission vehicles. 

1.3 Objectives 

To achieve this goal, the following objectives were defined:  

1. Review the literature to identify research gaps 
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2. Select gasifier design and develop component models in chemical engineering process 

software 

3. Integrate component models and simulate performance of the different integrated 

gasification systems 

4. Develop methodologies for supply chain analysis including application of optimization 

algorithms 

5. Apply supply chain analysis methodologies and utilize information from Task 3 to determine 

the integrated gasification systems and their respective supply chains that most effectively 

utilize forestry biomass for fueling zero emission vehicles in a 2030’s timeframe 
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2 Background and Related Literature 

2.1 Biomass 

Biomass is a broad category of matter that composes both living and recently dead biological systems 

including their waste. The definition of biomass has been debated in the United States, but a generally 

accepted definition is found in the American Clean Energy and Security Act of 2009, which passed in the 

House of Representatives but not the Senate [30]. The major benefit of using biomass for energy 

conversion is the potential carbon neutrality due to the cyclical process of growing (capture of CO2) and 

energy conversion (release of CO2). This makes it a valuable resource in mitigating climate change 

through reduction of carbon emissions associated with energy conversion [31]–[33]. 

Biomass can be classified many different ways. One way is to classify according to a scientific 

understanding of the Earth ecosystem, which can actually provide context despite not being applicable 

for purposes of energy conversion. The total biomass on Earth is estimated to be between 1 and 4 Tt of 

carbon [34], [35]. The distribution of biomass among five major subgroups of life is shown in Figure 6. As 

shown in Figure 6, plants account for most of the mass in the biosphere with prokaryotes second. The 

net primary production (NPP) is the difference between photosynthesis and respiration in autotrophs 

(mostly from plants), which makes it the amount of photosynthetically fixed carbon available (i.e., 

chemical energy) to the first heterotrophic (e.g., heterotrophic bacteria, animals) level in an ecosystem 

[36], [37]. More simply summarized, this is the chemical energy available to other organisms in the 

ecosystem. Researchers have estimated the NPP to be approximately 100 Gt of carbon per year [35], 

[37]. These numbers not only provide context in showing how extensive plant life is on Earth, but 

emphasize why plants are the primary biomass under discussion for energy conversion in addition to 

small contributions from animal wastes.     
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Figure 6:  Distribution of total biomass in the biosphere distributed among several subgroups of life [34], [35] 

More typically when investigating biomass for energy conversion, it is classified similar to that shown 

in Figure 7. Primary biomass, as shown in Figure 7, is living biomass that may or may not be dedicated to 

energy conversion. For example, deforestation for energy conversion would highly exacerbate climate 

change and should not happen [38]. Waste biomass includes dead plants, animal (human and livestock) 

waste, and other manufactured materials in municipal solid waste (MSW).  
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Figure 7:  Classification of biomass sources for energy conversion (adapted from [30]) 

Another set of classifications can be made when defining biomass feedstocks for fuel production 

(gaseous and liquid) that is focused on the molecular structure of the feedstock: starch-sugar 

feedstocks, triglyceride feedstocks, and lignocellulosic feedstocks [39], [40]. Starch-sugar feedstocks 

include sugarcane and corn used in first generation bioethanol production facilities [39]. Triglyceride 

feedstocks include waste oils (sometimes called FOG, i.e., fats-oils-greases), vegetable oils, and algal oil 

sources [39]. Both starch-sugar and triglyceride feedstock are only available from certain plants and 

animal sources whereas lignocellulosic feedstock provides structural support in every plant and is 

therefore the most abundant type of feedstock. It will be present in every category of classification 

shown in Figure 7 and will be the major component in most, whereas starch-sugar and triglyceride 

feedstocks will only be present in a few. Lignocellulosic feedstocks are used to produce second 

generation biofuels. Third generation biofuels are those produced using algae. Additional classification 

of lignocellulosic feedstock can also be made according to moisture content, e.g., woody (low moisture 

content, herbaceous (higher moisture content), aquatic (high moisture content) [41]. To summarize, 

there are many classification methods for biomass, but ultimately it is important to recognize that plants 
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dominate the biosphere, in terms of mass, with their lignocellulosic fraction responsible for the majority 

of plant mass, which is why conversion of the lignocellulosic portion of plants to fuels (gaseous and 

liquid) is important. 

2.1.1 Biomass Resource Assessments 

Biomass as an energy resource remains a topic of debate in the literature with wide ranging 

estimates for potential energy supply. For example, Hoffert et al. claim biomass to be too diffuse to 

contribute significantly to energy requirements, particularly given the expected growth in energy 

requirements [7]. Other authors see biomass as a key component to mitigating climate change by 

reduction of carbon emissions associated with energy use [12], [31], [33].  

The United States Energy Information Administration projects world primary energy consumption to 

grow from 607 EJ in 2015 to 860 EJ in 2040 [42]. Biomass accounts for 10.3% of the world’s primary 

energy use at around 60 EJ [43]. Worldwide, different regions have different resource potentials. With 

respect to the region’s potential for various biomass resources as a percentage of their total land, North 

America, European Union, and Russia have the best potential for forest resources. The regions with high 

potential for agricultural residues as a percentage of their total land are Asia, Central America and 

Oceania [44].  

In the United States, biomass accounts for a smaller percentage of primary energy use at 5.3% (4.7 

quadrillion Btu of 87.96 quadrillion Btu in 2015) [45], which accounts for about half of all renewable 

energy primary use. The distribution of bioenergy use among feedstock and sector usage is shown in 

Figure 8. The use of corn grain and wood/wood waste dominate. The corn grain is used for the 

production of ethanol, and the wood/wood waste is used for various purposes. 
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Figure 8:  Sankey diagram of feedstock and sector consumption in the United States in 2014 (in million dry tons per 
year). Landfill gas was converted to million dry tons per year using a conversion factor (0.2665 lb/scf) from [20] 

The projections for potential bioenergy use in the future vary substantially (500 – 1500 EJ/yr in 2050) 

[46]. The US DOE periodically projects bioenergy potential in the series of “Billion Ton” reports. The 

latest release was in 2016 [20]. The projection of potential biomass production for energy usage in 2022 

with a $60/dry ton price is shown in Figure 9. There is significant potential from municipal waste and 

residue resources in this timeframe. The projection for the 2040 timeframe under the same conditions 

shows further increases of energy crops to quadruple the current levels. At higher prices, supply is 

expected to increase as well.  
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Figure 9:  Current and Potential biomass production for energy use in the United States in 2022 based on pricing of 
$60/dry ton and base case yield scenario [20]  

Similar biomass resource assessments and projections have been made in California [21]. Figure  

shows the results from a California biomass resource assessment. A distribution among the different 

feedstocks is similar to that found in the US biomass resource assessments. In this California study, the 

current biomass production in dry tons was not shown, however, the technically available and existing 

biomass electricity production in 2007 were shown and are displayed in Figure 10 [21]. There is potential 

for a large expansion of energy conversion from biomass. There may be an even larger potential if 

dedicated energy crops were to be considered although Williams et al. projects only modest increases in 

the technical availability of dedicated energy crop expansion within the state (2% of the state’s electrical 

energy needs in 2020 from technically available dedicated crops). The potential expansion of the use of 

forestry residues provides the largest opportunity for expanding bioenergy in California, which is 

different from the federal perspective where forest resources are more thoroughly utilized. Expansion in 

the use of agricultural residue would also provide large gains toward full utilization of California’s 

biomass resources. Municipal waste is an interesting category in which there is a large amount of 

existing capacity as a result of regulations regarding landfill gas emissions and their recovery for flaring 
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or energy use. However, the use of landfills is being phased out in California [47] and in other parts of 

the world such as Europe [48]. In these locations, better separation and recycling occur with co-

digestion of organic waste with high moisture content. Other technologies are being used including 

advanced technologies for anaerobic digestion of low moisture content organic waste, incineration, and 

gasification is also being considered in some instances. The motivation for this are the adverse 

environmental effects of landfilling such as the leakage of landfill gas (high global warming potential) 

despite the network of wells currently used to capture this gas. Leakage of leachate in landfills can also 

contaminate groundwater.  
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Figure :  Potential biomass production for energy use in California in 2020 based on those resources that are 
technically recoverable (i.e., not on protected lands, steep slopes, etc.) [21] 

 

Figure 10:  Existing and potential capacity for electricity generation from California biomass resources [21] 

2.1.2 Biomass Composition and Properties 

Biomass consists of cellulose, hemicellulose, lignin, lipids, proteins, simple sugars, starches, water, 

hydrocarbons, ash, and other compounds [49]. The lignocellulosic portion of biomass is the major 

component, in terms of mass. Lignocellulosic biomass is composed of cellulose (40-50%), lignin (15-
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20%), and hemicellulose (25-35%) [39]. Lignin provides plants with structural rigidity and a hydrophobic 

vascular system [39]. Hemicellulose is bound to the lignin, and cellulose is located within the 

hemicellulose/lignin matrix [39]. 

Carbon is the major constituent (30-60% wt. dry basis) with oxygen typically being the second major 

constituent (30 - 40% wt. dry basis).  Hydrogen is typically the third major constituent (5-6% wt. dry 

basis). Other inorganic components (e.g., nitrogen, sulfur, chlorine, potassium, silica, etc.) usually 

account for 1% wt. dry basis or less but can be found to exceed this. For example, in grasses and straws, 

inorganics can account for 10-15% wt. dry basis [49]. 

Table 1:  Various biomass properties for different biomass feedstocks [31] 

 

 
Biomass Property 

 
Corn grain 

 
Corn stover 

 
Switchgrass 

 
Sugarcane 

Sweet 
sorghum 

 
Eucalyptus 

Productivity (dry metric tons/ha-year) 7 13-24 8-20 73-87 43.8 40.0 
Lower heating value (MJ/dry kg) 17.0 17.5 ≈17 16.8 17.3 18.1 
Energy inputs (MJ/dry kg) 1.35 1.20  0.346 2.82 5.57 
Energy content (GJ/ha-year) 120 228-420 136-340 1230-1460 760 720 
Energy content (boe/ha-year) 20 40-70 23-58 210-250 128 123 
Representative components (dry wt %)       
Celluloses 3 36 40-45 22 35 48 
Hemicelluloses 6 23 31-35 15 17 14 
Extractives (starches, terpenes) 72 6 0 43 23 2 
Lignins 2 17 6-12 11 17 29 
Uronic acid   0 0.00 1 4 
Proteins 10  5-11    
Ash  10 5-6 9 5 1 

 

2.1.3 Elements of the Biomass Supply Chain  

The biomass supply chain consists of growing, harvesting, collecting, storage, transport, biomass 

conversion, and distribution of fuel or electricity to end use. In addition to these steps, a pretreatment 

step may also be inserted either before storage, after storage, or before biomass conversion. A 

pretreatment step can be important for various reasons, e.g., stabilizing the biomass before storage to 

prevent degradation, increasing energy density before transport, critical for allowing enzymatic 
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hydrolysis to progress, etc. Additionally, multiple stages of storage may occur resulting in multiple stages 

of transport [50]. 

Timber harvesting consists of felling, extraction, processing (delimbing, crosscutting), and loading 

[51]. These steps occur whether the timber is short rotation tree plantations or forest trees. The felling 

and extraction are usually completed in one-pass since it is most economical. Collection of residues 

would also need to occur during this pass. In the past, logging residues were considered unsalable and 

not collected. The longer logging residues will be bundled into composite residue logs (CRLs) for easier 

handling [50]. Harvesting crop residues (e.g., corn stover) can occur during the same pass used to 

harvest the grain crop (single-pass) or can be baled after the grain has been harvested (multi-pass). 

Single pass systems are better for multiple reasons (e.g., longer harvesting windows, less soil 

contamination) [50]. In 2014, John Deere and Hilco Technologies introduced a single pass round bale 

system harvesting corn and baling corn stover in one step [52].  

The storage and transportation of biomass involve logistical challenges due to the low mass and 

energy density of biomass. Densification can increase the energy density but may also result in 

increased dry matter loss. Storage is required due to the seasonal availability of biomass. Although some 

drying can occur in storage, it is also accompanied by dry matter loss, but different storage solutions 

result in different dry matter loss. Typically, cost and dry matter loss are inversely proportional, i.e., the 

higher cost of the storage solution the lower the dry matter loss [51]. Dry matter loss is important 

because it is the valuable component for energy conversion. Additionally it has been shown that 

excessive dry matter loss is related to increased net GHG emissions [53]. Different storage solutions 

include open air, covered with or without climate control, ensilage, and steel/concrete silos. However, 

for woody biomass, the dry matter loss has been shown to be less of an issue if drying occurs before 

chipping with loss of less than 1.5% over six months storage [54]. The use of intermediate storage may 
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allow some pre-processing but has also been found to typically increase total delivery cost 10-20% due 

to multiple transports [55]. Another aspect of storage is safety since self-heating/ignition can occur. 

Limiting heights of piles can reduce this risk among other strategies [51].  

2.1.4 Biomass Energy Conversion Technologies 

Three major pathways for biomass conversion exist: thermochemical, biochemical, and mechanical. 

Thermochemical conversion is currently the method by which most of the biomass generated electricity 

(biopower) is produced in the US [56]. Figure 11 illustrates the different processing and conversion 

methods and the corresponding possible products. It is important to note that some of the conversion 

pathways allow for co-products that may have beneficial synergistic effects on the overall system 

efficiency [57]. Currently, direct combustion of biomass in a Rankine (steam) cycle and digestion of 

biomass for use in a reciprocating or combustion turbine provide most of the electricity generated from 

biomass in California [58].  

In direct combustion systems, biomass is completely oxidized to generate heat for direct use or use 

in a Rankine (steam) cycle rather than converting the biomass to another fuel before combustion. 

Gasification is a thermochemical process where the solid biomass is converted to gas via partial 

oxidation. Gasification technologies may provide benefits in efficiency and lower pollutant emissions 

[57]. Pyrolysis is another thermochemical process where anaerobic thermal decomposition of the 

biomass occurs producing varying distributions of bio-oils (mixture that can contain up to 400 

compounds including acids, alcohols, ketones, aldehydes, esters, aromatics) and gases depending on the 

reactor conditions. Liquefaction also produces bio-oils thermochemically via a high pressure processing 

of a biomass slurry composed of the biomass, solvent, reducing gases, and catalyst. The bio-oil produced 

from liquefaction typically has a higher energy density (due to lower oxygen content), but the high 

pressures required result in high capital costs [31].  
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The biochemical pathways consist of hydrolysis/fermentation and anaerobic digestion. Hydrolysis 

consists of decomposition of the lignocellulosic biomass into sugars via catalytic or biological methods. 

These sugars can then be used in the fermentation process for production of ethanol. In the process of 

anaerobic digestion, the biomass is converted to a gas with varying composition through either 

uncontrolled natural decomposition (landfill) or through controlled anaerobic digestion (anaerobic 

digestion); this gas is then typically fed to a reciprocating engine or combustion turbine, but could also 

be an advanced technology such as a fuel cell. 

 

Figure 11:  Different biomass conversion technologies and the associated potential products (adapted from [31], [41], 
[57]) 

2.1.4.1 Biochemical 

The biochemical pathways for converting lignocellulosic feedstock occur at more moderate 

conditions than the thermochemical pathways (e.g., lower temperature). Hydrolysis can be catalyzed 

using acids or enzymes to produce sugars for use in the fermentation step. Cellulase enzymes can 

catalyze the hydrolysis reaction with yields close to 100% at 50 °C [31]. Acid hydrolysis has lower glucose 

yields less than 70%, but has lower residence times [39]. Prior to enzymatic hydrolysis, pretreatment is 

required [31]. After hydrolysis, fermentative organisms (yeast) produce ethanol. With enzymatic 
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hydrolysis, the fermentation and hydrolysis steps can occur in the same reactor [31]. Additional, 

technologies can be used in place of the fermentation step, but are less common (e.g., aqueous phase 

reforming [59], zeolite upgrading [31], [39]). 

Anaerobic digestion is the conversion of organic matter using microorganisms in the absence of 

oxygen. This process produces a fuel gas with a methane content of 50-80% with the balance being 

mostly CO2 in addition to small amounts of hydrogen sulfide, nitrogen, hydrogen, methylmercaptans, 

and oxygen. A residue slurry called digestate is also produced in this process. Aerobic digestion is 

another process of conversion of organic matter, however, it does not produce a fuel gas rather 

compost, carbon dioxide, and water. The process of anaerobic digestion is used in both anaerobic 

digesters (controlled) and in landfills (uncontrolled). The anaerobic digestion of organic matter consists 

of several steps: hydrolysis, fermentation, acetogenesis, and methanogenesis [60].  

2.1.4.2 Thermochemical 

The direct combustion of biomass in boilers for steam production in a Rankine cycle is a fully 

commercialized technology with many plants in California that have been in operation for 20 years or 

more [58]. This technology is most commonly used in the conversion of solid biomass although it could 

also be used for the conversion of biogas or syngas, it is typically not done since the use of the gaseous 

fuel in another thermodynamic cycle may produce higher efficiencies. The most frequently used boilers 

in these systems are stoker and fluidized bed boilers [61], but pulverized fuel boilers are also used. 

Pyrolysis is defined as thermal decomposition in the absence of oxygen and is the first step in 

combustion and gasification processes. This process of pyrolysis can be performed in different modes to 

achieve different products. Short residence time and high temperature (500 °C) produces mostly bio-oil 

and is called fast pyrolysis [57]. By products of charcoal and gas are produced during fast pyrolysis, and 

they typically contain 25 and 5% of the energy in the biomass feedstock. Some of these byproducts must 
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be utilized in the pyrolyser to supply heat. Long residence times and lower temperature (400 °C) 

produces a more even split between bio-oil and gaseous products and is called slow pyrolysis [31]. 

Liquefaction processes a biomass slurry (biomass, solvent, reducing gas, and/or catalyst) to produce 

bio-oils. The bio-oil produced by liquefaction has a lower oxygen content (i.e., higher energy density) 

than pyrolysis produced bio-oils. The process occurs at high pressure (50-200 atm) and moderate 

temperatures (250-450 °C) [31], [62]. The high pressure leads to high capital costs. Liquefaction 

processes include hydrothermal (water/aqueous solvent), hydro-pyrolysis (no carrier liquid solvent), and 

solvolysis (reactive liquid solvent) [31], [39]. Various other solvents have been tested (e.g., methanol, 

creosote oil) but water is the most attractive due to its low cost, and aqueous phase liquefaction has the 

benefit of not requiring a drying step [31], [39].  

Gasification technologies are less available commercially than direct combustion technologies, 

however, gasification provides opportunities for cleaner plant operation and higher efficiencies [61]. 

This process is different from direct combustion in that the solid fuel is partially oxidized in oxygen 

deprived environments sometimes with the addition of steam such that a combustible gas is produced. 

This gas has a low heat content (5000-15000 kJ/kg) and the remaining solid residue may still have a 

heating value associated with it(in which case it is called char) which results in less than 100% energy 

conversion from the original solid fuel [61]. The process of gasification occurs in four sets of processes: 

drying, pyrolysis (devolatilizaton), combustion, and reduction. The first, second, and last of these 

processes are endothermic, absorbing heat from the combustion process. The drying process occurs 

quickly (>150 °C) with pyrolysis reactions following this process (150-700 °C). This process is complex 

and progresses to fast reaction rates at higher temperatures. The pyrolysis process is responsible for the 

production of some gases, tar, and char. Tar production is a primary issue in lower temperature 

gasification processes [31], [57], [63], [64]. The partial oxidation reactions supply the heat required for 
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the endothermic processes (i.e., drying, pyrolysis, reduction). The supply of heat could also come from 

solar or nuclear resources [31]. In addition, for high moisture content feedstocks where drying enacts a 

large penalty on the process efficiency, supercritical/hydrothermal gasification is a potential technology 

for conversion as competition to anaerobic digestion [30], [31]. 

2.1.5 Environmental Considerations of Bioenergy 

Environmental considerations of bioenergy are numerous because of the number of natural 

processes in which biomass is involved. These environmental considerations largely include the 

following: effects on nutrient balances, effects on water consumption and water quality, effects on the 

net change in GHG emissions to the atmosphere along the bioenergy supply chain (effects on carbon 

fluxes between atmosphere and soil due to land use change or residue removal, effects on fossil fuel 

consumption), effects on biodiversity, effects on food supply, and effects on air quality due to pollutant 

emission changes. Different bioenergy supply chains will have their own unique set of environmental 

considerations that may include all or only a subset of this list of environmental considerations. For 

example, utilizing forestry biomass waste or residues will not have or have very little effect on food 

supply.   

The differences in environmental impacts between dedicated energy crop and waste/residue 

biomass feedstocks are important to note because dedicated energy crops can ultimately scale to meet 

large portions of society’s energy needs whereas waste or residue biomass are limited in their scale. The 

potentially large scale of dedicated energy crops could then result in large scale environmental impacts 

if appropriate planning and regulation are not implemented for dedicated energy crops. Dedicated 

energy crops include woody (e.g., short rotation willow or poplar) and herbaceous (e.g., switchgrass, 

miscanthus) crops. Implementation of dedicated energy crops require direct changes in land use and 

water resources, which could affect soil nutrient balance [15], biodiversity [20], soil carbon balances [8], 
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[14], displacement of food crops, hydrologic cycles [16] and even surface heat balances [65] in a 

complex way that make understanding their environmental impact studies more difficult. Varying levels 

of impacts for the same crop species have been claimed by different life cycle assessment studies [65]. 

The methods of accounting for GHG emissions resulting from land use change have also been 

questioned [8]. Interestingly, some researchers, such as Tilman et al., have demonstrated that using low 

input and high diversity grassland for biopower can actually provide carbon sequestration in the soil and 

roots of the biomass [32]. 

Given these concerns related to dedicated energy crops, it should be expected that dedicated energy 

crops provide more than marginal reductions in GHG emissions when compared to the fossil fuel they 

are replacing otherwise the risk of these other ecological concerns can be considered too great. Tilman 

et al. suggest that only several feedstocks be considered: perennial plants grown on degraded lands 

abandoned from agricultural use, crop residues, sustainably harvested wood and forest residues, double 

crops/mixed cropping systems, and municipal and industrial wastes [33]. Fazio et al. show that the 

average life cycle GHG emissions are lower for perennial crops than annual crops [66]. Adler et al. 

performed life cycle studies comparing several different energy crops (switchgrass, giant reed, and 

hybrid poplar) to be used for electricity generation in an integrated gasification combined cycle system 

[67]. They showed that the net GHG savings achieved when compared to a coal gasification system were 

larger than those net GHG savings when used to produce biofuels. Thornley et al. also compared life 

cycle GHG emissions of short rotation coppice (willow/poplar) to miscanthus for various gasification and 

combustion systems with some systems including combined heat and power capability [68]. Their 

results show that in terms of the GHG emissions per unit of energy produced the short rotation coppice 

performs better than the miscanthus but miscanthus performs better in terms of GHG emissions per 



25 

 

unit of land used. Thornley et al. also discuss the issue of soil carbon balance and the dependence upon 

what the land use prior to implementation as land for energy crop growth [68].  

The environmental impacts associated with the fuel/electricity conversion technology itself are 

typically a large contribution to the criteria pollutant emissions associated with bioenergy [69]. Thornley 

et al. also analyzed the life cycle pollutant emissions of the two crops (short rotation coppice and 

miscanthus) in another publication and found that the biomass production, preparation, and provision 

was much less significant in determining the CO, NOx, and hydrocarbon emissions than was the 

electricity production for most of the cases analyzed [69]. However, the particulate emissions were 

largely produced during the biomass production, preparation, and provision phases rather than during 

the electricity generation phase. Additionally, the pollutant emissions occurring at these sources can 

have large air quality impacts especially if located within an air shed with already poor air quality. Direct 

combustion technologies exist commercially but exhibit low efficiencies and may have poor pollutant 

emission performance. In addition, they offer only electricity production. Integrated gasification systems 

have potential for higher efficiencies but will be more expensive. However, some authors assert that 

biomass gasification is the earliest and most economical route for renewable hydrogen production [70]. 

To conclude, the implementation of dedicated energy crops must be considered carefully with the 

appropriate analysis of the life cycle environmental impacts resulting from those changes (land, water, 

albedo, soil health, etc.) [8], [9], [13]–[16], and the use of biomass waste and residue streams are more 

straightforward in their carbon reduction benefits and represent a lower risk path to increased use of 

renewable technologies than do the dedicated energy crops which if done incorrectly can have severely 

negative environmental impacts [13], [17]. Furthermore, waste and residue streams typically have lower 

emissions (GHG and pollutant) upstream of the energy conversion technology, which emphasizes the 

importance of the environmental performance of the fuel/electricity conversion technology itself.  
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2.2 Selection of Feedstock and Conversion Technology 

Despite not being a large biomass resource, forestry biomass represents a good candidate for 

bioenergy feedstock because of its fairly uniform composition, industrial experience with it as an energy 

feedstock (although mostly in combustion systems, there is a history of use gasification systems, which 

are cleaner, see Figure 12), low ash content and lower seasonality compared to other bioenergy 

feedstocks, and its connection with forest fires and carbon sequestration in forests. Wildfire suppression 

combined with increasing temperatures due to climate change have led to increased risk of intense, 

catastrophic forest fires [29]. These larger, catastrophic forest fires result in more carbon emissions than 

frequent smaller low intensity forest fires because the larger catastrophic forest fires consume larger 

trees. Thinning operations could reduce this risk to the larger trees by removing fuel from the forest that 

could lead to burning of the larger trees similar to what occurred with frequent smaller fires before 

wildfire suppression due to building proximity [29]. Additionally, there is the contribution to fire risk 

from drought, the bark beetle, and electric utility lines traveling through forests [71]. Recently, wildfires 

in northern California were found to result from inadequate clearance between utility lines and trees 

[72]. Thinning operations would help to reduce risk associated with each of these contributors to fire 

risk. Although there are strong benefits to using forestry biomass for energy conversion, deforestation 

remains a concern for the following reason: if demand for woody feedstock increases due to the 

development of a forestry bioenergy industry in California, supply may come from areas in which there 

are no regulations on tree removals if prices are low enough. Therefore, California would need to 

properly ensure that this is not incentivized to occur as well as prevent it.  
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Figure 12:  Gasification plants installed and planned disaggregated by their feedstock [73] 

To conclude, this dissertation will focus on the utilization of forestry waste and residue streams. In 

addition, this dissertation will only consider gasification technology for several reasons:  1) to reduce the 

risk of negative environmental impact resulting from criteria pollutant emissions, 2) at a more 

developed stage than other advanced technologies for conversion of lignocellulosic biomass (e.g., high 

solid content anaerobic digestion), and 3) its ability to produce gaseous fuel or electricity for use in zero 

emission vehicles (e.g., fuel cell, battery). Second generation biofuel plants producing cellulosic ethanol 

are not considered because ethanol will not satisfy the low emission needs in areas with long challenges 

in addressing degraded air quality (e.g., Los Angeles). 

2.3 Biomass Gasification Technology 

Gasification units are classified according to the gasifying medium (oxygen, steam, air) and the 

reactor technology used (fixed/moving bed, fluidized bed, entrained flow). The typical efficiencies and 

size ranges as well as example schematics of these systems are shown in Figure 13 and Figure 14, 

respectively. The fixed bed gasifiers can be further classified by the flow of the gasifying medium: 
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updraft, downdraft, side draft/cross flow. Fluidized bed gasifiers are classified according to the extent of 

fluidization, i.e., distribution of bed material throughout reactor (circulating) or bed concentrated at the 

reactor bottom (bubbling). Biomass gasification using entrained flow technology is not used 

commercially because of the requirement for fine particles given the short residence times [30] unless 

biomass is being co-fed into a coal gasification unit. The commercial availability of each technology was 

inventoried in 2000 for the European Commission through industry surveys [74]. This inventory showed 

that downdraft gasifiers accounted for 75% of commercially available products with fluidized beds 

accounting for 20%, updraft for 2.5% and 2.5% of other types [57]. A likely reason for this is the typically 

low tar yields in downdraft gasifiers [75]. 
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Figure 13:  Typical electrical conversion efficiencies for different types of gasification technologies [57] 

 

Figure 14:  Schematic representations of different types of gasifiers [76] 

A key issue for biomass gasification is gas clean up, particularly for the production of gaseous fuels 

[77], [78]. The key contaminants to be removed are tar (formed during pyrolysis) and fine particulates. 

Some gasification technologies show better performance with respect to tar and fine particulate 

production with tradeoffs being typical, e.g., between tar production and other performance 

parameters.  
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Updraft moving bed gasifiers are one of the oldest gasifier designs and is used in the Sasol liquid fuel 

production plant in South Africa. The updraft gasifier uses the heat from combustion efficiently given 

the good heat recovery that results from the counter flow arrangement. This leads to higher carbon 

conversion efficiencies and deals better with moisture. However, the updraft arrangement does lead to 

higher tar production. The downdraft configuration results in lowest tar production of all types because 

the product gas leaves the reactor at the bottom passing through the hot ash where favorable 

conditions for tar cracking exist [77]. Fluidized bed gasifiers were first studied in the 1920s by Winkler, 

and in fact he developed a commercial air blown fluidized bed gasifier [61], [76]. Fluidized bed gasifiers 

offer good mixing and uniform temperature distributions as well as large thermal inertia, which allow for 

flexibility in the biomass feedstock type. However, these systems also typically have high tar and fine 

particulate production in addition to lower conversion efficiencies [75]. Entrained flow systems require 

pulverized fuel particles to be used (<0.15 mm) making this technology difficult to use with biomass. 

However, the syngas produced has very low or zero tar content in addition to high carbon conversion 

efficiencies.  

Other more novel gasifier designs include multi-stage, dual bed, chemical looping (sorption 

enhanced), plasma, and new concepts integrating filtration and secondary tar reduction directly into the 

gasifier [75], [77], [78]. Staged gasification is the creation of different temperature zones by staging the 

addition of oxidant. First investigated in 1994, it was found to decrease the tar yield significantly [79]. 

More recent research has developed biomass gasifiers with three stages, i.e., FLETGAS concept [80], 

[81]. Other staged biomass gasification designs include the VIKING gasifier, Carbo-V, and LT-CFB [81]. 

Dual bed gasification separates the combustion and gasification processes into two different reactors 

and circulates the bed material between the two reactors to provide thermal integration. The benefit of 

this separation is avoiding dilution of the syngas stream as a result of the addition of air to supply the 
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oxidant. Dual bed biomass gasifiers include the well-known Güssing gasifier, the Silvagas process 

developed by Battelle, a patented process by FERCO, and the MILENA gasifier developed in the 

Netherlands [81]. The chemical looping concept involves the use of a sorbent to produce two gas 

streams. The typical sorbent used is lime (CaO) for sorption of CO2. The sorbent is later regenerated in 

another process providing a stream of CO2 that can be sequestered. The sorption of CO2 also allows 

increased production of hydrogen via Le Chatelier’s principle. Plasma gasification is fuel flexible and 

exhibits destruction of contaminants and pollutants, but requires electricity. Additional advanced 

concepts, such as integrating the filtration and secondary tar removal steps into the freeboard of the 

gasifier, are being developed. This integration has been named the UNIQUE gasifier concept and has 

been deployed at a pilot gasifier in Europe called UniFHY [81]. Table 2 summarizes some of the 

operational parameters of various pilot and experimental biomass gasifiers constructed.  

2.4 Literature Review: Comparison of Gasification for Electricity vs. Hydrogen 

Production 

In this section, the literature was reviewed to identify studies that sought to compare the tradeoffs 

of electricity and hydrogen production via gasification whether the feedstock was coal, coal co-fed with 

biomass, or 100% biomass. Only two studies in the literature consider a biomass only feedstock [18], 

[19]. In addition, some of the studies only investigated various scenarios of hydrogen co-production to 

compare to the electricity only cases instead of a pure hydrogen production case. These studies were 

still reviewed in detail here. The identification and review of these studies reveals the shortcomings in 

the literature that require further investigation.  

Chiesa et al. were among the first researchers to study the co-production of hydrogen and electricity 

via coal gasification through investigation of various scenarios such that the impact of hydrogen 
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production versus electricity production was evaluated [25]. Other researchers had investigated 

hydrogen production, electricity production, and co-production ([82]–[86]) but not in a manner focused 

on comparing the tradeoff between the production of the two products. These researchers compare 

their results to earlier studies and indicate that their results show higher efficiencies as a result of a 

superior steam cycle, tighter integration, superior gasifier, and larger scale. They also note that some of 

the discrepancy is also related to constraining electricity output in earlier studies (e.g., [86]), which 

inadvertently reduces the hydrogen production efficiency. Their main findings were that hydrogen 

production imposes a lower efficiency penalty for CO2 removal (~2%) than in electricity production 

dominant systems (6-8%). Kreutz et al. performed an economic analysis to accompany the simulations 

done by Chiesa et al. [24]. 

Starr et al. motivated the hydrogen co-production concept in a novel manner, i.e., as an adaptive 

strategy for large IGCC plants to accommodate increasing levels of intermittent renewables (e.g., solar, 

wind) [87]. The IGCC plant would switch to hydrogen production during periods of excess generation on 

the grid (up to 100%) and then back to electricity production when wind and solar generation is low (up 

to 100%). Their conclusion was that in order for the plant to have this flexibility, the ancillary power 

would need to be provided by a separate generating plant using waste heat and hydrogen from the IGCC 

plant. They also conducted some economic analysis showing that electricity and hydrogen costs could be 

€84/MWh and €1.27/kg, respectively.  

Cormos developed two publications: the first investigated several different cases of different biomass 

co-feeds [26] and the second investigated several cases with different gasifiers while utilizing an iron 

chemical looping strategy to remove CO2 [27]. The major results from these studies are that co-

production of hydrogen improves overall efficiency while also allowing product flexibility, and an iron 
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chemical looping system could provide much lower efficiency penalties than conventional carbon 

capture mechanisms.  

Li et al. performed a study of hydrogen co-production evaluating the use of a fuel cell in the place of 

the combined cycle, i.e., an integrated gasification fuel cell (IGFC) system [22]. They noted that little 

literature exists investigating hydrogen co-production in an IGFC. The study compares the IGCC to the 

IGFC both technically and economically. The IGFC has a higher capital cost but produces more electricity 

and hydrogen as a result of its higher efficiency allowing a lower levelized cost of hydrogen and 

electricity. This study did not simulate other scenarios to assess possible increases in efficiency by 

manipulating the split between hydrogen and electricity production.  

Chen et al. studied IGCC plants with advanced technologies implemented, specifically ion transport 

membranes for air separation, warm gas cleanup, and regenerable CO2 sorbents [88]. They performed 

screening studies for various implementation designs for the ion transport membrane. They also 

performed an economic analysis. They showed that the hydrogen produced at a coal IGCC plant with 

advanced technologies co-fed by biomass could be competitive with hydrogen from a conventional SMR 

plant. Chen et al. also later compared the hydrogen co-production to other fuel co-production [23].  

It should be noted at this point that each of the studies discussed so far involved only co-feeding of 

biomass in large entrained flow gasifiers. Entrained flow gasifiers are not typically amenable with 

biomass feedstock due to the fuel size requirement. However, pretreatment would allow the use of 

entrained flow gasifiers with high levels of biomass feed. For example, the Bioliq process uses an 

entrained flow gasifier by pyrolyzing the biomass before transport to the gasification site [89]–[91]. The 

major benefit of the entrained flow design is the low levels of tar production as a result of the high 

temperatures, however, most biomass gasification designs (see Table 2) do not use entrained flow 

configurations with the exception of the Bioliq process. These other gasification designs require 



34 

 

secondary tar removal steps. Additionally, biomass gasification systems do not require sulfur removal 

systems as in those gasification systems processing coal do. The literature contains only two publications 

evaluating hydrogen and electricity production from pure biomass.  

Tock and Marechal investigated directly the tradeoff of producing hydrogen or electricity from a 

BIGCC [18]. The gasification technology considered is the fast internally circulating fluidized bed (FICFB) 

concept deployed at the well-known Gussing plant. The study utilized a multi-objective optimization 

algorithm for identification of optimal plant configuration for the various products (electricity, heat, 

hydrogen). The gas clean up system consisted of steam methane reformation for tar removal, wet 

scrubber, baghouse filters, and guard beds to protect downstream catalysts. They found that overall 

energy efficiencies for hydrogen and electricity production were 60% and 39%, respectively. Plant 

configurations with carbon capture via amine solvent were also studied. They also investigated the 

economics and determined that the price of hydrogen and electricity could be as low as $2.15/kg and 

$89/MWh, respectively, depending on the price of the biomass. The hydrogen exiting the plant is at 10 

bar and would require additional compression for distribution via truck or pipeline. 

Corradetti and Desideri also studied directly the tradeoff between production of hydrogen or 

electricity from biomass [19]. The gasifier model was based on data from the Silvagas gasifier developed 

by Batelle (dual CFB). The gas cleanup consisted of a wet scrubber and a steam methane reformer in 

addition to a ZnO guard bed. The hydrogen produced exits the system at approximately 30 bar. The 

study found the electricity production via a combined cycle provided 44% efficiency while the 

production of hydrogen provided 62% efficiency. Their economic analysis also showed levelized cost of 

hydrogen to be below $2/kg. They compared this value to electrolysis to point out the potential of 

hydrogen production via this pathway. Other researchers have also shown biomass gasification to 

provide the most economically competitive pathway for renewable hydrogen production [70]. A major 
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difference between this study and [18] is the lack of carbon capture in this study, which is a major 

contributor to the lower cost of hydrogen in this study than in [18]. 

It was also observed that in the literature there had been many investigations regarding integrated 

biomass gasification fuel cell systems. As seen in Table 5, many of these papers compared the 

performance of integrated biomass gasification systems using fuel cells, gas turbines, or steam turbines 

for electricity production. However, there was a lack of papers comparing their application in integrated 

biomass gasification systems for the production of either hydrogen or electricity.  
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Table 2:  Biomass gasifiers constructed with available data in the literature 

Name Feedstock Products Gasifier Type Size Gasifying 
Agent 

Pressure 
[bar] 

Raw 
Syngas 
Temp [°C] 

CGE  Heating Value 
[MJ/Nm3] 

Gas 
Cleanup 

Viking - Danish 
Tech Univ 

Wood Elec/Heat 2-stage Pyrolysis then 
Throated Downdraft 

75 kWth Air 1 725-800  93 6.6 (HHV) Cold 

Wang 2015 Sawdust/Cott
on Stalk 

DME 2-stage Pyrolysis then 
Throated Downdraft 

- Air/O2 1 700 
 

4-10 (LHV) Cold 

FLETGAS - Univ 
of Sevilla 

still 
developing 
pilot 

- 3-stage (FB for devolatil, 
SMR, downdraft) 

- Air / 
Steam 

- 880 81 6.4 (HHV) - 

LT-CFB - Dong 
Energy 

Various Elec/Heat Dual Bed (CFB pyrolysis, 
BFB Char gasif) 

6 MWth 
demo at 
Asnaes plant 

Air - 650 87-
93 

5.2-7 (HHV) - 

Carbo V Various FTL DME  3 stage (pyrolysis, comb, 
gasif) 

1 MWth Oxygen 5 800 82 High Cold 

Bioliq Oil-char 
slurry 

FTL  Lurgi Entrained flow 5 MWth Oxygen 80 1000 60-
70 

- Hot 

Gussing /FICFB Wood Elec/Heat FICFB 8MWth Steam 1 850-900 85-
90 

12-14 (LHV) Cold 

SilvaGas Wood Elec/Heat Dual CFB 42 MWth  Steam 1 750-800 70 17-19 (HHV) Cold 

MILENA Wood Elec/Heat Dual- BFB (comb) CFB 
(gasif) 

300 kWth Steam 1 850 80 12-15 (HHV) Cold 
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Table 3:  Parameters and characteristics of various studies in the literature investigating hydrogen and electricity production 

Author Year Feedstock Biomass 
Feedstock 

Products Gasifier Type Gasifying 
Agent 

Pressure 
[bar] 

Raw Syngas 
Temp [°C] 

Secondary Tar 
Reduction 

Tock  2012 Biomass Wood H2/Elec/Co FICFB Steam 1 850 SMR 

Chiesa 2005 Coal - H2/Elec/Co Entrained, 
Slurry Fed 

Oxygen 70 1327 - 

Cormos  2009 Coal Co-fed 
Biomass 

Sawdust, 
MSW, 
Meat/Bone 
Meal 

Co Entrained, Dry 
Fed 

Oxygen 40 1475 - 

Cormos  2010 Coal Co-fed 
Biomass 

Sawdust, 
MSW, 
Meat/Bone 
Meal 

Co Entrained, 
Both 
Slurry&Dry 

Oxygen 40 
(Shell/Siem
ens), 70 
(Texaco) 

1350-1400 - 

Corradetti 2007 Biomass Wood H2 or Elec Dual Bed CFB Steam 1.3 863 SMR 

Meerman 2011 Coal/Bioma
ss 

Wood Elec or H2 or 
FT or 
Methanol or 
Urea 

Entrained, Dry 
Fed 

Oxygen 40 1500 - 

Starr 2007 Coal - Co Entrained, 
Slurry Fed 

Oxygen 63 1400 - 

Li 2012 Coal/Bioma
ss 

Corn 
Stover/Straw 

Co Entrained, Dry 
Fed 

Oxygen 42 1371 - 

Chen 2015 Coal/Bioma
ss 

Wood, Grass Co Entrained, Dry 
Fed 

Oxygen 40 1300-1400 - 
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Table 4:  Additional parameters and characteristics of various studies in the literature investigating hydrogen and electricity production 

Author CGE [%] Gas Cleanup Pre-treatment H2 
purification 

H2 prod eff Elec prod eff Plant 
simulation 

ASU  CCS 

Tock  88.8 Cold  Drying, 
Torrefaction 

PSA 60.6 44.9 Custom None Amine solvent 

Chiesa 70-75  Cold  - PSA 1 44.7 NA Cryo AGR (Selexol) 

Cormos  79.3-82.5 Cold  - PSA 2 40.7 for Shell ChemCAD Cryo AGR (Selexol) 

Cormos  79.6 for 
Shell/Siem
ens; 72.4 
for Texaco 

Cold  - Iron based 
Chemical 
Looping 
Reactor 

3 38.8 ChemCAD Cryo Iron based 
Chemical 
Looping 
Reactor 

Corradetti 78.5 Cold  Drying PSA 62 45.1 Aspen Plus None None 

Meerman 70-76 Cold  Torrefaction, 
Pelletizing 

PSA 4 39 Aspen Plus Cryo AGR (Rectisol) 

Starr - - - - - 31.4 ChemCAD Cryo - 

Li - Cold Drying, milling PSA 5 18.5 Aspen Plus Cryo Amine solvent 

Chen - Warm Drying, milling PSA 6 38 Aspen Plus ITM Fixed bed 
Sorption 

 

                                                           

1 Only investigated co-production 

2 Only investigated co-production but sensitivity showed increased hydrogen production to increase total efficiency 

3 Only investigated co-production but sensitivity showed increased hydrogen production to increase total efficiency 

4 Only investigated co-production but sensitivity showed increased hydrogen production to increase total efficiency 

5 Only investigated co-production  

6 Only investigated co-production  
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Table 5:  Studies that investigated application of stationary fuel cells in integrated biomass gasification systems 

Author  Year 
Feedstock 
Type 

Products Gasifier Type 
FC 
Type 

IBGFC 
Efficiency 
[%] 

IBGFC-GT 
Efficiency 
[%] 

IBGGT 
Efficiency 
[%] 

IBG 
Rankine 
Efficiency 
[%] 

Fryda 2008 Olive Kernel 
Electricity, 
Heat 

Fixed Bed, Pressurized 
and Atmospheric Air-
Blown  

SOFC 20 40.6 26.1 - 

Lobachyov 1998 Wood Electricity 
Dual Fluidided Bed, 
Steam Blown, 
Atmospheric 

MCFC 53 - - - 

Panopoulos 2006 Olive Kernel Electricity 
Dual Fluidized Bed, 
Steam Blown, 
Atmospheric 

SOFC 36 - - - 

Sadhukhan 2009 Straw Electricity 
Dual Fluidized Bed, 
Steam Blown, 
Pressurized 

SOFC 64.4 - 32.14 - 

Karellas 2008 Wood pellets 
Electricity, 
Heat 

Dual Fluidized Bed, 
Steam Blown, 
Pressurized 

SOFC 40 - 18 - 

Athanasiou 2007 Various Electricity Air Blown SOFC 40 - - 25 

Omosun 2004 ? 
Electricity, 
Heat 

Fixed Bed, Air Blown 
Atmospheric 

SOFC 
20.8 (cold) 
22.6 
(warm) 

- - - 

Bang-
Moller 

2010 Wood Electricity 
Fixed bed, Air Blown 
Atmospheric 

SOFC 36.4 50.3 28.1 - 

Jin 2009 Switchgrass Electricity 
Entrained Pressurized 
Oxygen-Blown 

SOFC 51.8 - 49.8 - 

Mazzucco 2014 Wood Electricity 
Fixed Bed Air Blown 
Atmospheric 

SOFC 33.78 45.52 28.93 - 

 

2.5 Literature Review: Integrated Supply Chain Modeling for Biomass Conversion to 

Hydrogen and Electricity  

In the previous section, the literature shows that there is a benefit to hydrogen co-production in 

biomass gasification and that hydrogen production alone can achieve efficiencies around 60%. However, 

these studies stop at the exit of the plant. Potential integration of other aspects of the supply chain 

might be missed here [92]–[97]. For example, the pressure of the hydrogen at the exit in the studies in 

Table 3 are 10-60 bar. This may be sufficient for transmission to dispensing stations (although the lower 

pressures of 10 bar only for short distances), but at these dispensing stations, compression to 700 bar 
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still needs to occur. This leads to a question of whether any additional cycle configuration can be used to 

further drive compression of the hydrogen to higher pressure. Similar questions arise with respect to 

liquefaction. A question that then goes further might be: can the benefits from integrating compression 

steps offset efficiency penalties of small scale gasification plants thereby allowing more distributed 

gasification plants? These are questions that could be answered by full supply chain modeling.  

In recent years, there has been an increase in supply chain modeling in an effort to support the 

complex decision making required in bioenergy due to its diffuse nature that leads to logistical issues 

[92], [93]. Supply chain modeling can be categorized into three categories: 1) scenario modeling, 2) 

mathematical programming, and 3) risk and uncertainty analysis [92]. Early works were based on 

scenario modeling [98], [99]. Mathematical programming now dominates the literature related to 

bioenergy supply chain modeling [92]. Oftentimes stochastic mathematical programming approaches 

are used to model uncertainty as well. In the past six years there have been a number of review papers 

written covering bioenergy supply chain modeling. Each one emphasizes that this area is a topic of much 

needed research.  

Rentizelas et al. focuses on the role of biomass storage in bioenergy supply chain modeling [94]. 

Typically, the cheapest storage option is selected without regard for its potential effect on the rest of 

the supply chain (e.g., excessive degradation leads to lower energy content and reduced transport 

efficiency). However, for forestry biomass, the dry matter loss has been shown to be less of an issue if 

drying occurs before chipping with loss of less than 1.5% over six months storage [54]. It should also be 

noted that these researchers do not mention hydrogen as a product of interest. 

Shabani et al. performed a review of value chain optimization for bioenergy from forestry feedstocks 

[95]. The products mentioned as studied in the literature were district heating, power, biofuels, and 

cogeneration. These researchers found that most bioenergy supply chain studies considered only 
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economic metrics and encouraged future work to include environmental considerations. Again, it should 

be noted that hydrogen was not mentioned.  

Cambero et al. reviewed publications related to bioenergy supply chain optimization from forestry 

resources [96]. These researchers found that economic and environmental considerations are evaluated 

separately. They suggest that these be considered simultaneously in multi-objective optimizations. 

These insights are similar to Shabani et al. although slightly different since in this review, hydrogen was 

mentioned as a product in four of the studies reviewed. Kalinci et al. [100] and Moreno et al. [101] 

performed life cycle analyses of biomass to hydrogen supply chains using gasification. Kalinci et al. 

accounted for transportation of the hydrogen after production to refueling stations for use in fuel cell 

vehicles, however, Moreno et al. had a more constrained analysis of the supply chain not including those 

steps. Sarkar et al. performed a technoeconomic assessment of biomass to hydrogen supply chains via 

gasification for use in petroleum refineries in the Western Canada region rather than use in fuel cell 

vehicles [102], [103].  

Seay et al. performed a review focused on current trends and directions in the sustainability of 

biofuel and bioenergy supply chains [97]. Their major point is that bioenergy supply chains are complex 

and require modeling of varying complexity across the supply chain, but integration of these models in 

overall supply chain optimization is important. The focus is on liquid biofuels with some mention of 

hydrogen due to its utility in production of liquid biofuels.  

Yue et al. is yet another review on bioenergy supply chain optimization [93]. They identify fertile 

areas of research that focus on multi-scale modeling with both spatial and temporal variation. The focus 

is again on liquid biofuels with some mention of hydrogen as an important requirement in production of 

these biofuels. These authors discuss the concept of multi-scale modeling. There are four layers 

presented: molecular, process, supply chain, and ecosystem. The molecular layer represents those 
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models investigating particular chemical reactions for production of biofuels (e.g., reaction mechanism). 

The process layer represents those process models involved in converting the biomass to biofuel. The 

supply chain layer is concerned with models of the entire bioenergy supply chain, and the ecosystem 

layer is concerned with identifying environmental, social, and economic impacts. Each of these layers 

exchanges information with each other. In general, the lower layers convey targets/requirements to the 

higher layers, and the lower layers provide input for building more simplified models in the higher 

layers. These authors indicate that most supply chain studies provide great insight to specific fields but 

have too narrow of a perspective to fully address the entire supply chain.  

These reviews show a gap in the literature in terms of full supply chain modeling of hydrogen 

produced from biomass. In fact, despite the importance of hydrogen to the state of California’s air 

quality goals, several studies performed bioenergy supply chain optimization for California without 

mentioning hydrogen as a possible fuel product [104]–[106]. Given the conclusions by Yue et al. [93], 

more detailed and complete studies of bioenergy supply chains are needed. Given that most of these 

review authors did not mention hydrogen suggests that there is a strong need for investigation of 

biomass-based hydrogen supply chains. Additionally, there is a lack of studies comparing hydrogen and 

electricity production from biomass. 

In addition to this review of highly cited review papers on the topic of bioenergy supply chains, a 

review of the highly cited original research papers discussed in these review papers was conducted. 

Table 6 summarizes the findings from these reviews of original research papers using several different 

categories: biomass feedstock type; products; whether the analysis is explicitly modeled spatially; the 

region size and spatial resolution of the analysis; whether formal optimization (mathematical 

programming) techniques are used; what type of scaling effects, if any, were accounted for; whether a 

roadway network was modeled; whether multiple transportation modes were considered; whether the 
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biomass feedstock cost was constant or provided as a supply curve; and how many times the article was 

cited, according to Web of Science.  

The selection of each category was motivated to identify the research gaps in the literature. In 

reviewing Table 6, the first observation is that the most highly cited papers do not investigate hydrogen 

as a product. The production of liquid biofuels dominates and is most highly cited. There are highly cited 

papers that investigate electricity (and heat) production. The research by Rentizelas et al. is spatially 

explicit in its modeling of the harvest/collection and transport to the biomass energy conversion plant 

but has a constant biomass cost instead of biomass cost curves (where cost increases as the collection 

amount increases). This is because a specific scenario in a specific region is being analyzed [94]. The 

other electricity production papers are cited at a much lower level. Gigler et al. capture scaling effects 

for both cost and efficiency but does not model the spatial distribution of the biomass [107]. Perez-

Fortes et al. use formal optimization methods to minimize costs associated with using biomass in Ghana 

for the production of electricity and spatially model the distribution of the biomass [108]. However, 

these researchers do not account for scaling effects on energy efficiency of the conversion plants and 

assume no cost for the biomass supply, which may be reasonable in this region but is not typical.  

The paper by Parker et al. is the highest cited paper investigating hydrogen production from biomass 

only [109]. This paper performs a detailed analysis of converting rice straw in the Sacramento, California 

area into hydrogen for refueling fuel cell vehicles. This paper uses formal optimization methods to 

minimize production cost across the entire supply chain and investigates sensitivities to various inputs. A 

detailed roadway network is used to assess hydrogen transport costs from the conversion plant to the 

refueling stations. Three hydrogen transport modes are also considered, liquid truck, gaseous truck, and 

pipeline. However, no rail transport is considered. Many of the other hydrogen production papers do 
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not spatially model the biomass distribution and/or do not model the roadway networks in a detailed 

manner.  

In addition, a review of hydrogen supply chain papers was also conducted. Similar to the biomass 

specific supply chain literature, there has been a lot of research in this topic area. Table 7 summarizes 

the findings from these reviews of original research papers using several different categories: feedstock 

types considered in the study; the product types considered; whether the analysis is explicitly modeled 

spatially; the region size and spatial resolution of the analysis; whether formal optimization 

(mathematical programming) techniques are used; whether production, distribution, and/or refueling 

steps are considered; whether a roadway network was modeled; whether multiple transportation 

modes for hydrogen transport were considered; whether multiple transportation modes for biomass 

transport were considered; whether detailed modeling of hydrogen delivery occurred; and how many 

times the article was cited, according to Web of Science. 

The most highly cited paper by Wang et al. only investigates the hydrogen distribution portion of the 

hydrogen supply chain for three transport modes: liquid truck, gaseous truck, and pipeline [110]. These 

researchers focused on showing the distances and hydrogen throughput over which different transport 

modes were economic. The 2006 and 2009 papers by Almansoori et al. investigate all steps in the supply 

chain for Great Britain [111], [112]. These two papers model the hydrogen supply chain in a spatially 

explicit manner using 36 or 45 nodes across Great Britain with various production and demand levels at 

each node. The biomass supply at each node is modeled but with no reference and is one of several 

different feedstocks for hydrogen. The other highly cited paper investigating hydrogen supply chains is 

by Ball et al. and focuses on Germany [113]. This paper also models the hydrogen in a spatially explicit 

manner using a tortuosity factor applied to the distances between 20 different nodes across Germany to 

account for curvature of roads. Biomass distribution across these nodes was also modeled, but the 
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reference could not be found. Cucek et al. investigated various products from biomass in a generic 

region with 36 nodes spread over an area of 72,000 km2. The production, distribution and refueling 

steps were modeled but a detailed roadway network was not used. Additionally, the biomass at each 

node was based on an average yield per area. The rest of the papers reviewed that had spatially explicit 

modeling looked at either a small region or a large region with a small amount of nodes. Other papers 

with fairly high citations in this topic area did not consider spatial distribution of harvest, production, 

and demand.  
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Table 6:  Summary table for literature review of original research articles for bioenergy supply chain analysis 
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You  [114] 2012 
Crop Residue, Energy Crops, 
Woody Residue Ethanol Y Illinois (County) Y Costs only N Y Y 215 

Hamelinck [115] 2005 Woody (residue, SRF) 
Pellets, Bio-oil, 
Methanol, Electricity 

Uses avg. yields for the 
different intl areas 
trading 

Intl (East Eur or Latin Amer to 
West Eur) N Y N Y Y 170 

Rentizelas [94] 2009 
Cotton Stalks, Almond Tree 
Prunings Heat, Electricity Y Thessaly, Greece N  N  Y 168 

Sokhansanj [99] 2006 Corn stover 

No conversion modeled 
(only to conversion 
plant) N N N N 

Tortuosity Factor 
used N N 166 

You [116] 2011 
Crop Residue, Energy Crops, 
Woody Residue Gasoline, Diesel Y Iowa (County) Y Costs only N Y Y 121 

Huang [117] 2010 Ag/Forestry Residues, MSW Ethanol N 
California (County Supply; 28 
candidate sites) Y Costs only Y Y N 109 

Giarola [118] 2011 Corn grain/stover Ethanol Y North Italy (50km) 
Y 

Costs only 
Tortuosity Factor 
used Y Y 98 

Zamoboni [119] 2009 Corn grain Ethanol Y North Italy (50km) Y Costs only Tortuosity Factor 
used 

Y Y 92 

Parker [120] 2010 Lignocellulosic, Lipids, Grains Ethanol, Gasoline, Diesel Y Western US (County Level Supply; 
City level Demand) 

Y Costs only Y Y N 70 

Leduc [121] 2008 Poplar Methanol Y Austria (36km) Y Costs only Tortuosity Factor 
used 

Y Y 56 

Dunnett [122] 2008 Corn stover, wheat straw, 
Poplar 

Ethanol Y General Land Cover Mix for UK 
with 5x5 grid with varying regional 
size 

Y Costs only N/A Y N/A 47 

Tittman [104] 2010 Lignocellulosic, Lipids, Grains Ethanol, Biodiesel, heat, 
electricity, diesel 

Y California (County Supply; Cities 
candidate sites) 

Y Costs only Y Y N 41 

Leduc [123] 2009 Poplar Methanol Y Baden-Wurttemberg (36km) Y Costs only Tortuosity Factor 
used 

Y Y 36 

Cucek [124] 2014 Switchgrass, algae, corn 
grain/stover 

Ethanol, FT Liquids, 
Hydrogen 

Y Generic Region (72,000 km2 with 
36 nodes 

Y Costs only N N Y 33 

Sarkar [125] 2011 Forestry Residues Liquid fuels; Ammonia No spatial component Western Canada N Costs only N N Y 32 

Gigler [107] 1999 Willow Electricity N  N Two scales 
(Cost and Eff) 

N N Y 29 

Perez-Fortes [108] 2012 Cassava Electricity Y 9 communities in Ghana Y Costs only Tortuosity Factor 
used 

N Y ($0 since 
waste) 

23 
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Eero [126] 2014 Woody (residue, SRF) Heat, Electricity Y 2 regions in Finland N N Tortuosity Factor 
used 

N N 22 

Parker [109] 2010 Rice Straw Hydrogen Y California: Sacramento Valley Y Costs only Y Y Y 20 

Cambero [127] 2015 Forestry Residues Heat, Electricity, pellets, 
pyrolysis oil 

Y Williams Lake Timber Supply Area, 
Canada with 3 candidate locations 

Y Y (5 scales per 
tech) 

N/A N Simple 
Supply 
Curve 

18 

Muresan [128] 2013 Coal co-fed with sawdust or 
wheat straw 

Hydrogen No spatial component  N All cases same 
scale 

assumed 
distances 

Y Y 16 

Wulf [129] 2012 Forestry Residues Hydrogen No spatial component  N All cases same 
scale 

assume local, i.e., 
no transport 

N N 14 

Bolat [130] 2014 Generic biomass Hydrogen No spatial component  N Cost and 
efficiency 

assumed 
distances 

N N 10 

Diamantopoulou 
[131] 

2011 Perennial  grass, Ag Residues  Hydrogen No spatial component  N Costs only Tortuosity Factor 
used 

N N 7 

Woo [132] 2016 Energy Crops and Residues: 
agricult., forestry, indust. 

Hydrogen Y Jeju Island, Korea (6 regions) Y Costs only  N N 6 

Cho [132] 2016 Energy Crops and Residues: 
agricult., forestry, indust. 

Hydrogen Y Korea (15 regions) Y Costs only  N N 5 

d'Amore [133] 2016 Corn grain/stover Ethanol, Electricity Y North Italy (50km) Y Costs only Tortuosity Factor 
used 

Y Y 4 

Brown [134] 2014 Forestry Residues Hydrogen N  N Costs only N N N 4 

Li [135] 2017 Forestry Residues Liquid fuels Y California (County; 90 candidate 
sites) 

Y Costs only Y Y N 3 
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Table 7:  Summary table for literature review of original research articles for hydrogen supply chain analyses 
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Yang [110] 2007  Hydrogen     Y  
N, Spanning on flow 
and distance for 
optimal delivery mode 

LT, GT, P  127 

Almansoori [111] 2006 
Coal, Natural Gas, 
Biomass 

Hydrogen  Great Britain (34 cells) 
Y 

Y Y Y 
No just transportation 
links centroid distances 

Truck/Rail 
Very limited biomass 
distribution modeled 
w/ no reference 

71 

Ball [113] 2007 
Electricity, Biomass, 
Natural Gas 

Hydrogen Y Germany 
Y 

Y Y Exogenous 
N Tortuosity with 
transportation links 

LT, P 
No biomass 
distribution modeled 

69 

Almansoori[112] 2009 
Natural gas, oil, 
coal, biomass, solar 
power 

Hydrogen Y Great Britain (45 cells) 
Y 

Y Y Y 
No just transportation 
links centroid distances 

Truck/Rail/Pipe 
Very limited biomass 
distribution modeled 
w/ no reference 

54 

Cucek [124] 2014 
Switchgrass, algae, 
corn grain/stover 

Ethanol, FT 
Liquids, 
Hydrogen 

Y 
Generic Region 
(72,000 km2 with 36 
nodes 

Y 
Y Y Y N N 

Average biomass 
yield applied in each 
generic node 

33 

Stephens-Romero 
[136] 

2010 Natural Gas, Biogas Hydrogen Y City of Irvine Y Y (but 
exogenous 
locations) 

Y Y Y (only for refueling), 
none for delivery 

LT,GT NA 28 

Lin [137] 2008 Electricity, Biomass, 
Coal-CCS, Natural 
Gas 

Hydrogen Y Southern California Y Y Y Y Simplified Network LT, GT, P No biomass 
distribution modeled 

25 

Parker [109] 2010 Rice Straw Hydrogen Y California: 
Sacramento Valley 

MILNP Y Y Y Y LT, GT, P  20 

Wang [138] 2008 Natural Gas Hydrogen Y Sacramento Region  Y Y Y Y LT  19 

Stephens-Romero 
[139] 

2009 Coal, Natural Gas, 
Electricity, 
Petroleum Coke 

Hydrogen Y Southern California, 
Infrastructure 
locations and land use  

 Y (but 
exogenous 
locations) 

Y Y Y  Truck/Pipe  18 

Muresan [128] 2013 Coal co-fed with 
sawdust or wheat 
straw 

Hydrogen No spatial 
component 

  Y     Y 16 

Wulf [129] 2012 Forestry Residues Hydrogen No spatial 
component 

  Y Y Y N Constant 
Distance 100km 

assume local, i.e., no 
transport 

14 

Stephens-Romero 
[140]  

2009 Coal, Natural Gas, 
Electricity 

Hydrogen No spatial 
component 

  Y Y Y  Y N 14 

Bolat [130] 2014 Generic biomass Hydrogen No spatial 
component 

  Y   N assumed 
distances 

assumed distances 10 



 

 

 

4
9

 

A
u

th
o

r  

Y
e

ar 

Fe
e

d
sto

ck Typ
e 

P
ro

d
u

cts 

Sp
atially Exp

licit 

Sp
atial 

R
e

so
lu

tio
n

/R
egio

n
 

Size 

Fo
rm

al 
O

p
tim

izatio
n

 

P
ro

d
u

ctio
n

 

D
istrib

u
tio

n
 

R
e

fu
e

lin
g 

R
o

ad
w

ay N
e

tw
o

rk 
M

o
d

e
le

d
 

H
2

: M
u

ltip
le

 

Tran
sp

o
rtatio

n
 

M
o

d
e

s 

B
io

m
ass: M

u
ltip

le
 

Tran
sp

o
rtatio

n
 

M
o

d
e

s 

Tim
e

s C
ite

d
 

Diamantopoulou 
[131] 

2011 Perennial  grass, Ag 
Residues  

Hydrogen No spatial 
component 

  Y     Truck (Tortuosity 
used) 

7 

Woo [132] 2016 Energy Crops and 
Residues: agricult., 
forestry, indust. 

Hydrogen Y Jeju Island, Korea (6 
regions) 

Y Y Y Y No just transportation 
links centroid distances 

LT Y 6 

Cho [132] 2016 Energy Crops and 
Residues: agricult., 
forestry, indust. 

Hydrogen Y Korea (15 regions) Y Y Y Y No just transportation 
links centroid distances 

LT Y 5 

Brown [134] 2014 Forestry Residues Hydrogen    Y     Y 4 
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3 Approach 

The following approach will be used to evaluate various biomass conversion plant designs and supply 

chains (including hydrogen refueling station design) to identify the most efficient hydrogen production 

pathway for light duty transportation and determine if it is more efficient than a biomass integrated 

gasification combined cycle (or fuel cell) plant producing electricity for light duty transportation. 

Task 1: Review the literature to identify research gaps 

This task will investigate the literature on biomass energy conversion and supply chain optimization. 

The literature in these areas is well developed and will need to be sifted through carefully to understand 

the gaps in research, such that a direct comparison of hydrogen and electricity production for vehicular 

applications can be made. 

Task 2: Select gasifier design and develop component models in chemical engineering process 

software 

This task will select a gasifier design and cleanup methodology for development of a chemical 

engineering process model for biomass conversion to hydrogen. The selection process will use the 

following criteria: technology readiness level (TRL) and availability of data for calibration. The software 

package Aspen Plus will be utilized. The models will be validated with data from the literature where 

possible. 

Task 3: Integrate component models and simulate performance of the different integrated 

gasification systems 
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Using the models developed in Task 2, this task will compare the different plant designs based on 

various plant performance parameters, e.g., efficiency, cost, water consumption, etc. Various plant 

configurations will be assessed, e.g., pressure of delivered hydrogen, inclusion of liquefaction step. 

Task 4: Develop methodologies for supply chain analysis including application of optimization 

algorithms 

This task will develop methodologies for supply chain analysis to include a higher level of detail, 

particularly for California. Two aspects for which this will be done are: 1) spatial constraints of feedstock 

location and fuel demand locations to more accurately account for transportation of biomass and 

hydrogen and 2) modeling of the downstream compression, storage, and dispensing steps. 

Task 5: Apply supply chain analysis methodologies and utilize information from Task 3 to determine 

the integrated gasification systems and their respective supply chains that most effectively utilize 

forestry biomass for fueling zero emission vehicles in a 2030’s timeframe 

This task will utilize capabilities and insights developed in the previous tasks to investigate various 

potential biomass-to-hydrogen supply chains that might achieve improved supply chain efficiency. Other 

performance parameters will also be considered, e.g., cost. Some example configurations of interest for 

analysis here are: spatial distribution issues and effectiveness of pretreatment steps and determining 

benefits of integrating compression, storage, and dispensing steps with the biomass conversion plant. 
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4 Biomass Gasification Plant Designs and Analysis 

This section examines various plant configurations, selects a gasification technology, and develops 

four different biomass energy conversion (BEC) plants: an Integrated Biomass Gasification Hydrogen 

(IBGH2) system, Integrated Gasification Combined Cycle (IBGCC) system, Integrated Gasification Fuel 

Cell (IGFC) system, and an Integrated Gasification Fuel Cell Gas Turbine hybrid (IGFC-GT) system. The 

various system component models are described and their modeling methodologies laid out. Cost 

modeling information for each component is also included. The section then describes the each 

integrated system. Finally, the section analyzes the results and performs sensitivity analyses on some 

operating parameters and equipment. 

4.1 Feedstock and Ambient Conditions 

The feedstock used in this analysis is a woody biomass based on [141] and [18]. The ambient is 

assumed to be at ISO conditions. 
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Table 8:  Feedstock properties  

Woody Biomass Feedstock Properties 
 

Ultimate Analysis [wt%] 

Ash 0.92 
 

Carbon 50.88 
 

Hydrogen 6.04 
 

Nitrogen 0.17 
 

Chlorine 0 
 

Sulfur 0.09 
 

Oxygen 41.9 
 

 
Proximate Analysis [wt%]  
As 
Received 

Dry Basis 

Moisture 30 0 

Fixed Carbon 10.703 15.29 

Volatile Matter 58.688 83.84 

Ash 0.609 0.87    

Higher Heating Value, MJ/kg (Btu/lb) 20.5 (8800) 

Lower Heating Value, MJ/kg (Btu/lb) 19.2 (8254) 

Exergy, MJ/kg (Btu/lb) [142] 20.8 (8944) 

 

Table 9:  Ambient conditions 

Dry Bulb Temperature 59 F 

Rel. Humidity 60% 

Elevation  Sea Level 

Air Composition (vol %)  

O2 

N2 

CO2 

H2O 

Ar 

20.3% 

75.7% 

0.03% 

3.1% 

0.9% 

Plant Make-up Water Fresh water 

Plant Site Level greenfield  
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4.2 Integrated Biomass Gasification General Plant Component Modeling 

This section describes the various modeling methodologies used for the different components and 

also describes the parameters used for cost estimation. In general, all the components are assumed to 

be at steady state with species and energy being conserved in each component model. The property 

method used in the ASPEN process models for calculating all thermodynamic and transport properties 

was the Redlich-Kwong-Soave (RKS) cubic equation of state with Boston-Mathias (BM) alpha function 

properties for all processes other than the steam only processes. For all processes involving only steam, 

the 1967 ASME steam table correlations were used for thermodynamic properties and the International 

Association for Properties of Steam (IAPS) correlations were used for transport properties. 

With respect to the cost modeling, the capital cost scaling methodology commonly implemented in 

chemical process system design is utilized as described in Eq. 4.1 [141], [143], [144]. This equation allows 

the component cost at scale x, Cx, to be estimated from some reference scale S0 and cost C0 with an 

exponent, y, that represents that particular type of technology, e.g., gasifiers are different from 

compressors, etc.  

 
𝐶𝑥 = 𝐶0 (

𝑆𝑥

𝑆0

)
𝑦

 
Eq. 4.1 

These data are listed in Appendix A. 

The fixed operating and maintenance costs include the annual operating labor cost, maintenance 

labor cost (35% of total maintenance cost), administrative & support labor cost (25% of operating and 

maintenance labor), maintenance cost (2% of total plant cost), property tax & insurance (2% of total 

plant cost) 

The total overnight cost is the sum of the following total plant cost and additional costs (these 

include: 6 month labor cost, 1 month maintenance materials, 1 month non-fuel consumables, 1 month 
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waste disposal, 25% of 1 month fuel cost at 100% CF, 2% of TPC, 60 day supply of fuel & consumables at 

100% CF, 0.5% of TPC (spare parts), Initial catalyst & chemicals cost, land cost, other owner's costs (15% 

of TPC), and financing costs, which are calculated per [145]). A capital charge factor (CCF) of 0.1243 is 

used also from [145] and represents a typical factor used for investor owned utilities with higher risk 

and so is a conservative estimate. Variable costs include fuel and other consumables (e.g., bed material, 

catalysts, etc.). 

4.2.1 Feed Handling and Size Reduction 

The biomass feed rate of the plant was selected such that it would be of similar size to other studies 

in the literature to allow for comparison [18], [19], [141],[146]. Given this, a biomass feed rate of 2000 

dry tons/day was selected since the other studies feed rates varied from 1000-2000 dry tons/day. Trucks 

are weighed and unloaded. Front loaders are used to move the wood chips in and out of storage areas. 

Chipping of the wood feedstock occurs before the loading onto trucks for delivery to the biomass energy 

conversion facility. The chipping cost is included in the roadside cost in [20]. Therefore, in order to 

determine the cost to the biomass energy conversion facility, the wood chip transport cost still needs to 

be calculated, which occurs in Chapter 5. The chip size distribution is important as that can affect gasifier 

performance [147], and the appropriate size distribution for the gasifier and pyrolysis unit needed to be 

ensured. Through investigation of the references in [20] relative to the chipping equipment used in their 

analysis, a typical size distribution for a chipper will have less than 5% of particles greater than 40mm. 

The typical size requirement is on the order of less than 40-50mm, therefore, further size reduction is 

required [141], [148],[146]. This additional size reduction is accomplished with a hammer mill, which 

receives those particles greater than 40mm after a screen separator. The cost for the hammer mill and 

other feed handling equipment (screen separator, front loaders, hoppers, conveyors, etc.) is all included 
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in one line item as feed handling and drying, and scaling is accomplished with the biomass feed rate. 

Cost parameters are shown in Appendix A. 

4.2.2 Drying 

The biomass drying process was modeled based on a rotary biomass dryer that reduced moisture to 

10% wt. The drying was accomplished using flue gas from the combustion section of the FICFB. The 

model was built using the methodology of Spath et al. [141]. This method used the set moisture level of 

the biomass exiting the dryer to set the exit vapor fraction in a two-outlet flash separator, which then 

allowed calculation of dryer temperature and the heat duty required to evaporate the biomass 

moisture. The heat duty is supplied by the flue gas stream. Cost parameters are shown in Appendix A. 

4.2.3 Biomass Gasifier Selection and Modeling 

This section will discuss the gasifier design selection and the modeling methodology. The criteria 

used in the selection were the technology readiness level (TRL) and the availability of data. The TRL was 

considered because this study is focused on a technology deployment horizon on the order of 5-10 years 

(or less). 

The first criterion to consider is the TRL. The US Department of Energy has established guidelines 

based on guidelines from NASA and the Department of Defense [149]. All the technologies listed in 

Table 2 have at least completed lab scale testing, and therefore, are at or above a TRL of 5. A TRL of 5 is 

described as laboratory scale testing under relevant environments with the system being nearly 

prototypical. A TRL of 6 is described as prototype testing at pilot scale whereas a TRL of 7 is a full scale 

prototype tested in relevant conditions with final design essentially complete. A TRL of 8 is operation 

and commissioning of the actual system where TRL 9 is operation of the actual system over the full 

range of operating conditions. Table 10 summarizes the TRLs as estimated by application of those 
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guidelines by this author for the various biomass gasifiers of Table 2. From Table 10, the technologies 

with the highest TRLs and strongest industrial commitments for commercial offerings are the Linde 

Carbo-V process and the FICFB process. The other technologies with TRLs of 7-8 only have industry 

partners which does not suggest as strong or timely pathway to commercialization as Carbo-V and 

FICFB.  

Table 10:  Technology readiness levels of various biomass gasification technologies 

Name TRL Scale at 
Commercial 

Additional Information 

Viking - Danish 
Tech Univ 

6 Unknown Pilot scale with long term operation 

Wang 2015 5 Unknown Lab scale 

FLETGAS - Univ 
of Sevilla 

5 Unknown Still developing pilot 

LT-CFB - Dong 
Energy 

7 Unknown 6 MWth demonstration at Asnaes plant  

Carbo V 7-8 0.1-1 GWth Linde acquired technology and actively advancing. Demonstration 
plant operated (40MWth) 

Bioliq 7-8 1GWth Led by Karlsruhe Inst. Technology but partnered with Air Liquide. 
Development of pyrolysis process underway but to be linked with 
commercial entrained flow gasifier (Lurgi) 

Gussing /FICFB 7-8 10-100MWth Long term operation of pilot scale plant with several commercial 
operating plants (10-50MWth). Offered by California company West 
Biofuels, LLC. 

SilvaGas 7-8 Unknown Demonstration plant operated but no company actively pursuing 

MILENA 7-8 50-500MWth Demonstration plants operated successfully. Partnered with Dahlman.  

 

The other criterion that needed to be considered was the availability of data, which would allow 

modeling of the system. After evaluation on the first criterion, there were two top candidates: Carbo-V 

and FICFB. In fact, given the acquisition and additional patent filings by Linde, Carbo-V could be the top 

candidate. Data existed for both candidates with the FICFB process being well documented in the 

literature. Available data for the Carbo-V process were nearly sufficient for developing a model (gasifier 

temperature, pressure, outlet composition, and general flows between gasifier sections were available). 

An attempt was made early on to model this process, however, it became clear that without a specified 

steam flow into the pyrolysis section the model could not be validated. Additionally, it was also 
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discovered that the pyrolysis process and the Carbo-V process in general was actively being reworked by 

Linde [150]. Therefore, the FICFB process was selected as the gasifier technology to be modeled given 

the data availability and commercial offering of the technology, particularly in California by West 

Biofuels. 

4.2.3.1 Modeling Methodology 

The gasifier design selected is the fast internally circulating fluidized bed, which is a dual bed gasifier 

design introduced by Hofbauer et al. in 1995 [151]. The FICFB technology has been in demonstration at 

the Gussing location since 2001. West Biofuels, LLC offers this technology as a product with a 

demonstration plant in California as well as 6 other commercial or demonstration plants in Europe [152]. 

Figure 15 illustrates in a simplified schematic the design of the gasifier. The endothermic gasification 

reactions and the exothermic combustion reactions are separated to avoid the use of oxygen or dilution 

of the syngas with nitrogen. The heat produced in the combustor is utilized in the gasification section via 

use of a circulating bed material. The high carbon conversion in the gasification section, i.e., less char 

production for combustion, requires recycle of syngas to the combustor to maintain the thermal 

requirements of the gasification section. Table 11 lists typical operating parameters for the FICFB 

process when utilizing wood feedstock. The operation parameters may change depending on the 

feedstock and drying process utilized. 
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Figure 15:  FICFB schematic 

Table 11:  FICFB Gasifier Operating Parameters 

Gasifier Operating Parameters 

Steam to Biomass Ratio 
[lb/lb dry] 

0.6 

Steam Preheat [F] 932 

Combustor Section Temp [F] 1800 

Gasifier Temp [F] 1562 

Carbon conversion [-] 0.9 

ΔP [psi] 3 

Syngas Recycle Fraction [-] 0.15-0.25 

Cold Gas Efficiency [%] 75-80 

 

As previously discussed, the gasification process occurs in several steps: drying, pyrolysis, partial 

oxidation, and reduction. Each of these steps might be modeled by a series of reactors with various 

reaction sets in each. These steps might also occur in a physically distinct reactor in the real system. The 
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physical system design and the modeling methodology for each gasifier type will be discussed in this 

section. 

The drying process involves moisture reduction with no chemical reaction. The pyrolysis process is 

thermal decomposition of the biomass and is described by the following general reaction, biomass + 

heat  gases + oils + char + water, with typical yields of 60% oils, 10% gases, 10% water, and 20% char. 

The oxidation and reduction reactions are described by the following reactions: 

Oxidation Reactions 

 𝐶(𝑠) + 𝑂2 → 𝐶𝑂2,   ∆ℎ𝑟 = −394 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.2 

 𝐶(𝑠) + 0.5𝑂2 → 𝐶𝑂,   ∆ℎ𝑟 = −111 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.3 

 𝐶𝑂 + 0.5𝑂2 → 𝐶𝑂2,   ∆ℎ𝑟 = −283 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.4 

 𝐻2 + 0.5𝑂2 → 𝐻2𝑂,   ∆ℎ𝑟 = −242 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.5 

 

Reduction Reactions 

Hydrogasification 𝐶(𝑠) + 2𝐻2 → 𝐶𝐻4,   ∆ℎ𝑟 = −75 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.6 

Boudouard 𝐶(𝑠) + 𝐶𝑂2 → 2𝐶𝑂,   ∆ℎ𝑟 = 173 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.7 

Water Gas 𝐶(𝑠) + 𝐻2𝑂 → 𝐶𝑂 + 𝐻2,   ∆ℎ𝑟 = 131 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.8 

Water Gas Shift 𝐶𝑂 + 𝐻2𝑂 → 𝐶𝑂2 + 𝐻2,   ∆ℎ𝑟 = −41 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.9 

Steam Reformation 𝐶𝐻4 + 𝐻2𝑂 → 𝐶𝑂 + 3𝐻2,   ∆ℎ𝑟 = 206 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.10 

Dry Reformation 𝐶𝐻4 + 𝐶𝑂2 → 2𝐶𝑂 + 𝐻2,   ∆ℎ𝑟 = 247 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.11 

Typical approaches to modeling include directly calculating yields based on experimental/field data, 

using equilibrium to approximate composition (although equilibrium is not typically approached at 
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temperatures less than 1000 C), and adjusting the equilibrium constant to account for equilibrium not 

being achieved. The adjustment of the equilibrium constant can be accomplished through a 

multiplicative correction factor, extent of reaction, or using the method introduced by [153]. This 

method adjusts the temperature at which the equilibrium constant is calculated as shown in Eq. 4.12. 

The literature suggests that this method is appropriate to use particularly when investigating various 

system designs where the reactor operating conditions might change [154]–[156].  

 𝐾𝑒𝑞,𝑎𝑑𝑗 = 𝐾𝑒𝑞(𝑇 + ∆𝑇) Eq. 4.12 

Both the gasifier and pyrolysis reactors (for those systems where a pyrolysis pretreatment occurs 

before the gasifier) are modeled using this methodology applied to the gaseous mixture after a 

devolatilization step (decomposition of the solid components into C(s), H2, O2, N2, S(s) and remaining 

char before entering the adjusted equilibrium calculation). Although the pyrolysis model involves the 

production of tars and oils, modeling this process can be difficult to simulate as a result of the complex 

molecules contained in the oils which are not typical in available databases. One can build their own 

molecule and use property estimation algorithms or assign properties themselves [157], [158]. This is 

outside the scope of this work. A simplified approach that is sufficient for thermodynamic analysis has 

been suggested by [154] and a similar yield based method was used in some of the early NREL models 

[159]. This approach is focused on ensuring that the heat required for the pyrolysis reactions is 

estimated accurately to ensure proper heat integration rather than on accurately predicting the detailed 

reactor exit composition. The method assumes that the volatile fraction of the biomass will be 

decomposed evenly into C(s), H2, O2, N2, S(s) according to the ultimate analysis and then a set of 

reactions and their corresponding approaches to equilibrium will determine the composition. The 

remaining solid is represented by char and ash. The char composition is determined by elemental 

balance.  
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In both the gasifier and pyrolysis reactor models, five reactions are used to estimate the reactor exit 

compositions. These include the hydrogasification (Eq. 4.6), Boudouard (Eq. 4.7), water gas shift (Eq. 

4.9), and the following two reactions, which were always assumed to be in equilibrium. 

 𝑁2 + 3𝐻2 → 2𝑁𝐻3,   ∆ℎ𝑟 = −92.2 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.13 

 𝑆 + 𝐻2 → 𝐻3𝑆,   ∆ℎ𝑟 = −20.2 𝑘𝐽/𝑚𝑜𝑙 Eq. 4.14 

The higher hydrocarbons are represented by C2H4 [154]. The concentration is estimated by assuming 

the concentration is proportional to the CH4 concentration (see Eq. 4.15). 

 𝑝𝐶2𝐻4 = 𝑘𝑎𝐶𝐻4 Eq. 4.15 

The gasifier bed material is assumed to be lost at a rate of 0.001%/day. Cost parameters are shown in 

Appendix A. 

4.2.3.2 Gasifier Model Calibration 

The gasifier model calibration required adjusting four parameters: three approach temperatures (one 

for each gasification reaction) and the circulating bed material flow rate. The bed material was modeled 

as SiO2 typical of other dual circulating bed simulations as well as those specific to the FICFB [19], [141], 

[160]. These four parameters were adjusted in order to correctly estimate outlet composition, gasifier 

operating temperature, and carbon conversion. The sensitivity analysis tool in Aspen Plus was utilized 

for this purpose in order to span the thousands of cases required. Although many of these cases 

resulted in errors, it was necessary to ensure all combinations of approach temperatures and their 

resulting gasifier outlet compositions were investigated, and those that best aligned with operational 

FICFB data were selected. The bed circulation flow rate was varied between 2 and 4 million lb/hr and 

each approach temperature was varied between -700 F and 700 F. Figure 16 shows results from the 

sensitivity analyses for various bed circulation flow rates. However, given the thousands of cases run in 
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each sensitivity analysis, there was a build of error for the sand flow, i.e., although it was initially set at 

the prescribed value, the solver for this recycle slightly adjusts (<0.001%) the sand flow in order to 

achieve a solution. This slight error builds up over the many simulations since the sensitivity tool uses 

the previous simulation run results as initial conditions. This initial sensitivity run was still enough to 

show that the 3 million lb/hr case will likely yield the best results. In order to better specify, a tighter 

range of approach temperatures was used for the 3 million lb/hr sand flow case, and filters were applied 

to the cases that allow for only those results with +/-20% for each component in the gasifier outlet. The 

tighter range was selected from the initial results that came closest to the gasifier outlet composition of 

the FICFB. These cases can be seen in Figure 16 labeled as “3e6_TighterSens”. Figure 17 shows the 

results from application of the filter to the data. From Figure 17, it can be further verified that the 3 

million lb/hr flow rate will yield the results with a gasifier temperature closest to that of the FICFB (1562 

F). 
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Figure 16:  Results from sensitivity analyses performed for FICFB calibrations by varying the three reactions’ approach 
temperatures and bed material flow 

 

Figure 17:  Results from sensitivity analyses performed for FICFB calibrations by varying the three reactions’ approach 
temperatures and bed material flow with a filter applied to the results 

Table 12 shows the FICFB operational data used to calibrate the FICFB model. Table 13 shows the 

results for the “3e6_TighterSens” case above. All simulation results with errors or warnings are filtered 
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out. These errors and warning typically occur because the gasifier temperature cannot be maintained. 

Inspection of this table shows that the best alignment with [154] occurs at the set of approach 

temperatures highlighted (i.e., -650, -300, 350). However, the fit is still not perfect, so the data fit tool in 

Aspen (this could not be used in the initial step given the large space of investigation, which would yield 

results that are highly dependent on the initial values) was then utilized to check if any further 

alignment with the data could be achieved.  

Table 12:  FICFB operational data from [154] used for calibration of FICFB model and resulting calibrated model results 
from specified approach temperatures 

Component  From [154] [Mol %] Calibrated Model 
Results [Mol %] 

CH4 9.6 12.2 

C2H4 2.0 2.4 

H2 42.3 39.1 

CO 29.8 27.5 

CO2 16.4 18.3 

  Best Fit Approach 
Temperatures [F] 

 ΔTappr,HG [F] -640 

 ΔTappr,BD [F] -298 

 ΔTappr,WGS [F] 392 
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Table 13:  Sensitivity results for FICFB calibrations by varying the three reactions’ approach temperatures with a bed material flow of 3e6 lb/hr (i.e., the 
“3e6_TighterSens” case) 

ΔTappr,HG 

[F] 
ΔTappr,BD 

[F] 
ΔTappr,WGS 

[F] 
Tgasifier [F] XH2 [-]   XCO [-]     XCO2 [-]   XCH4 [-]  XC2H4 [-] Carbon 

Conversi
on [-] 

Syngas 
Recycle 
[-]   

Sand 
Flow 
[1e6 
lb/hr] 

-700 -350 300 1575 0.359 0.241 0.215 0.149 0.030 0.90 0.174 3.00 

-700 -350 350 1575 0.356 0.246 0.212 0.150 0.031 0.90 0.174 3.00 

-700 -350 450 1576 0.349 0.255 0.207 0.152 0.031 0.90 0.175 3.01 

-700 -350 500 1576 0.346 0.259 0.205 0.154 0.031 0.90 0.175 3.01 

-700 -300 300 1566 0.377 0.253 0.202 0.135 0.028 0.90 0.184 3.01 

-650 -350 300 1570 0.375 0.253 0.203 0.136 0.028 0.90 0.184 3.07 

-650 -350 450 1571 0.365 0.267 0.195 0.140 0.029 0.90 0.185 3.08 

-650 -300 350 1562 0.390 0.269 0.187 0.123 0.025 0.90 0.195 3.10 

-600 -350 300 1567 0.391 0.264 0.191 0.124 0.025 0.90 0.194 3.15 

-600 -350 350 1568 0.391 0.267 0.189 0.123 0.025 0.89 0.187 3.15 

-600 -350 400 1569 0.393 0.270 0.186 0.122 0.025 0.87 0.173 3.15 

-600 -350 450 1571 0.394 0.273 0.183 0.120 0.025 0.86 0.159 3.15 

-600 -350 500 1572 0.396 0.275 0.181 0.119 0.024 0.84 0.146 3.15 

 

 



 

67 

 

4.2.4 Tar Reformer 

The tar reformer is a catalytic fluidized bed reactor specified according to [141], [161].The tar 

reformer was assumed to convert 95% of the tar in the raw syngas to CO and H2 [141], [161]. In this 

work, tars and higher hydrocarbons were represented by C2H4 [154]. Therefore, the extent of reaction 

for reformation of ethylene was set to 90%. 20% conversion of methane was also specified by [141], 

[161]. The catalyst utilized was specified as a noble metal or a nickel enhanced material, and the amount 

of catalyst required was specified [146], [161]. 

A 0.01% per day loss rate is assumed for catalyst. Catalyst cost is $4.70/lb [141]. An initial amount of 

1,820,000 lbs catalyst is required based on [161]. The remaining capital cost parameters are shown in 

Appendix A. 

4.2.5 Water Scrubber 

After cooling the syngas exiting the tar reformer to 300 F, water scrubbing is carried out using a 

quench chamber and venturi scrubber, which further cools the gas to 140 F and removes any remaining 

particulates, ammonia, and tars. The quench water is cooled with cooling tower water and recirculated 

with the flowrate controlled to maintain a 110 F inlet temperature to the chamber. A settling chamber is 

included in the quench water recirculation loop to remove solids/sludge for waste water treatment. The 

cost for wastewater treatment is $2.07/ft3 [141]. For solids disposal, the cost is $18/ton [141]. The 

capital cost parameters are shown in Appendix A.  

4.2.6 Syngas Compressor 

After the water scrubber, the syngas is compressed in an intercooled 5 stage compressor. Each 

intercooler cooled the compressed gas to 140 F. The discharge pressure varied depending on the plant 

design. The compressor was modeled using Aspen’s multistage compressor module. The intercooler 
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temperatures were set to 140 F, and a polytropic process was assumed with an efficiency of 78% in each 

stage. Given the multiple integrated gasification system designs, the syngas compressor outlet pressure 

varies depending on the system type.  

Table 14:  Pressure at outlet of syngas compressor for different gasification system designs 

System Syngas Compressor Pout 
[psia] 

IBGH2 465 

IBGCC 618 

IBGFC 58 

IBGFCGT 185 

 

The capital cost parameters are shown in Appendix A. 

4.2.7 Sulfur Removal 

In typical practical application, sulfur removal occurs in the acid gas removal system. However, in this 

application, the removal of CO2 is not required due to the utilization of biomass. Although removal of 

CO2 could yield net removal of CO2 from the atmosphere, this is outside the current scope of analysis. 

Therefore, other sulfur removal systems were considered, and the LO-CAT technology was selected due 

to the non-toxic nature of the absorber solution. The LO-CAT technology can reduce the H2S 

concentration to 10ppmv, so ZnO guard beds were required to remove H2S to concentrations <0.1 ppmv 

to protect the steam reformer catalyst or fuel cell. 

The LO-CAT technology is a liquid phase system that utilizes a patented, chelated iron catalyst. It 

consists of two processes: absorption and oxidation. In the absorber, the H2S is removed by conversion 

to elemental sulfur in the presence of the catalyst. The catalyst is then regenerated in the oxidizer for 

reuse in the absorber. Air is used as the oxidant. The LO-CAT system was modeled such that the H2S 

concentration at the absorber exit was 10 ppmv. The sulfur can be removed as a slurry or cake [162]. LO-

CAT chemicals cost is $191/ton sulfur removed [141]. 
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The ZnO guard beds ensure that the H2S concentration at their exit was <0.1ppmv. The ZnO bed 

reacts with the H2S to form ZnS. The bed eventually needs to be replaced. In this analysis, it was 

estimated to be 5 years. The ZnO beds operate at 707 F and therefore, the gas exiting the LO-CAT 

system needs to be heated before entering the ZnO beds. In addition, the catalyst cost in each reactor 

accounts for hydrogenation catalyst for the conversion of organic sulfur to H2S (e.g., mercaptans, COS, 

etc.) [161].  

Since this reactor operates under different pressures for the different cases considered (IBGH2, 

IBGCC, IBGFC), the reactor volume will change, which will require changes in catalyst loading. The ZnO 

catalyst bed has a gas hourly specific velocity of 4000/hr [141] and a bed density of 5606kg/m3 [163]. 

Using this information and the volumetric flow rate into the ZnO beds, the initial catalyst load can be 

calculated. The catalyst cost is $4.67/lb. The capital cost parameters are shown in Appendix A. 

4.2.8 Hydrogen Production and Purification 

The following system components are only utilized in the plant designs for production of hydrogen. 

4.2.8.1 Steam Reformer 

This system component is only utilized in the plant designs for production of hydrogen. The steam 

reformer allows further reformation of hydrocarbons (primarily methane) to increase the output of H2. 

The steam reformer design operates at a steam-carbon ratio of 3, 435 psia, and 1562 F. The reheating of 

the clean syngas to the reformer temperature is accomplished by using the PSA off-gas and some of the 

pre-compression syngas. The flow rate of the pre-compression syngas to the reformer burner is 

controlled such that there is enough heat to maintain the steam reformer operating temperature and to 

raise enough steam for adequate power production, such that the plant does not require electricity 

imports. The steam reformer is modeled as an equilibrium reactor with an overall approach 
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temperature of -20 F. The pressure drop is set to 30 psi. The catalyst cost is $4.67/lb [141] with 

replacement every 5 years. The capital cost parameters are shown in Appendix A. 

4.2.8.2 Shift Reactors 

The high temperature shift reactor and low temperature shift reactors were modeled as equilibrium 

reactors with approach temperatures of 35 and 35 F, respectively. Each reactor was specified to have 

zero heat duty and a 5 psi pressure drop. The reformer exit was cooled to 662 F before introduction to 

the HTS. After the HTS, the gas was cooled to 392 F for entrance into the LTS. The catalyst cost is 

$4.67/lb [141] with replacement every 5 years. The capital cost parameters are shown in Appendix A. 

4.2.8.3 Pressure Swing Adsorption 

The pressure swing adsorption technology is used for hydrogen purification. Hydrogen purity greater 

than 99.99+% is possible with PSA. The PSA adsorber material is a combination of zeolites and activated 

carbon, which is susceptible to damage by entrained liquids, so the feed gas must be cooled and 

condensate separated. The cooling is accomplished in three steps: 1) by integration with the steam cycle 

and other process streams depending on the heat integration implemented (see Section 4.2.10), 2) an 

air cooler, and 3) cooling water.  The first cooling step reduces the gas temperature to 340 F from 442 F 

with a liquid drop out following this step. The second cooling step reduces the temperature to 140 F. 

The third cooling step reduces the feed gas temperature to 110 F and is followed by a liquid drop out 

vessel. Additionally, according to Mann and Spath et al., the PSA inlet stream must have greater than 

70% vol hydrogen in order to be economic [141], [164]. However, the inlet stream here is ~65% vol 

hydrogen. Therefore, a recycle from the PSA exit to the inlet was implemented such that the inlet to the 

PSA achieved a concentration of 70% vol. The purge gas pressure was selected to be 20psia in this 

analysis to maintain high hydrogen recovery since higher purge gas pressures will reduce recovery rates. 

The capital cost parameters are shown in Appendix A. 
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4.2.8.4 Hydrogen Compression - Pipeline 

The hydrogen compressor performed compression from 360 psia to 1015 psia for pipeline injection 

in the base case. Other cases will be investigated as sensitivities in the following section including liquid 

and gaseous hydrogen for trucking to fueling dispensing stations. A two stage reciprocating compressor 

was utilized. The intercooler temperature was 140 F and the isentropic efficiency used was 82%. The 

capital cost parameters are shown in Appendix A. 

4.2.9 Cooling Tower 

Cooling towers remove heat from cooling water used to cool various process streams by ambient air 

blown across the cooling water (typically in some spray form) to remove both latent and sensible heat. 

The cooling water that does not evaporate in this process but is entrained in the flow and escapes from 

the top of tower is called drift loss. Additional loss of cooling water occurs due to the build-up of solids 

in the unevaporated cooling water that returns to the plant to cool process streams. In order to prevent 

excessive solids build up, periodic blowdown is required, which results in loss of cooling water. The 

cooling tower type considered here is a forced draft tower. The cooling water into the tower is 110 F 

and the return temperature to the process is 90 F. The supply pressure to the process is 65 psia. The 

evaporation rate is given by the equation [143]:  

 �̇�𝑒𝑣𝑎𝑝  =  0.00085 ∗ �̇�𝑐𝑖𝑟𝑐(𝑇𝑖𝑛  −  𝑇𝑜𝑢𝑡) Eq. 4.16 

The drift loss is set at 0.02% of the mass flow of evaporated cooling water. The blowdown flow is 

calculated based on the number of “cycles of concentration”, which is the ratio of dissolved solids in the 

recirculating water to the dissolved solids in the makeup water. The cycles set in this model is 5. The 

blowdown flow is then calculated by [143]:  
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 �̇�𝑏𝑙𝑤𝑑𝑛  =  �̇�𝑒𝑣𝑎𝑝/(𝐶𝑦𝑐𝑙𝑒𝑠 −  1) Eq. 4.17 

Chemical addition is required to prevent scaling and corrosion in the cooling water system. The 

cooling water makeup is calculated using: 

 �̇�𝐶𝑊,𝑚𝑘𝑢𝑝  =  �̇�𝑒𝑣𝑎𝑝 + �̇�𝑏𝑙𝑤𝑑𝑛 + �̇�𝑑𝑟𝑖𝑓𝑡 − �̇�𝑠𝑡𝑚𝑏𝑙𝑤𝑑𝑛 − �̇�𝑐ℎ𝑒𝑚  Eq. 4.18 

The chemical addition and blowdown from the steam cycle supply the cooling water system.  

The fan horsepower is calculated using the following equation [143]: 

 
�̇�𝑓𝑎𝑛  =  

�̇�𝑎𝑖𝑟𝐻𝜌𝑎𝑖𝑟

396000 ∗  𝜂
 

Eq. 4.19 

where �̇�𝑓𝑎𝑛 = ℎ𝑝; �̇�𝑎𝑖𝑟 =
𝑓𝑡3

𝑚𝑖𝑛
;  𝐻 = 𝑖𝑛𝑐ℎ𝑒𝑠 𝑜𝑓 𝑤𝑎𝑡𝑒𝑟; 𝜌𝑎𝑖𝑟 =

𝑙𝑏

𝑓𝑡3 ;   𝜂 = [−]𝑒𝑓𝑓𝑖𝑐𝑖𝑒𝑛𝑐𝑦. The fan 

head and efficiency are 2 inches of water and 70%, respectively. 

The circulation pump work is calculated using the Aspen pump model. For both the fan and pump, 

98% mechanical efficiency and 90% motor efficiency.  

The cost of chemicals for the cooling tower and the makeup water are $1/lb and $1.5/1000gal [141]. 

The capital cost parameters are shown in Appendix A. 

4.2.10 Steam Turbine 

The production of steam resulted from various reductions in process temperatures across the system 

(e.g., major ones in the IBGH2 system are the cooling of the syngas after gasification for cleanup and 

cooling of the syngas after steam methane reformation). This steam production is necessary since the 

gasification process and the steam reformation process (only in the IBGH2 system) require steam. The 

boiler feedwater pump raises the pressure of the liquid water to 1345 psia. This feedwater is then sent 

to the boiler feedwater preheater and then on to the boiler. After the boiler, the steam is superheated 

to 1000 F at 1265 psia. The superheated steam enters the steam turbine and converts the enthalpy of 
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the steam flow into mechanical energy and then electrical work in three stages such that extraction for 

the steam reformer and gasifier can be made at the appropriate pressures (440 psia for the steam 

reformer and 35 psia for the gasifier steam). The low pressure (1.5 psia) steam exiting the steam turbine 

is then fed to the condenser, which is cooled by the cooling tower process described in Section 4.2.9. 

The steam turbine was modeled as an isentropic process with an isentropic efficiency of 85% 

(mechanical: 98%, generator: 97%). The condensate pump feeds the condensed water to the 

condensate tank, which collects condensate from various other components in the system (e.g., syngas 

compressor, gas entering PSA, and makeup water). The capital cost parameters are shown in Appendix 

A. 

4.2.11 Heat Integration and Steam Cycle 

The heat integration of the steam cycle was performed using pinch analysis methods in the Aspen 

Energy Analyzer tool. This tool applies mixed integer linear programming methods to determine optimal 

heat integration of the process streams with the steam cycle (the cooling water system was used for low 

temperature, low duty heat exchange, e.g., compressor aftercoolers, see system schematics for 

specification of these). The heat integration of the steam cycle was performed using pinch analysis 

methods in the Aspen Energy Analyzer tool. This tool applies mixed integer linear programming methods 

to determine optimal heat integration of the process streams with the steam cycle (the cooling water 

system was used for low temperature, low duty heat exchange, e.g., compressor aftercoolers, see 

system schematics for specification of these). There were some iterative steps required to ensure that 

the cooling duty provided by the steam cycle was sufficient to cool all the process streams. This iteration 

consisted of adjusting the stack outlet temperature of the cooling heat exchanger section on the 

exhaust from the electricity generation equipment (this iteration was not required for the hydrogen 

production processes) until no cooling water utilities were required per the Aspen Energy Analyzer tool. 
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Another important step in using this tool was the selection of the heat transfer coefficient. The tool 

provides default selections for different fluid types in shell and tube heat exchangers. These default 

values were used. The tool also then provides information used in the budget cost estimator of the 

Exchange Design and Rating tool (number of shells, area, temperature, and pressure). The results for the 

heat exchanger network in each plant design are included in the respective plant design subsections. 

The detailed results of this process can be found in Appendix B. 

4.2.12 Gas Turbine 

The gas turbine was modeled based on an aeroderivative gas turbine since that size range (40-100 

MW) is applicable to this gasifier size, which has a syngas flow of approximately 300MWth. With an 

expected efficiency of 35% (due to derating of firing temperature as a result of syngas operation [165], 

[166]), the gas turbine electricity production would be 100-110 MW. Aydin provided state information 

and isentropic efficiencies required for modeling the LM 6000 gas turbine [167].  

 

Figure 18:  General Electric LM6000 aeroderivative gas turbine (Courtesy: General Electric) 

In order to account for derating of firing temperature, information from Oluyede et al. was used to 

estimate a derating for the LM 6000 [165]. Water concentration in the combustor exhaust is what drives 

the derating in order to maintain satisfactory metal temperatures in downstream sections. From 
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Oluyede, it can be estimated that for the water concentrations in the combustor exhaust for this work 

(~8-9%mol) would require a reduction of ~60 F [165].  

Fuel pressure is set to 588 psia per [168], which specifies that the fuel pressure must be 35% greater 

than compressor outlet for proper fuel injector operation. 

The following table summarizes the operating conditions:  

Table 15:  LM 6000 gas turbine operating conditions [167] 

Compressor Stage 1 Exit Pressure [bar] 2.45 

Compressor Stage 2 Exit Pressure [bar] 30.34 

Firing Temperature [F] 2330 -> 2270 

Turbine Stage 1 Exit Pressure [bar] 7.16 

Turbine Stage 2 Exit Pressure [bar] 1.09 

 

Isentropic efficiencies of 90% were used for the turbomachinery with mechanical and generator 

efficiencies of 98% and 97%, respectively. The capital cost parameters are shown in Appendix A. 

4.2.13 Solid Oxide Fuel Cell 

The solid oxide fuel cell (SOFC) model is a thermodynamic model based on the methodology of Li et 

al. [144]. No existing process blocks allow fuel cells to be modeled correctly, so this methodology uses 

both custom built Aspen modules using FORTRAN and existing Aspen modules (i.e., equilibrium reactor 

and heat exchangers). The custom built FORTRAN module ensures mass and energy conservation while 

also calculating the SOFC electrical work using Faraday’s law:  

𝑊𝐹𝐶 = 𝑛𝐹𝑈𝐹(2𝑋𝐻2 + 2𝑋𝐶𝑂 + 2𝑋𝐶𝐻4)�̇�𝑎𝑛𝑜𝑑𝑒𝑉𝐹𝐶 

However, the assumption in the custom built FORTRAN model is that all species are consumed at the 

same rate, which does not represent actual SOFC operation well. Therefore, an additional equilibrium 

reactor is required to better approximate the anode species concentrations exiting the SOFC. Other 
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more detailed models with better spatial resolution have shown that the anode exit species 

concentrations do indeed approach equilibrium [144] confirming this methodology. Figure 19 illustrates 

the methodology with the custom SOFC module labeled “SOFC” and the equilibrium reactor labeled 

“ANODEQ. 

 

Figure 19:  Thermodynamic SOFC model (from [144]) 

In Figure 19, the heat generated from the SOFC operation is also shown as the sum of the heat 

generated by both the custom module and the equilibrium reactor. In the custom module, the heat 

generated is calculated via conservation of energy (i.e., the enthalpy difference less the electrical power 

generated). The overall heat loss (QNET) from the SOFC is assumed to be 1% of the sum of the electrical 

power and total enthalpy difference across the SOFC [144]. 

The air and fuel preheat occur by heat transfer between the inlet and outlet streams for the anode 

cathode respectively.  

Table 16:  Operating parameters of the atmospheric SOFC 

ΔTanode [F] 360 

ΔTcathode [F] 360 

ΔPanode [psi] 3 

ΔPcathode [psi] 4 

PFC [psia] 22 

TFC,avg [F] 1340 

VFC [V] 0.8 

UF [-] 0.85 
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The remaining fuel in the anode exhaust is combusted in the Anode Tail Oxidizer (ATO) for additional 

heat production. The operating parameters of the SOFC are shown in Table 16 and were selected based 

on [144]. 

The capital cost parameters are shown in Appendix A. 

4.2.14 Solid Oxide Fuel Cell/Gas Turbine Hybrid 

The solid oxide fuel cell/gas turbine hybrid system consists of the SOFC model described in Section 

4.2.13 with a different operating pressure and pressure drops based on [144] as well as turbomachinery 

modeled as described in 4.2.12 but with different pressure ratios to match the operating pressure of the 

SOFC.  

Table 17:  Operating parameters of SOFC in SOFC/GT 

ΔTanode [F] 360 

ΔTcathode [F] 360 

ΔPanode [psi] 7 

ΔPcathode [psi] 9 

PFC [psia] 149 

TFC,avg [F] 1340 

VFC [V] 0.8 

UF [-] 0.85 

 

4.3 Integrated Biomass Gasification Hydrogen Production Design 

Figure 20 shows the plant layout for the IBGH2 design. The major components include the gasifier, 

tar cracker, water scrubber, sulfur removal, steam reformation, water-gas shift, pressure swing 

absorption, hydrogen compression, steam cycle, and cooling tower. The modeling methodologies for 

each of the components is described in the previous section. The baseline design for the IBGH2 is for 
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injecting hydrogen into a pipeline. Other delivery scenarios will be investigated including compression to 

higher pressure for truck delivery and liquefaction for truck delivery to hydrogen dispensing stations. 

4.4 Integrated Biomass Gasification Combined Cycle Design 

Figure 21 shows the plant layout for the IBGCC system design. The major components similar to 

those in the IBGH2 design are the gasifier, tar cracker, water scrubber, steam cycle, cooling tower, and 

sulfur removal. The steam reformation, water-gas shift reactors, pressure swing adsorption unit, and 

hydrogen compression are not included in this design. The syngas compressor also has a higher outlet 

pressure than in the IBGH2 design in order to ensure sufficient pressures for fuel injection into the 

combustor of the gas turbine. 

4.5 Integrated Biomass Gasification Solid Oxide Fuel Cell Design 

Figure 22 shows the plant layout for the IBGFC system design. The major components are all similar 

to those in the IBGCC design except for the replacement of the gas turbine with the fuel cell and the 

lower output pressure of the syngas compressor given the lower operating pressure of the fuel cell. 

4.6 Integrated Biomass Gasification Solid Oxide Fuel Cell/Gas Turbine Design 

Figure 23 shows the plant layout for the IBGFCGT system design. The major components are all 

similar to those in the IBGFC design except for the higher operating pressure of the fuel cell (and 

requisite higher syngas compressor pressure) and the expander on the exhaust of the fuel cell. 
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Figure 20:  IBGH2 plant schematic  
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Figure 21:  IBGCC plant schematic 
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Figure 22:  IBGFC plant schematic 
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Figure 23:  IBGFCGT plant schematic 
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4.7 Plant Design Analysis and Results 

Figure 24 shows the plant’s overall energetic and exergetic efficiencies including the energetic 

efficiency of the power block. The plant energetic efficiency is defined as the energy production (fuel 

mass flow times heating value of fuel produced or electrical energy produced) divided by the energy 

input (biomass mass flow times biomass heating value), 𝜂𝑒 =  
�̇�𝐻2 𝑜𝑟 𝐸𝑙𝑒𝑐

�̇�𝑤𝑜𝑜𝑑
 where the electrical energy. The 

exergetic efficiency is defined as 𝜂𝑒𝑥 =  
�̇�𝐻2 𝑜𝑟 𝐸𝑙𝑒𝑐

�̇�𝑤𝑜𝑜𝑑
, where the exergy of electricity is equivalent to the 

electrical energy and the exergy of hydrogen is equal to the chemical exergy and physical exergy, which 

is dependent on the temperature and pressure of the hydrogen. The chemical exergy of hydrogen is 

117.1 MJ/kg. The physical exergy is calculated using the property method in ASPEN. The energetic 

efficiencies of the power plant only is defined as 𝜂𝑒 =  
�̇�𝐸𝑙𝑒𝑐

�̇�𝑠𝑦𝑛𝑔𝑎𝑠
 where �̇�𝑠𝑦𝑛𝑔𝑎𝑠 is equivalent to the lower 

heating value of the syngas mixture entering the power plant times the mass flow of the syngas mixture 

entering the power plant. The IBGH2 design exhibits the highest energetic and exergetic efficiencies, 

however, the difference between the IBGFC/IBGFCGT plants and the IBGH2 plant are small. In fact, if the 

generic T&D/refueling efficiencies for pipeline transport of hydrogen from [169] are used, and the 

electricity T&D/charging efficiencies from Table 18 are used, the gain in efficiency from production of 

hydrogen is lost when including these additional supply chain inefficiencies. It should be noted that 

integrated gasification fuel cell systems remain in a medium TRL range, and if a IBGCC is compared to 

the IBGH2 system, the efficiency gain at the plant is large enough to still outperform the 

IBGCC/electricity/BEV system. These results are shown in Table 18. Although these estimations are 

valuable, there are additional details affecting the supply chain energy efficiency that need to be 

explored particularly when considering a 2030s timeframe. These mainly involve the method of H2 

transport since it is unlikely that transport of hydrogen would occur via pipeline in a 2030s timeframe 
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(although it might be done a limited scale). Therefore, the effect of producing hydrogen ready for 

gaseous or liquid truck transport must be evaluated. The following section examines this (Section 4.7.2). 

 

Figure 24:  Efficiency metrics calculated from the different plant design simulations 

Table 18:  Well to wheel estimates using IBG plant efficiencies from this study combined with other supply chain 
element efficiencies  

 
Gasification 
Plant Eff [-] 

T&D Eff [-] CSD/Chargi
ng Eff [-] 

WTT Eff [-] Vehicle 
MPGGE 

mi/kg 
biomass 

H2, pipeline 0.498 0.96 0.87 0.416 75 4.99 

Electricity, CC 0.335 0.92 0.9 0.277 100 4.38 

Electricity, FC 0.402 0.92 0.9 0.333 100 5.26 

Electricity, FCGT 0.464 0.92 0.9 0.384 100 6.07 

 

Figure 25 shows the resulting production rates for the different IBG plant designs modeled in ASPEN 

Plus at a biomass feed rate of 2000 dry tons per day. At this biomass feed rate, the electricity production 

will be between 149 and 206 MW. The hydrogen production rate is 159 tons per day. Given a typical 

California household has a mean power consumption of 1kW [170], this power production would be 

sufficient to serve on the order of a hundred thousand households. Assuming the average FCEV 

Plant Efficiency,
HHV [-]

Plant Efficiency,
LHV [-]

Net Power Plant
Efficiency, LHV [-]

Plant Exergetic
Efficiency [-]

IBGH2 0.549 0.498 0.468

IBGCC 0.312 0.335 0.532 0.309

IBGFC 0.375 0.402 0.458 0.370

IBGFCGT 0.433 0.464 0.604 0.428
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consumes 0.6 kg/car/day [171], this hydrogen production would serve on the order of several hundred 

thousand FCEVs. 

 

Figure 25:  IBG plant production from different IBG plant designs at a 2000 dry ton per day biomass feed rate 

Table 19 shows the parasitic electrical loads and the power production from each element in the 

power block. The largest parasitic load in all but one of the IBG plant designs (in the IBGFC case, the FC 

blower is the largest parasitic) is the syngas compressor. The syngas compressor needs to compress 

most of the syngas (recall that some syngas must be supplied to the char combustor of the gasifier to 

maintain temperatures in the gasifier bed), i.e., a high flowrate of gas, from atmospheric to various 

levels of pressurization (see Table 14) with highest level being 42 atm for the IBGCC plant. 

Improvements in efficiency on this component or system redesign such that less syngas compression is 

required could yield significant benefits to the overall plant efficiency. In fact, this is one major 

motivation for developing high temperature syngas clean up technologies that can operate at pressure. 

This would allow pressurization of the gasifier and reduce the need for additional pressurization after 

the gasifier since the need to cool the syngas for the water scrubber would be removed. For the IBGH2 
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plant, the second largest parasitic is the hydrogen compressor. In the IBGH2 design under consideration 

here, the pressure of the hydrogen product is 60 atm for injection into a pipeline. For gaseous truck 

delivery (600 atm product), this parasitic would grow as shown in later sections.  

Table 19:  Summary of parasitic loads and power generation components for each plant design 

 IBGH2 IBGCC IBGFC IBGFCGT  
Auxiliaries 9.8 11.2 8.4 7.7 MW 

SG Compressor 24.3 26.5 14.0 20.4 MW 

H2 Compressor 4.0 0.0 0.0 0.0 MW 

FC Blower 0.0 0.0 26.1 0.0 MW 

      
ST 38.1 64.2 40.7 22.7 MW 

GT 0.0 122.4 0.0 25.1 MW 

FC 0.0 0.0 186.6 186.6 MW 

 

The criteria pollutant emission factors for the different IBG plant designs are shown in Figure 26. 

These emission factors can be compared to those from the Greenhouse gases, Regulated Emissions, and 

Energy use in Transportation (GREET) model [172], which is a respected well-to-wheel emissions 

calculator and the same model used to analyze carbon emissions from different fuel production 

pathways for the Low Carbon Fuel Standard in California. The emission factors shown in Figure 26 are 

per unit fuel energy input. The GREET emission factors shown are for the IBG plant only and do not 

include other supply chain steps. The emission factors estimated in this work are calculated using the 

exit concentrations at the various points in the IBG systems that exhaust to the atmosphere (gasifier 

combustor, gas turbine combustor, steam methane reformer burner, fuel cell burner). The 

concentrations at the outlets of these reactors are determined using two methods: 1) equilibrium 

calculations (NOx, SOx, CO) and 2) using typical particulate matter exit concentrations from these 

reactor types after packed bed utilization, which are on the order of 1 mg/Nm3 [78], [173]. It should be 

noted that GREET does not specify emissions from IBGFC systems. 
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The emissions estimated in this modeling exercise are lower than those specified by GREET. The 

lower PM emissions in this modeling exercise result from the application of filters where it appears in 

GREET that these filters are not assumed. Trends between the different systems agree with GREET while 

other trends do not. The higher CO emissions from the IBGH2 systems when compared to the IBGCC 

systems follows the trends seen from GREET. The reason the CO emissions are higher in the IBGH2 

system results from the higher emissions from the SMR when compared to the gas turbine. However, 

the NOx emissions and the PM10 emissions trends between the IBGH2 and IBGCC systems do not align 

with GREET in which the NOx emissions are lower in the IBGCC than the IBGH2 and the PM10 emissions 

are higher in the IBGCC than the IBGH2. In this model, more NOx emissions occur from the gas turbine 

than the SMR despite the low concentration of NOx in the gas turbine exhaust (2.26 ppmv corrected to 

15% O2). The PM2.5 emissions trends between the systems in GREET match the estimations in this 

model, i.e., no change. 

The SOx emission rate across all the scenarios is the same because the point of SOx emission is the 

exit of the char combustor, and since the operation of the gasifier is the same across all the IBG plant 

designs, the SOx emission rate is the same. The IBGCC plant design does not necessarily require the 

sulfur removal components upstream of the gas turbine. Therefore, the SOx emission rate exiting the 

gas turbine was investigated without the ZnO bed and without both the ZnO bed and the LOCAT system. 

Removing the ZnO bed from the IBGCC plant would result in an additional 170 lb/day of SOx emissions. 

For context, the air quality significance threshold for SOx emitters is 150lb/day in the South Coast Air 

Quality Management District [174]. The significance threshold is a defined limit over which mitigation 

measures need to be implemented at a given project/site. Federal regulation on new stationary sources 

require new sources built after 2011 to emit less than 1.2lb/MWh output [175].  The IBGCC plant 

emitting 170 lb/day of SOx corresponds to 0.048 lb/MWh. This plant could be built since SCAQMD 



 

88 

 

employs the federal regulations for SOx emissions, but would need to undergo a process with the 

SCAQMD to check that all possible mitigation technologies are deployed to receive approval for building 

in the South Coast Air Basin. It should also be mentioned that the average SOx emissions from California 

electricity generation is 0.04 lb/MWh [176]. Removing the LOCAT system would result in excessive SOx 

emissions (1.7 lb/MWh) that do not meet the federal regulation requirements. 

 

Figure 26:  Pollutant emission rates in grams per mmBtu fuel consumed for the different IBG plant design models as 
compared to GREET [172] 

Water consumption rates for the different systems are shown in Figure 27. The overall steam to 

biomass mass ratio is also shown since the water consumption is driven by the steam flow rates. The 

steam to biomass mass ratio for gasifier operation is the same across all systems (0.6), so the remaining 

steam production is related to power production needs for powering parasitic loads and other steam 

needs (e.g., steam methane reformation). The IBGCC system shows the highest water consumption rate 

due to the higher steam requirements, which result from the high parasitic loads, which require 

additional steam production to provide power to these loads. This IBGCC water consumption rate 

compares well with reported values in the literature for other IGCC systems with wet cooling, e.g., ~220 
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ton/hr for a plant output of 150 MW [177]. Water consumption for a similar sized natural gas fueled 

combined cycle system with wet cooling would consume 112 ton/hr. The IBGFC systems show the 

lowest water consumption rates given their high efficiency combined with no need for steam 

reformation as in the IBGH2 case. 

 

Figure 27:  Water consumption and steam/biomass mass ratios for plant designs 

Table 20 and Table 21 compare results from these IBG system models to those in two references 

from Tock et al. [18] and Corradetti et al. [19] that also examined the differences between producing 

hydrogen or electricity from biomass. The two main metrics examined in these two references were cost 

and efficiency and are shown in the first two rows of each table. In general, it is difficult to make very 

direct comparisons given the number of variables that differ across the studies with each having an 

effect that drives the efficiency or cost up or down and not all variables being fully enumerated across 

the studies. However, there are important large differences to note.  

Corradetti et al. modeled the highest IBGH2 efficiency as well as the highest IBGCC efficiency. 

However, Corradetti et al. assumed that the parasitic loads of the IBGH2 plant would not be served by 
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onsite generation and the steam generated from cooling processes in the plant would be sold and not 

utilized onsite. Therefore, the efficiency in Table 20 is estimated using the specified parasitic loads in the 

paper and subtracting that from the useful energy out as hydrogen. This leads to an overestimation of 

the actual efficiency (since energy that was used to produce hydrogen in the original plant design would 

need to be used to produce electricity through which there would be losses), but is the best that can be 

done given the information in the paper. Tock et al. modeled the second highest IBGH2 efficiency (and is 

likely higher than that of Corradetti et al.) and highest levelized cost of hydrogen. The high cost of 

hydrogen is due to the high feed stock costs and a slightly higher than average (although not as high as 

the plant capital cost shown for this study; the effect of gasifier cost will be examined in Section 4.7.1) 

plant capital cost although this cannot be verified since they do not show their capital cost assumptions. 

The high efficiency of the Tock IBGH2 system results from several factors but mostly the use of a gas 

turbine and the likely application of heat pumps in the dryer section of the plant (they mention use of 

heat pumps but do not specify where, but this is the likely application given the prevalence of this 

application), which also likely increased capital costs of the plant. Utilization of a heat pump in drying 

processes has been applied in the food processing industry for decades since it allows for efficiency 

gains over conventional drying where humid air is exhausted to the atmosphere with the sensible and 

latent heat being wasted [178]. In drying wood, it has been found that heat pump assisted drying can 

reduce energy consumption of the drying process by 45% compared to conventional hot air dryers 

[179]. In a drying process assisted by a heat pump, the humid air exiting the dryer is split between 

venting to atmosphere and recycling to the inlet. The humid air recycled to the inlet is first dehumidified 

by flowing over the evaporator of the heat pump thereby transferring the latent heat to the working 

fluid of the heat pump. The incoming outside air is mixed with the recycled air and moves across the 



 

91 

 

condenser coils where the working fluid of the heat pump transfers heat to the air before the drying 

section.  

It should also be noted that Tock et al. use a gas turbine in their IBGH2 design along with the steam 

turbine. Interestingly, Tock et al. fire the gas turbine with a high hydrogen content stream (>80%) after 

the steam reformer, which means a specialized gas turbine that can operate on this fuel (which has been 

demonstrated but is not fully commercial) and a larger steam reformer, both adding to capital cost. The 

application of the gas turbine is also partly responsible for the higher plant efficiency versus steam 

turbine only designs given a gas turbine will more efficiently produce electricity than the steam turbine. 

The final item to note is the spread in capital cost of the gasifiers in each study with more than a five-

fold difference between the high and low values. Given this range, the impact of gasifier cost on the 

resulting plant economics will be investigated. 

Table 20:  IBGH2 plant analyses comparisons across various studies in the literature 

 This study Tock [18] Corradetti [19] Spath [141] 

Plant Type IBGH2 IBGH2 IBGH2 IBGH2 

Efficiency - LHV [%] 49.8 55 56.2 45.6 

H2 Cost [$/kg] 2.79 4.33 1.42 1.38 
     
Moisture [%] 30 50 30 50 

Moisture Exit Dryer [%] 10 20 10 12 

Gasifier Steam/Biomass [kg/kg] 0.6 0.5 0.019 0.4 

Feedstock Price [$/dry ton] 60 129 20 60 

Gasifier Capital Cost [$k/ton, dry feed] 42.3 ? 21.1 8.1 

CGE [%] 77 78 78.5 72 

SMR Temp [F] 1562 1562 1652 1562 

SMR P [psia] 435 368 515 435 

H2 recovery [%] 85 90 85 85 

Auxiliaries [kW/MWfeed] 22.05 119.6 20.44 23.43 

SG Compressor [kW/MWfeed] 54.34 - 34.4 51.07 

GT [kW/MWfeed] - 98.4 - - 

ST [kW/MWfeed] 87.07 29.3 - 57.56 

LHV SG [MJ/kg] 14.4 ? 16.325 13.99 

SG Polytropic Eff [-](*Isentropic) 0.78 0.8* 0.75 0.78 

Turbomachinery Isentropic Eff [-] 0.85 0.8 - 0.85 
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Table 21 compares the different IBGCC systems from the different studies. Tock et al. and Corradetti 

et al. both achieve efficiencies of 45% while this study is much lower at 33.5%. A major driver for the 

lower plant efficiency in this study is due to the lower firing temperature of the gas turbine. Corradetti 

et al. has a lower firing temperature than Tock et al., but the turbomachinery in Corradetti et al. is more 

efficient. Finally, it should be noted that the gasifier steam to biomass ratio is very low in the Corradetti 

et al. study. They modeled a dual bed gasifier at atmospheric conditions which is similar to the 

technologies modeled in Tock et al. and this study. 

Table 21:  IBGCC plant analyses comparisons across various studies in the literature 

 This study Tock [18] Corradetti [19]  

Plant Type IBGCC IBGCC IBGCC  

Efficiency - LHV [%] 33.5 45 45.1  

Elec Cost [$/MWh] 150 177 50  

     

Moisture [%] 30 50 30  

Moisture Exit Dryer [%] 10 20 10  

Gasifier Steam/Biomass [kg/kg] 0.6 0.5 0.019  

Feedstock Price [$/dry ton] 60 129 20  

Gasifier Capital Cost [$k/ton, dry feed] 42.3 ? 21.1  

CGE [%] 77 78 78.5  

Auxiliaries [kW/MWfeed] 25.2 91.8 20.68  

SG Compressor [kW/MWfeed] 59.63  32.4  

GT [kW/MWfeed] 275.42 425.5 295.5  

ST [kW/MWfeed] 144.45 115.6 209.9  

LHV SG [MJ/kg] 14.4 H2 pure 16.325  

SG Polytropic Eff [-] (*Isentropic) 0.78 0.8* 0.75  

Turbomachinery Isentropic Eff [-] 0.85 0.8 0.9  

Firing Temperature [K] 1516 1600 1561  

 

The levelized cost per unit energy supplied from the different IBG systems for various feedstock costs 

is shown in Figure 28. The levelized cost is broken down into the levelized total overnight cost (LTOC), 

the levelized feedstock cost (Lfeed), the levelized variable operating and maintenance costs (LOM), and 

levelized fixed O&M costs (LFOM). As expected, the levelized cost of energy increases as feedstock costs 
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increase driven mainly by the increase in the levelized cost of the feedstock, however, there is slight 

increases in the VOM, FOM and TOC costs as the feedstock cost varies that cannot be seen in Figure 28. 

It should be noted that the IBFCGT and IBGFC systems have a lower levelized cost of electricity than the 

IBGCC system despite having higher capital costs, which is a result of the significantly higher efficiencies 

of these systems. To understand these costs in the context of market prices, representative wholesale 

market prices for hydrogen and electricity can be found from the following references, $1/kg [180] and 

$39.89/MWh [181]. The IBGFC systems provide the lowest cost of electricity among the IBG systems 

producing electricity.  

 
a) 

 
b) 

Figure 28:  Levelized cost of energy for the different BEC plant designs: a) IBGH2 with 60 bar GH2 supply and b) IBG 
systems for electricity production 

Figure 29 shows the breakdown of costs between the various pieces of equipment in each plant. The 

main takeaway here is that the gasifier accounts for the majority of the total equipment costs in each 

IBG plant (recall the large variation of gasifier costs found in the literature) meaning cost reductions in 

the gasifier can be meaningful in reducing overall plant costs. For the IBGFC plants, the fuel cell remains 

the next largest component cost in the plant. The syngas compressor is also a large overall cost and 

could be another focus for cost reductions.  
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a) b)  

c) d)  

Figure 29:  Percent of total equipment cost for each component in the four plant designs 

4.7.1 Effect of Gasifier Cost 

The gasifier cost accounts for the majority of equipment costs (Figure 29), therefore, its cost can 

have a large effect on the levelized cost of energy across the different systems. In surveying the 

literature, the gasifier costs were found to vary between ~$8/kton, dry feed [141] and ~$40/kton, dry 

feed [182]. The gasifier costs in [182] represent initial deployment cost estimates for first generation 

FICFB gasifier systems while the gasifier cost in [141] represent a fully commercial system. Figure 30 

illustrates the sensitivity of the levelized cost of hydrogen (LCOH) to gasifier cost assumptions with the 

error bars representing high and low gasifier costs from [182] and [141], respectively. Figure 31 
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illustrates the sensitivity of the levelized cost of hydrogen (LCOH) to gasifier cost assumptions with the 

error bars representing high and low gasifier costs from [182] and [141], respectively. Comparing the 

different IBG systems generating electricity, the IBGCC system has the highest LCOE with the IBGFC and 

IBGFCGT systems having similar LCOE at low feedstock costs that diverge at higher LCOE costs due to the 

higher IBGFCGT efficiency. The slopes for all the IBG systems are different as a result of the different 

efficiencies, which alter the impact of feedstock cost to the total portfolio of levelized costs. 

 

Figure 30:  Levelized cost of hydrogen the IBGH2 (pipeline 60bar) system versus feedstock costs with error bars 
representing high and low gasifier costs from [182] and [141], respectively 
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Figure 31:  Levelized cost of electricity for IBG systems versus feedstock costs with error bars representing high and low 
gasifier costs from [182] and [141], respectively 

Figure 32 shows the ratio of the high levelized cost using the high gasifier cost assumption to the low 

levelized cost using low gasifier cost assumption in order to understand the impact of feedstock costs as 

the gasifier cost is altered. The ratio represents the growth in levelized costs from the low to high 

gasifier cost cases.  The ratio across all the cases varies from 1.35 to 1.73 representing levelized cost 

increases of 35% to 73% which are significant as would be expected given the percentage of overall 

equipment costs the gasifier accounts for. The ratio decreases as feedstock cost increases because the 

feedstock costs become more dominant than the plant equipment costs, which include the gasifier 

costs. This means that as feedstock costs increase the gasifier cost will be less important in dictating the 

levelized energy costs although capital cost considerations are still important and the gasifier will still 

dominate that aspect. The effect of IBG plant design can be observed. Two factors affect the variation 

among the plant designs. The first is the contribution of gasifier costs to the overall plant equipment 

cost (see Figure 29), e.g., the IBGH2 plant has a large contribution from the gasifier cost to total 

equipment cost resulting in the largest ratio of high/low levelized costs and the IBGCC plant is second 

largest since the gasifier cost has the second largest contribution to overall equipment costs among the 
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different IBG plant designs.  The second factor is the IBG plant efficiency, which affects the rates of 

decrease versus feedstock cost for the different plants. Those with higher efficiency have greater 

decreases overall as well as higher rates of decrease as feedstock cost increases. This results from higher 

efficiency plant levelized costs not having as much dependence on feedstock cost (i.e., flatter slope), 

which results in the gasifier costs being more important to the levelized costs. 

 

Figure 32:  Ratio of high levelized cost using high gasifier cost assumption to low levelized cost using low gasifier cost 
assumption 

4.7.2 Effect of Hydrogen Product 

To investigate the effect of the hydrogen product type (state), five additional IBGH2 plant designs 

were modeled in addition to the pipeline hydrogen (60bar) IBGH2 system. These IBGH2 plant designs 

produce two products: a gaseous hydrogen (GH2) product at 600 bar and a liquid hydrogen product 

(20K, 1bar). Both products are loaded onto trucks for delivery to hydrogen refueling stations.  

For the IBGH2 producing 600 bar GH2 (IBGH2 600bar), the alterations to the original IBGH2 60 bar 

model included increasing the outlet pressure of the hydrogen compressor and adding storage tanks 

that would be required logistically. According to [169], there should be 84,000 kg of storage (4,200 20kg 
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storage tubes), which is based on 6 hours of storage and a useable tank capacity of 46%. The high 

pressure hydrogen compressors cost significantly more per kg/d output. The pipeline (60 bar) 

compressor has a cost ~$28/kg/d while the high pressure hydrogen compressors (600 bar) have a cost 

~$950/kg/d [169]. The terminal storage is also very expensive at a cost of ~$970/kg/d [169]. The 

hydrogen compression power increases from 4MW in the 60 bar case to 13.4 MW for the 600 bar case. 

This increased parasitic load results in a plant efficiency reduction of 11% as shown in Figure 33.  

The liquid hydrogen IBGH2 plants (IBGH2 LH2) included several designs. The benefit of liquefaction is 

the increase in energy density, which makes longer distance transportation of hydrogen economical. A 

drawback of liquefaction is the large efficiency penalty at the IBGH2 plant due to the refrigeration loads 

required to produce the liquid hydrogen. The liquefier was modeled as a large heat exchanger with an 

electrical power requirement based on the literature. All the IBGH2 LH2 designs maintain net zero 

power despite the large increase in parasitic load due to the liquefier. This is accomplished with 

increased steam turbine power output through burning more syngas to raise more steam or with the 

installation of an additional power block (fuel cell or gas turbine) to provide for the added liquefaction 

parasitic load. The liquefier (and terminal storage) costs $4200/kg/d [169]. 

For the systems that raised more steam for power production, two designs were considered: one 

that represented current liquefaction technology that has an electrical energy input rate of 9.6 kWh/kg 

H2 [169] (IBGH2 LH2, highkWh) and one that represented a future design that has an electrical energy 

input per kg H2, 6.4 kWh/kg H2 [183] (IBGH2 LH2, lowkWh). 

For the systems that used an additional power block, two designs were considered: one in which a 

gas turbine was used (IBGH2 LH2, GT) and one in which a fuel cell was used (IBGH2 LH2, FC). In these 

designs, an additional control valve was used before the steam reformer to provide fuel to the FC or GT. 

The flow split between the steam reformer and the FC or GT was controlled such that net zero power 
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was achieved. The FC and GT models from section 4.2 were used. In both the IBGH2 LH2, FC and GT 

designs, the future liquefier design was used (i.e., 6.4 kWh/kg H2). 

 

Figure 33:  IBGH2 plant efficiencies for different designs and hydrogen products 

Figure 33 shows the system energy efficiencies for the different IBGH2 plant designs. The LH2 plants 

do not perform as well as the GH2 plants based on this metric. This is a result of the large parasitic 

associated with the liquefier. Implementing a liquefier that achieves an energy consumption of 6.4 

kWh/kg results in a system energy efficiency increase of 13%, which is significant. Further efficiency 

gains can be achieved if another power block is used that has a higher electric efficiency approaching 

that of the GH2, 600 bar design if a FC is used. 
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Figure 34:  IBGH2 plant levelized costs of hydrogen for different designs and hydrogen products 

Figure 34 shows the LCOH for the different IBGH2 plant designs at all different feedstock costs. The 

LH2 plant designs are more costly than the GH2 designs as one would expect given the cost and 

efficiency differences associated with the additional equipment needed for the different products. 

Interestingly, the LH2, GT and FC cases have lower LCOH than the LH2, highkWh and lowkWh cases 

despite the higher capital costs associated with the LH2, GT and FC plants (see Figure 35). This is a result 

of the increased plant energy efficiency allowing higher levels of H2 production which reduce the 

levelized costs. 
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Figure 35:  Total overnight cost (feedstock cost = $30/dt) for the different IBGH2 design options 

Figure 36 shows the LCOH for the different IBGH2 systems considered but with the lower gasifier cost 

used for comparison to Figure 34 where the high gasifier cost is used. Even with the lower gasifier cost, 

the LCOH for the LH2 plants is very high compared to those prices typically seen currently for hydrogen 

from steam reformer systems: $1/kg [180]. 
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Figure 36:  IBGH2 plant levelized costs of hydrogen for different designs and hydrogen products at lower gasifier cost 

4.7.3 Effects of Plant Scale 

The effect of plant scale is significant and must be accounted for when analyzing biomass supply 

chains where economies of scale occur at the plant and diseconomies of scale occur in the upstream 

transport of the biomass to the plant and in the case of hydrogen, the transport of the hydrogen as well. 

Previous work by Dornburg and Faaij examined the effect of plant scale on the plant energy efficiency 

[184]. The methodology for accounting for the scaling effect on costs was outlined Eq. 4.1.  

Figure 37 shows the aggregated thermal energy efficiency curve for gasifiers and electric energy 

efficiency curve for IBGCC systems versus the plant size from [184] where the literature was surveyed. 

Figure 37 also shows the energy efficiency of steam methane reformers based on data from [180]. Curve 

fits were developed from these data, which are used in the supply chain modeling in Section 5 and 6 to 

capture the economies of scale at the plant. 
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Figure 37:  Normalized efficiency variation with scale in terms of fuel thermal input for three different systems: thermal 
efficiency for gasifiers [184], electric efficiency of IBGCC [184], and efficiency of SMR systems [180] 

Figure 38 shows the impact of this scaling effect on the LCOH for the different IBGH2 plant designs. 

The impact is much more significant than the change in feedstock cost. The smaller IBGH2 plants result 

in very high costs for some of the LH2 cases.  

 

Figure 38:  IBGH2 plant levelized costs of hydrogen for different designs and hydrogen products with variation of plant 
size 
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5 Integrated Supply Chain Modeling  

The biomass supply chain consists of growing, harvesting, collecting, storage, transport, biomass 

energy conversion, and distribution of fuel or electricity to end use. Section 2.1.3 discusses the details of 

the growing, harvesting, collecting, storage, and biomass transport steps. Section 0 identified several 

research gaps related to the evaluation of biomass conversion to electricity and hydrogen. The biomass 

energy conversion step to produce electricity or hydrogen has been modeled and analyzed in detail in 

Task 3 (Section 4). These results will be used in this section to model the biomass energy conversion 

step. Given the research gaps identified as part of the literature review in Section 0, the focus is on the 

following steps in the biomass supply chain for production of electricity or hydrogen: the biomass 

transport to the BEC plant and the transport of hydrogen to refueling stations. For all the other steps, 

literature values were used.  

To improve the modeling of biomass transport to the BEC plant over what is currently in the 

literature, increasing the spatial resolution is required in order to more realistically simulate the highly 

distributed nature of forestry biomass. Most studies in the literature use centroids of counties or other 

large regions to simulate biomass supply points. Many also do not use detailed street and rail networks.  

This is key in analyzing bioenergy supply chains because there is a tradeoff between the economies 

of scale that occur at the BEC plant and the diseconomies of scale associated with the transport of the 

biomass to the BEC plant. This is illustrated in Figure 39. 

This diseconomy of scale is also applicable to the distribution of hydrogen from the BEC plant to 

refueling stations. Therefore, this hydrogen transport will be modeled in detail by first siting hydrogen 

refueling stations in markets with several different assumptions about how these refueling station 

network is clustered.  
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With more detailed analysis of these two aspects on either side of the BEC plant will improve upon 

what is in the literature. The methodologies for analyzing these aspects will be discussed in the following 

section. The remaining aspects are reasonably modeled in the literature. The methods from the 

literature used for the other supply chain steps will be described in the following section as well.  

 

Figure 39:  Conceptual plot illustrating the tradeoff between the economy of scale occurring at the BEC plant and the 
diseconomy of scale associated with the biomass transport to the BEC plant 

 

5.1 Collection to Roadside 

The collection step in the supply chain is modeled mostly using output from other models in the 

literature while increasing the spatial resolution of forestry biomass to better account for transportation 

costs and emissions in the next step of the supply chain. The collection costs were taken from [20], 

which includes county level supply information for various levels of collection costs. The emissions 

associated with collection were modeled using emission factors from GREET.  
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The county level collection costs and resulting supplies of forestry biomass in the US DOE Billion Ton 

study were estimated using the Forest Sustainable and Economic Analysis Model (ForSEAM). This model 

was built to estimate the forestry biomass that can be made available at different collection costs. The 

model uses a linear programming approach where collection costs are minimized given a production 

target goal with constraints. The production target goals are associated with the production of 

traditional wood products, i.e., projected demands for sawlogs and pulpwood from the US Forest 

Products Module for the northern, southern, and western parts of the United States. It is assumed that 

access to forest biomass for energy conversion will come from integrated harvesting operations that 

provide sawlogs and pulpwood to meet existing market demand while also providing biomass for 

energy. The constraints in ForSEAM include harvest intensity constraints not to be exceeded, a set 

proportion between thinning and clear cut operations, growth constraints, stand diameter harvesting 

constraints, and the constraint that conventional timber demands be met. The ForSEAM model is used 

to simulate various conventional demand scenarios for each year from 2014 to 2040.  

The scenario under consideration in this study is for the year 2030 and the medium housing demand 

projection. The supply curves for each county in CA of this scenario is shown in Figure 42. These forestry 

biomass annual supplies are then downscaled to a higher spatial resolution as described in the following 

section (5.1.1). This will allow for a more detailed estimation of biomass transport costs to the bioenergy 

conversion plant.  
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Figure 40:  Annual forestry biomass supplies for each county in California at various roadside costs under the scenario of 
medium housing  

 

Figure 41:  County level forestry biomass supply in California for the year 2030 (Medium Housing, Medium Energy, Base 
Case Energy Crops) from [20] at two different roadside supply costs: a) $30/dt and b) $100/dt 

Collection emissions were modeled using emission factors from the GREET model. These collection 

emission factors are shown in Figure 42. The CO2 emission factor is 12.9 kg CO2/dt. These collection 

emission factors were derived from [185]. 
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Figure 42:  GREET emission factors for collection of forestry biomass 

5.1.1 Methodology for Increasing Spatial Resolution 

Given that the forestry biomass supply estimates are resolved spatially at a county level, in order to 

better estimate the costs of biomass transport to the bioenergy conversion plant, a higher resolution of 

the collection to roadside sites was needed. Typical forwarding distances from the stand to roadside is in 

the range of several km suggesting that an appropriate roadside collection site grid would have a grid 

size of several km by several km [186], [187]. Interestingly, the state of California prepares a database 

that identifies the dominant life form covering 30mx30m cells across California [188]. This effort is 

completed by the California Department of Forestry and Fire Protection, and the effort is entitled the 

Fire and Resource Assessment Program (FRAP) [188]. These data are shown in Figure 43.  
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Figure 43:  Dominant life form covering 30mx30m cells across the state of California completed as part of the California 
Department of Forestry and Fire Protection's Fire and Resource Assessment Program (FRAP) [188] 

Given the high resolution of these FRAP data, there is the potential to distribute the county level 

forestry biomass supply to a higher resolution using geographic information systems operations (see 

Figure 44) where a density metric could be developed by counting the number of 30mx30m cells in a 

county and the number of 30mx30m cells in each cell of a 4kmx4km grid that represents the roadside 

collection sites throughout the state. One other recent study has utilized these same data in a similar 

methodology [135]. Figure 45 shows the forestry density metric developed from this methodology, and 

Figure 46 shows the forestry biomass supply at the 4kmx4km roadside collection site grid after applying 

the density metric to the county level forestry supply levels. 
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Figure 44:  Geographic information systems operations to create forestry biomass density metric and use to downscale 
county level demand data to 4kmx4km roadside collection site grid 

 

Figure 45:  Forestry biomass density metric before applied to county level foresty biomass supply data from US DOE 
Billion ton report [20] 
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Figure 46:  Forestry biomass supply distribution after applying the forestry density metric to the county level data from 
US DOE Billion ton report [20] 

To check the reasonability of this approach, the yields in each cell were examined and compared to 

values in the literature as well as to the county level values. Figure 47 shows the distributions of yields 

for the different counties in California and the distributions of yields for the different cells of the 4x4km 

roadside collection site grid. The mean for county level yields is 21 dt/km2 (standard of deviation of 17 

dt/km2), and the mean yield for the 4x4 roadside collection site grid is 17 dt/km2 (standard of deviation 

of 21 dt/km2). Typical yields from the literature vary significantly depending on the types of land under 

consideration for calculating the yields. In timberlands where the production of residues is low and the 

average rotation period of the stand is very long, the yields will be low (~1 dt/km2 [115]) whereas in 

other locations where the production of residues is higher and the average rotation period of the stand 

is shorter, the yield can be up to 120 dt/km2 [189]. However, typical western North American yields are 

between 25 and 100 dt/km2 [190][189]. The study upon which the GREET model bases its emission 

factors uses a yield of 36 dt/km2 [185].  
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a) 

 
b) 

Figure 47:  Histograms of forestry harvest yield (dry ton/km2) for roadside cost of $100/dt for a) the county level and b) 
the 4x4km cell level  

 

5.2 Biomass Transport to Bioenergy Conversion Plant 

Biomass transport from the roadside collection site to the bioenergy conversion plant is modeled by 

assuming that delivery costs would be minimized for this step in the supply chain. The modes of 

transport modeled include road and rail transport. Freight costs are typically modeled using a fixed 

loading/unloading cost component and a distance dependent component. These cost components for 

road and rail transport are shown in Table 22. Rail transport has a higher fixed loading cost than does 

road transport but also has a lower distance dependent cost component resulting in a tradeoff that 

results in shorter transport distances being too expensive to consider rail transport. 

Table 22:  Cost and capacity information for calculating biomass transportation costs [190] 

Mode Loading/Unloading 
Cost ($/ton) 

Distance Dependent 
Cost ($/ton-km) 

Capacity (wet ton) 

HHD Truck 4.98 0.1114 30 

Rail 9.97 0.0306 100/hopper; 100 
hoppers/train 

 

In designing this part of the analysis, it was decided to minimize biomass transport costs while 

varying the size of the BEC Plant to understand the tradeoff between the economies of scale occurring 



 

113 

 

at the BEC plant and the diseconomies of scale occurring in transport. Therefore, a mixed integer linear 

program was developed to site a specified number of BEC plants such that the transport costs are 

minimized. The mixed integer linear program was solved using CPLEX 12.6.3 on a machine with an Intel 

Xeon E5-2680 v2 2.8GHz and 32 GB RAM. The problem is formulated in Eq. 5.1 through Eq. 5.5. This 

model will make the following decisions:  

1. Select those BEC candidate locations (𝑥𝑖) that minimize transportation costs, 𝑐𝑖𝑗𝑦𝑖𝑗, from the 

roadside collection site, 𝑗, to the BEC candidate location, 𝑖. 

2. Select the fraction of the supply (𝑦𝑖𝑗) at each roadside collection site, 𝑗, that is provided to 

the selected BEC candidate locations (𝑥𝑖) such that transportation costs, 𝑐𝑖𝑗𝑦𝑖𝑗 , are 

minimized. 

Subject to the following constraints 

1. The supply (𝑦𝑖𝑗) at each roadside collection site is fully removed and transported to a 

selected BEC candidate locations (𝑥𝑖). 

2. The number of selected BEC candidate locations (𝑥𝑖) must equal the number of BEC plants 

to be sited ( 𝑛𝐵𝐸𝐶). 

 min ∑ 𝑐𝑖𝑗𝑦𝑖𝑗

𝑖𝑗

 
Eq. 5.1 

Subject to ∑ 𝑦𝑖𝑗

𝑖

= 1 
Eq. 5.2 

 𝑥𝑖 ≥ 𝑦𝑖𝑗 ≥ 0 Eq. 5.3 

 𝑥𝑖 = 0 𝑜𝑟 1 Eq. 5.4 

 ∑ 𝑥𝑖

𝑖

= 𝑛𝐵𝐸𝐶  
Eq. 5.5 
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Where 

Sets Description Units 

𝑖 ∈ 𝐼 Set of all BEC plant candidate locations - 

𝑗 ∈ 𝐽 Set of all biomass roadside collection sites - 

Variables Description Units 

𝑦𝑖𝑗  Route decision variable - 

𝑥𝑖  BEC decision variable - 

Parameters Description Units 

𝑐𝑖𝑗  Cost to transport biomass between 𝑖 and 𝑗 $/yr 

𝑛𝐵𝐸𝐶  Number of BEC plants to be sited - 

 

To calculate the cost to transport biomass between the roadside collection site, 𝑗, to the BEC 

candidate location, 𝑖, two geographic data sets in addition to the roadside collection supply points are 

needed: 1) construct a set of BEC plant candidate locations and 2) build the two transportation networks 

involved in this transport: road and rail. The BEC candidate site locations were constructed using a 

20x20km grid of points and then using the categorization set forth by the California study on land 

ownership and management (see Figure 48). Status 1 corresponds to wilderness and conservancy areas 

that have low levels of land management. Status 2 corresponds to wildlife refuges and regional 

wilderness parks. Status 3 corresponds to national and state forests, Bureau of Land Management lands, 

and regional parks. Status 4 is privately managed land. These status 4 lands are those that are open to 

development and could provide a site for a BEC plant. Only these areas were considered as potential 

locations for BEC plants as shown in Figure 49. The roadside collection supply points were discussed 

previously and are also shown in Figure 49. 



 

115 

 

 

Figure 48:  Land ownership/management status levels from California analysis [191] 

 

Figure 49:  Biomass roadside collection supply points (4x4km) and BEC candidate sites (20x20km) used for analysis of 
transportation costs 

The road [192] and rail [193] transportation networks used are shown in Figure 50. The road network 

was constructed by ESRI, Inc. and includes speed limit and turn restriction information. The rail network 

was developed from a shapefile available from the US Department of Transportation using ArcGIS. To 
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transport biomass from a roadside collection point to a BEC candidate location via rail requires road 

transport to a rail loading facility. Therefore, to construct a multi-modal (road + rail) network, the 

transport distances from roadside collection point to rail loading platform needed to be determined. Rail 

loading platform locations along the railways were specified by placing candidate platform sites at 5km 

intervals along the railways. Origin-destination cost distance matrices were then constructed for each 

pair of roadside collection supply points and BEC candidate location sites on the road transportation 

network (9.6 million routes) and for each pair of rail loading platform locations on the rail network (1.4 

million routes). These origin-destination destination matrices were then converted to origin-destination 

cost matrices using the values in Table 22. The units of the origin-destination cost matrices were $/dt for 

each transportation link. The origin-destination cost matrices were then combined to create a multi-

modal origin-destination cost matrix. Then the cost for each pair of roadside collection supply points and 

BEC candidate location sites on the road only network and the multi-modal network were compared to 

construct the final origin-destination cost matrix to be weighted by the biomass supply that could be 

transported over each link (dt/yr) before being used in the mixed integer linear program as 𝑐𝑖𝑗  having 

units of $/yr.  
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Figure 50:  Transportation networks (truck and rail) used to model impedances between origins and destinations for the 
different transportation analyses [192] [193] 

 

Figure 51:  Route combinations for all rail modes of travel 
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a) 

 
b) 

 
c) 

Figure 52:  Histograms of the a) multi-modal route transport costs, b) rail only route transport costs, c) road only route 
transport costs 

Figure 52 shows three histograms of the cost in $/dt for each transport link contained in the different 

transportation modes. The first histogram represents the combined multi-modal transport links from 

Figure 52b and Figure 52c. The shape indicates the multimodal aspect with the cheaper routes in $/dt 

representing truck only routes and the more expensive routes represent rail only since if those were 

served by truck only routes they would be more expensive. 

The GHG and criteria pollutant emissions from the biomass transport was calculated based on the 

miles traveled (including back-haul) in each mode and then using the appropriate emission factors for 

diesel fuel burned in each mode (rail or road) from GREET [172]. Figure 53 shows the GHG and pollutant 
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emission factors used. These emission factors include the embedded emissions associated with the fuel 

production. The fuel consumption of the two transport modes is 1222 Btu/metric ton-mile for the road 

transport and 249 Btu/metric ton-mile for rail transport. The payload for trucks is 30 tons and the 

payload for one hopper on a train is 100 tons. The moisture content of the forestry biomass at the 

roadside collection point is 40%.  

 

Figure 53:  GHG and pollutant emission factors for diesel fueled HHD trucks and locomotives from GREET [172] 

5.2.1 Results of Siting BEC Plants to Minimize Transport Costs 

Recall that a major purpose of this analysis is to understand the tradeoff associated with the 

economies of scale that occur at the BEC plant and the diseconomies of scale associated with the 

biomass transport as shown conceptually in Figure 39. Given this, the analysis here sought to find the 

variation in cost and emissions of forestry biomass transport as the size of BEC plants is varied. This was 

accomplished by varying the number of BEC plants sited, 𝑛𝐵𝐸𝐶, for the different roadside collection costs 

(which provides a specific forestry biomass supply across California). Figure 54 shows the minimum 

average cost of transporting forestry biomass to the BEC plant for different roadside collection costs and 
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BEC plant sizes sited optimally to minimize transport costs. There is a steep, large divide between the 

high roadside cost cases and the low roadside costs, which results from the significant increase in 

forestry biomass supply between $50/dt and $60/dt as shown in Figure 40. The $30/dt and $40/dt 

scenarios overlap since the forestry biomass supply is the same in both scenarios. Similarly, this occurs 

for the $70/dt to $100/dt scenarios.  

These results illustrate the diseconomies of scale (average transport cost increases as BEC plant size 

increases) occurring with BEC plant size. The diseconomy of scale is more pronounced at the lower 

roadside costs (i.e., lower overall forestry biomass supply). This result is expected since the spatial 

distribution of the forestry biomass supply occurs over a similar amount of land area across the different 

forestry biomass supply scenarios dictated by the roadside collection costs. Therefore, increasing the 

supply coming from that land area leads to lower costs on a per ton basis although total costs increase 

due to the increased number of trips.  

 

Figure 54:  Forestry biomass costs versus mean BEC plant size when BEC plants are sited to minimize forestry biomass 
transport costs 

It is important to compare these forestry biomass costs to those reported in the US DOE Billion Ton 

report [20]. The analysis in [20] consists of using a 50 mile by 50 mile grid applied across the US and 
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optimizing the siting of BEC facilities of a fixed sized (2200 dt/d) such that biomass transportation costs 

are minimized. The analysis differs from the one in this study because it considers only one BEC plant 

size. The values reported in Table 23 are from [20] and if compared to a similar BEC plant size from this 

study, there is reasonable agreement.   

Table 23:  US DOE Billion Ton report estimates for woody biomass transportation costs to bioenergy conversion plant 
using a grid of 50 miles by 50 miles snapped to nearest roadway [20] 

Roadside 
Cost [$/dt] 

Biomass 
Transportation 

Cost [$/dt] 

60 14.49 

70 16.16 

80 17.12 

90 18.05 

100 18.92 

 

Figure 55 shows the biomass transportation costs for each route selected in several scenarios from 

the optimization simulations: different BEC plant sizes for roadside collection cost of $40/dt. HHD street 

represents the routes over which road travel only occurs. HHD rail represents the routes over which 

road transport to/from a rail loading platform occurs, and Rail represents the routes on which rail travel 

is occurring. As the mean BEC plant size decreases, the transition between road only transport and 

multimodal road/rail transport is observed. This is expected since as the number of BEC plants increases 

less miles traveled occur in order to deliver all the forestry biomass to a BEC plant. It should also be 

noted that there are a few routes with very high transport costs even when utilizing multimodal 

transport. 
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a) 

 
b) 

c) d) 
Figure 55:  Biomass transportation costs per dry ton for each route from select scenarios: a) 1 BEC facility (mean BEC 

size = 2300dt/d) for all of CA, b) 2 BEC facilities (mean BEC size = 1200 dt/d) for all of CA, c) 12 BEC facilities (mean BEC size = 190 
dt/d) for all of CA, and d) 24 BEC facilities (mean BEC size = 97 dt/d) for all of CA [all scenarios shown here use biomass supply 
available at $40/dt roadside cost] 

Figure 56 shows several resulting parameters from the different scenarios investigated: annual miles 

traveled in each mode, miles traveled per load in each mode, and the number of trucks and hoppers. As 

the BEC plant size increases, the miles traveled in both modes increase as well, which is expected since 

large BEC plant sizes results in less BEC plants and larger distances traveled to deliver all forestry 

biomass to the BEC plant (diseconomy of scale). The number of HHD trucks remains the same as BEC 

plant size is varied since this mode of transport is required to remove the biomass from the forest to the 

rail loading platform. The number of rail cars increases with BEC plant size as expected since longer 

travel distances from forest to BEC plant are involved, which leads to rail transport being more 
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economic. At the lower roadside collection cost, the number of rail cars has a sharp decrease around a 

BEC plant size of 1000 dt/d. This occurs because at smaller BEC plant sizes, the BEC plants are more 

distributed with shorter routes that result in HHD trucks being more economic. At the higher roadside 

collection costs, the number of rail cars are similar to those at the lower roadside collection costs 

because the number of loads reaches a level that limits travel by rail mode due to loading costs. As the 

roadside collection cost increases, the HHD truck miles increase while the rail miles decrease. This 

occurs because as the biomass supply increases more rail cars are required, which requires additional 

loading that incurs additional costs. Between $50/dt and $60/dt, there is a large decrease in rail miles as 

a result of this loading cost. This then leads to an increase in HHD truck miles since it is more economic 

to do so without the rail loading costs.  

In GREET, forestry residue transport is assumed to occur only via truck with an assumed one way 

distance of 90 miles [172]. GREET assumes truck transport only for all biomass except corn and 

soybeans, which have specified one way distances of 400 miles. These values can be compared to the 

HHD truck miles per load and rail miles per load. The results from the simulations in this study show that 

it is important to consider the effect of various variables such as biomass supply and distribution, 

specific transportation network, and size of BEC plants. The HHD truck miles decrease as the roadside 

collection costs increase despite the HHD truck miles increasing. This results from the number of trucks 

increasing as the roadside collection costs increase in order to transport the increased supply to the BEC 

plants.  
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a) 

 
b) 

 
c) 

Figure 56:  Forestry biomass transport a) miles between the different modes, b) miles traveled per load for each mode, 
and c) number of trips made in each mode across all roadside collection costs 

Figure 57 shows the geographic locations of the BEC plants for the different mean BEC plant sizes at a 

roadside collection cost of $100/dt. As the mean BEC plant size decreases, the number of BEC plants 

increases and the locations move into the southern region of California. The transportation links 

assigned to each BEC are shown in Figure 57a, but since there are so many routes, there are many lines 

that make the geographic linking of the origins and destinations not legible.  
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a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 57:  Maps for the BEC plant sites that minimize forestry biomass transport costs at roadside collection costs of 
$100/dt across the different mean BEC plant sizes: a) 3500 dt/d, b) 1760 dt/d, c) 960 dt/d, d) 480 dt/d, e) 200 dt/d, and f) 100 
dt/d 
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a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 58:  Maps for the BEC plant sites that minimize forestry biomass transport costs at roadside collection costs of 
$30/dt across the different mean BEC plant sizes: a) 2300dt/d, b) 1200 dt/d, c) 770 dt/d, d) 460 dt/d, e) 190 dt/d, and f) 97 dt/d 
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a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 59:  Maps for the BEC plant sites that minimize forestry biomass transport costs at roadside collection costs of 
$100/dt across the different mean BEC plant sizes: a) 3500 dt/d, b) 1760 dt/d, c) 960 dt/d, d) 480 dt/d, e) 200 dt/d, and f) 100 
dt/d 
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Roadside Cost $30/dt Roadside Cost $100/dt 

a) 
 

b) 
Figure 60:  Normalized standard of deviation for the different mean BEC plant size cases 

 

5.3 Bioenergy Conversion Plant 

In modeling the bioenergy conversion step in the supply chain, accounting for the effect of plant size 

is required. Plant size affects the plant efficiency as well as the component costs as modeled in Eq. 4.1. 

The plant size effect on efficiency is modeled as described in Section 4.7.2. 

5.4 Fuel Distribution to Customer Refueling Site 

Two zero emission vehicle fuels are considered: hydrogen and electricity. Modeling the distribution 

of hydrogen to the refueling station is more difficult than electricity because the hydrogen can be 

transported in three different ways (pipeline, gaseous truck, liquid truck) and there is currently only a 

nascent refueling station network. Most of this section is devoted to describing how the hydrogen 

distribution step in the supply chain is modeled. 
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5.4.1 Hydrogen 

To model the distribution of hydrogen to refueling stations, three types of distribution were 

modeled: gaseous truck/rail, liquid truck/rail, and pipeline. For each type, routes from the BEC locations 

to the hydrogen refueling stations (HRS) were selected such that transportation costs were minimized.  

5.4.1.1 Truck and Rail 

The gaseous and liquid truck/rail transport is the same except for different payloads, fixed 

loading/unloading costs, and distance costs. The problem is formulated in Eq. 5.6 through Eq. 5.8. This 

model will make the following decisions: 

1. Select the route supply, 𝑦𝑖𝑗, delivered over that route from the BEC location, 𝑖, to hydrogen 

refueling station, 𝑗, that minimizes hydrogen transportation costs, 𝑐𝑖𝑗𝑦𝑖𝑗 . 

Subject to the following constraints 

1. The supply (∑ 𝑦𝑖𝑗𝑖 ) to any hydrogen refueling station cannot exceed the demand at that 

hydrogen refueling station, 𝐻𝑅𝑆𝑑𝑒𝑚,𝑗.  

2. The total supply from a bioenergy conversion plant (∑ 𝑦𝑖𝑗𝑗 ) cannot exceed the production 

of the bioenergy conversion plant, 𝑃𝐵𝐸𝐶𝑖. 

 min ∑ 𝑐𝑖𝑗𝑦𝑖𝑗

𝑖𝑗

 
Eq. 5.6 

Subject to ∑ 𝑦𝑖𝑗

𝑖

≤ 𝐻𝑅𝑆𝑑𝑒𝑚,𝑗  
Eq. 5.7 

 ∑ 𝑦𝑖𝑗

𝑗

≤ 𝑃𝐵𝐸𝐶𝑖  
Eq. 5.8 

Where 
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Sets Description Units 

𝑖 ∈ 𝐼 Set of all BEC plant selected locations - 

𝑗 ∈ 𝐽 Set of all hydrogen refueling stations - 

Variables Description Units 

𝑦𝑖𝑗  Route supply decision variable ton/yr 

Parameters Description Units 

𝑐𝑖𝑗  Cost to transport biomass between 𝑖 and 𝑗 $/ton 

𝑃𝐵𝐸𝐶𝑖  Hydrogen production at each BEC plant, 𝑖  ton/yr 

𝐻𝑅𝑆𝑑𝑒𝑚,𝑗 Hydrogen demand at each hydrogen refueling station, 𝑗  ton/yr 

 

The mixed integer linear program was solved using CPLEX 12.6.3 on a machine with an Intel Xeon E5-

2680 v2 2.8GHz and 32 GB RAM. The construction of 𝑐𝑖𝑗  follows the same methodology described in 

Section 5.2 but with different payloads, fixed loading/unloading costs, and distance dependent costs as 

shown in Table 24. This cost information was derived from a US DOE study on the different modes for 

transporting hydrogen [194]. The costs were adjusted to account for inflation and are shown in Figure 

61.  

Table 24:  Cost and capacity information for calculating hydrogen transportation costs via gaseous and liquid  
truck/rail [194] 

Hydrogen 
State 

Mode Loading/Unloading 
Cost ($/ton) 

Distance 
Dependent Cost 

($/ton-km) 

Capacity (tons) 

Gas HHD Truck 229.8 3.24 0.5 

Rail 734.3 0.049 2/hopper; 100 
hoppers/train 

Liquid HHD Truck 25.3 0.36 5 

Rail 163.7 0.016 10/hopper; 100 
hoppers/train 
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Figure 61:  Cost information for calculating hydrogen transportation costs via gaseous and liquid  truck/rail [194] 

The same diesel fuel consumption and diesel combustion emissions from Section 5.2 are used in the 

calculations for hydrogen transport as well.  

Leakage occurs during compression and loading; a 1% leakage loss rate from the DOE is used to 

calculate leakage losses [169]. 

5.4.1.2 Pipeline 

The pipeline cost estimation needed to be structured differently than the truck-rail problems 

described in Section 5.2 because pipeline systems can have economies of scale for a set pipeline 

diameter and pipeline type. This occurs because for the given pipeline diameter and type, the pipeline 

cost is dependent only on distance, and if the throughput is increased, a lower per unit cost is realized. 

Therefore, the pipeline distances needed to be calculated for transporting hydrogen between the BEC 

and HRS for the various scenarios. The natural gas network map, as developed by the California Energy 

Commission, was used as the transportation network over which the hydrogen would be transported 

between BEC and HRS [195]. It should be noted here that the network from [195] does not include any 
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low pressure pipeline, however, Dodds et al. state that no replacement or significant upgrade of low 

pressure pipelines would be required when switching from natural gas to hydrogen [196]. The 

estimation of these distances was completed by measuring the parts of the existing natural gas network 

required to transport hydrogen from BEC to HRS in all the scenarios (see Figure 62 and Table 25) while 

also accounting for the limited HRS demand that eventually forces a BEC to serve other HRS. It should 

also be noted that the network from [195] does not distinguish between transmission and high pressure 

distribution pipeline sections, and in order to properly estimate the costs associated with the pipeline 

network, the distribution across the different pipeline types is needed. However, Dodds et al. provide a 

distribution among the different types of pipeline and also provide costs per mile for installing the 

different types [196] (see Table 26 and Table 27). These values are used in this study. Using these 

distances and costs per mile, the installed costs are then annualized based on a 10% discount rate and 

30 year life [169]. 
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Figure 62:  California natural gas pipeline network and the different HRS scenarios [195] 

Table 25:  Pipeline network distances measured from the actual natural gas pipeline network for the different BEC-HRS 
scenarios 

Smaller BEC Scenarios      

Mean BEC 
Size [dt/d] 

2300 1200 770 460 190 97 

HRS 100, 
10min 

1039 1134 1228 1322 1417 1511 

HRS 500, 
5min 

1211 1321 1432 1542 1652 1762 

HRS 500, 
10min 

1350 1473 1595 1718 1841 1964 

Larger BEC Scenarios      

Mean BEC 
Size [dt/d] 

3500 1760 960 480 200 100 

HRS 100, 
10min 

9446 9446 9446 9446 9446 9446 

HRS 500, 
5min 

11012 11012 11012 11012 11012 11012 

HRS 500, 
10min 

12272 12272 12272 12272 12272 12272 
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Table 26:  Pipeline network distribution across the different pipeline types in the network based on [196] 

CA Pipeline 
Distances 

% of 
Pipeline 
Network 
Length 

Transmission 4% 
High P Distr 13% 
Low P Distr 83% 

 

Table 27:  Pipeline capital costs per mile installed from [196] 

CA Pipeline 
Costs 

$1x106/mi 

Transmission 2.4 

High P Distr 1.5 

Low P Distr 0.56 

 

The emission factors for pipeline distribution are shown in Figure 63. In GREET, hydrogen pipeline 

compression is done with electric compressors. Therefore, an appropriate assumption relating to the 

electric grid needs to be made. In this study, the 2030 California grid setting was selected in GREET. The 

energy intensity of hydrogen distribution via pipeline is 4590 Btu/ton-mile. 
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Figure 63:  Pipeline distribution emission factors from GREET [172] 

Leakage occurs during compression and from the pipeline; a 1% leakage loss rate from compression 

and 0.5% loss rate from pipelines are assumed [169]. 

5.4.1.3 Hydrogen Refueling Station Siting 

The hydrogen refueling station locations (𝑗 in the previously discussed optimizations) need to be 

specified for the three types of hydrogen distribution. The hydrogen station locations cannot be sited 

based on minimizing hydrogen transportation costs because that would likely result in HRS locations 

that are not suitable to consumers. Therefore, information related to the consumers should be used to 

identify proxy locations of customers in order to properly estimate the sites of future HRS. Additionally, 

two other inputs are required: candidate HRS locations and the number of HRS expected in 2030. HRS 

are currently being located at gasoline stations given this is an easier permitting pathway, and the 

number of HRS in 2030 is expected to be around 500 [197].  
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The proxy locations for customers can be estimated using high resolution (1kmx1km) population data 

from [198]. These data are shown in Figure 64. The gasoline station (candidate HRS) locations are shown 

in Figure 65. 

 

Figure 64:  Population per km2 data from [198] 
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Figure 65:  Gasoline station locations in California [199] 

With this information, the number of proxy customers around each candidate HRS can be calculated 

for specified drive times. A simple optimization can then be executed to select the combination of 𝑛𝐻𝑅𝑆 

from the set of candidate HRS (i.e., gasoline stations) that maximizes the proxy customers served. The 

optimization was solved using the “Maximize Coverage” algorithm in ArcGIS Network Analyst Toolbox. 

This problem is formulated in Eq. 5.9. 

 
max ∑ 𝑐𝑢𝑠𝑡𝑖

𝑛𝐻𝑅𝑆

𝑖=1

 

Eq. 5.9 

Where 

Sets Description Units 

𝑖 ∈ 𝐼 Set of all HRS candidate locations (i.e., gas stations) - 

Variables Description Units 

𝑐𝑢𝑠𝑡𝑖  Customers in specified coverage area of HRS candidate location - 

Parameters Description Units 

𝑛𝐻𝑅𝑆 Number of hydrogen refueling stations - 
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The optimization was run for several different specified coverage areas (i.e., drive times): 5 and 10 

minutes. By selecting these two levels of coverage areas, the HRS in the 5 min cases will be located in a 

more concentrated fashion compared to the 10 min cases because more HRS can be placed in cities with 

high demand. With the 10 min cases, the HRS located in the cities are larger but fewer are located in 

cities given the 10 min coverage limit and more are located outside cities. The results in Figure 66 show 

this result for 𝑛𝐻𝑅𝑆 = 500. An additional HRS case was simulated where there were less HRS overall, 

𝑛𝐻𝑅𝑆 = 100, with a 10 min coverage limit. This variation in the HRS network enables analysis of a 

potential future with very large HRS located in optimal locations, which can help minimize delivery costs. 

These results are shown in Figure 67. With this a total of three different HRS netork designs will be used 

to assess the effect of HRS network on overall supply chain costs and emissions. 

 

Figure 66:  HRS network optimization results for 𝑛𝐻𝑅𝑆 = 500 with service coverage limit set to 5 and 10 min 
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Figure 67:  HRS network optimization results for 𝑛𝐻𝑅𝑆 = 100 with service coverage limit set to 10 min 

5.4.1.4 BEC to HRS Hydrogen Transport Results 

Figure 68 shows the levelized cost of hydrogen resulting from minimizing transport costs for 

hydrogen transport from BEC to HRS using truck/rail and pipeline transportation modes at two different 

biomass roadside costs $30/dt (on left side) and $100/dt (on right side) at different mean BEC sizes for 

three different HRS networks. The legend labels formatting is explained in the caption. Across all the 

cases, the pipeline is the most expensive transport mode with gaseous hydrogen truck-rail being second 

most expensive and liquid hydrogen truck-rail being least expensive. The pipeline costs are elevated 

because 1) pipeline networks with fairly long distances are needed to supply the different HRS scenarios 

and 2) with these long distances, a large network demand for hydrogen would be required to bring 

down the per unit costs. Figure 69 shows some simple levelized cost calculations for various pipeline 

network distances at different hydrogen throughput levels. Recall that the BEC plant production for 
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pipeline production represents the least expensive BEC plant design (by ~$2/kg when compared to the 

LH2 designs). Therefore, in order to establish a significant pipeline network that is competitive for 

transporting forestry produced hydrogen, the pipeline hydrogen delivery cost should be within ~$2/kg 

of LH2 truck-rail systems and ~$1/kg for GH2 truck-rail systems, which gives a $2/kg pipeline delivery 

cost target. For respective pipeline network lengths of 1000 mi and 12000 mi, this requires a hydrogen 

demand of ~0.5 million kg/d (equivalent to about 800k FCEVs) and ~3 million kg/d (equivalent to about 5 

million FCEVs), respectively. For reference, the statewide hydrogen demand estimated for 2030 in this 

study is 900,000 kg/day (1.5 million fuel cell vehicles), and the total BEC plant hydrogen production in 

the high biomass supply cases is slightly less than 600,000 kg/d (and for the low it is around 150,000 

kg/d).  
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 68:  Levelized cost of hydrogen for hydrogen transport from BEC to HRS using different transportation modes at 
two different biomass roadside costs a) $30/dt on left side and b) $100/dt on right side at different mean BEC sizes; c) zoomed in 
on GH2, d) zoomed in on GH2, e) zoomed in on LH2, f) zoomed in on LH2; labeling format in legend is as follows: (transport 
mode)-(pressure or liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations 
with 5 min service coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min 
service coverage) 
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Figure 69:  Levelized cost of hydrogen transport via transmission pipeline for various transmission pipeline network 
lengths and hydrogen market sizes (assuming 30 year life and 10% discount rate based on assumptions from [169] 

The LCOH for the pipeline cases decrease as BEC plant size increases for two reasons: 1) in the lower 

roadside cost scenarios, as BEC plant size increases, less pipeline miles are required (Figure 70), and 2) 

an increase in BEC plant efficiency as BEC size increases which results in more hydrogen transported 

over the pipeline network reducing per unit costs. However, for the higher roadside cost scenarios (i.e., 

more forestry biomass supply), the LCOH is higher despite the increased hydrogen production because 

of the large increase in pipeline network lengths required to distribute the hydrogen to HRS (i.e., 

delivery to southern California is required at high roadside cost scenarios). Additionally, the pipeline 

costs vary depending on the design of the HRS network. An HRS network with larger stations located in 

high demand areas results in lower LCOH for the pipeline cases. This makes sense because the distances 

are reduced while increasing throughput over those distances. The opposite trend occurs in the truck-

rail transportation modes.  
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 70:  Pipeline network lengths as mean BEC plant size varies for different HRS network scenarios 

Figure 71 through Figure 74 show the selected transportation links from BEC to HRS such that 

hydrogen transport costs are minimized for the gaseous truck-rail systems at different roadside costs 

and different HRS scenarios. For each link, multiple delivery trips will occur based on the capacity of the 

truck-rail modes. 



 

144 

 

 
a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 71:  GH2 truck-rail delivery maps showing transport links from BEC to HRS for roadside cost of $30/dt, optimized 
siting of 500 HRS with 5 min service coverage, and with different mean BEC plant sizes: a) 2300dt/d, b) 1200 dt/d, c) 770 dt/d, d) 
460 dt/d, e) 190 dt/d, and f) 97 dt/d 

Figure 71 and Figure 72 allow visual comparison of two HRS scenarios (500, 5min and 500, 10min) for 

a roadside cost of $30/dt. The additional delivery to stations outside of major population centers can be 

seen. This results in an increase in delivery miles traveled for the HRS scenarios. 
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a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 72:  GH2 truck-rail delivery maps showing transport links from BEC to HRS for roadside cost of $30/dt, optimized 
siting of 500 HRS with 10 min service coverage, and with different mean BEC plant sizes: a) 2300dt/d, b) 1200 dt/d, c) 770 dt/d, 
d) 460 dt/d, e) 190 dt/d, and f) 97 dt/d 

Figure 73 shows the selected transportation links from BEC to HRS for $30/dt roadside cost and 100 

station, 10min service coverage HRS scenario. Comparing this figure to Figure 71 and Figure 72, the 

concentration of hydrogen demand in population centers can be observed. This might lead one to 

conclude that less delivery miles occurs in this scenario, however, it does not because given the tighter 

spatial distribution of HRS more train trips occur which result in increased distances as shown in Figure 

75. 
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a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 73:  GH2 truck-rail delivery maps showing transport links from BEC to HRS for roadside cost of $30/dt, optimized 
siting of 100 HRS with 10 min service coverage, and with different mean BEC plant sizes: a) 2300dt/d, b) 1200 dt/d, c) 770 dt/d, 
d) 460 dt/d, e) 190 dt/d, and f) 97 dt/d 

Figure 74 shows the selected transportation links from BEC to HRS for the $100/dt roadside cost (i.e., 

higher forestry biomass supply) and 500 station, 5min service coverage. Comparing this figure to Figure 

71, the delivery to HRS in southern California occurs and to a significant degree. This results from the 

large step increase in forestry biomass supply that occurs between $50 and $70/dt roadside cost. After 

$70/dt roadside cost, the forestry biomass supply is constant. If the hydrogen demand (i.e., more FCEVs 

in 2030) were larger such that delivery to only northern California HRS, then a much lower LCOH could 

be realized for the higher roadside cost cases. 
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a) 

 
b) 

 
c) 

 
d) 

 
e) 

 
f) 

Figure 74:  GH2 truck-rail delivery maps showing transport links from BEC to HRS for roadside cost of $100/dt, 
optimized siting of 500 HRS with 5 min service coverage, and with different mean BEC plant sizes: a) 3500 dt/d, b) 1760 dt/d, c) 
960 dt/d, d) 480 dt/d, e) 200 dt/d, and f) 100 dt/d 

Figure 75 shows the road miles and rail miles for the GH2 transport cases with biomass roadside 

costs of $30/dt. This allows more detailed analysis of the results for hydrogen transport than observing 

just the selected transport links geographically. Interestingly, there is an initial increase in rail miles 

leading to a peak with a decrease following. This peak in rail miles for a particular BEC plant size results 

from the tradeoff between rail loading costs being more costly than truck loading costs and rail distance 

costs being less than truck distance costs, i.e., when the number of loads increases to a certain point, 

the benefit of rail transport is diminished due to the increased loading costs. At the smaller BEC plant 

sizes, the rail miles increase as BEC plant size increases because the BEC plants become less distributed 

and further from the HRS, which makes switching to rail transport make sense despite the high loading 
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costs. However, this occurs until a peak is reached at which the BEC plant efficiency increases to a high 

enough level such that more hydrogen is produced and therefore more loads are required, which 

reduces the cost effectiveness of rail transport and more truck transport occurs. This occurs in both the 

GH2 and LH2 transport systems, however, for the LH2 transport, rail transport occurs only at higher 

roadside costs (i.e., higher forestry biomass supply) (see Figure 76). This is because the delivery 

distances at the lower roadside costs are not long enough (i.e., only northern California) to justify rail 

transport.  
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a) b) 

 
c) 

Figure 75:  Road and rail miles for GH2 transport with $30/dt biomass roadside costs 

The differences in transport costs among the different HRS network scenarios is also interesting. The 

trends differ from those observed in the pipeline transportation mode. The trends for the truck-rail 

systems are that the HRS network scenarios with higher spatial density in population centers show 

higher costs. This is somewhat counterintuitive since one might think that a more concentrated set of 

delivery points would result in lower delivery miles and hence lower costs. This does not occur because 

although the HRS are more concentrated spatially, they are also much larger, which means that slightly 

more deliveries (loads) will be required leading to increased overall mileage.  
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a) b) 

  
c) d) 

Figure 76:  Road and rail miles for LH2 transport with $100/dt biomass roadside costs 

There is also variation in hydrogen transport costs among the different LH2 BEC plant designs which 

result from the differences in efficiency, hence differences in hydrogen transported.  The most efficient 

LH2 BEC plants result in the highest transport miles because of the increased hydrogen to be 

transported. The trucking miles in the LH2-highkWh cases decrease for high roadside cost scenarios 

when the BEC plant size is increased between 1700 and 3500 dt/d. This occurs because of HRS network 

effects where some switching between HRS happens that allows for less loads and loading costs are 

reduced.  
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

b) 

 
c) 

 
d) 

Figure 77:  GHG emissions from the transportation and distribution of hydrogen from BEC to HRS: a) lower roadside cost 
$30/dt and b) higher roadside cost $100/dt where  c) and d) are zooms of a) and b) respectively 

Figure 77 shows the GHG emissions that result from the transport of hydrogen from BEC to HRS in 

the different scenarios. The GHG emissions are directly proportional to the mileage associated with each 

scenario. The trucking mileage drives the total emission rate despite having much lower mileage than 

the rail mode. This is due to the much higher emission rate for trucks per ton-mile compared to the 

trains. A similar observation is made with respect to NOx and PM2.5 emissions from Figure 78. The NOx 

and PM2.5 emissions rate increases as biomass supply increases for the LH2 cases because of the 
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switching to rail transport that occurs. Rail has a much higher NOx and PM2.5 emission rate than trucks 

(see Figure 53) despite being more efficient, which is why the GHG emissions rate has a different trend. 

 
Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

b) 

 
c) 

 
d) 

Figure 78:  NOx and PM2.5 emissions from the transportation and distribution of hydrogen from BEC to HRS: a) NOx 
emission rate, lower roadside cost $30/dt and b) NOx emission rate, higher roadside cost $100/dt, c) PM2.5 emission rate, lower 
roadside cost $30/dt, and d) PM2.5 emission rate, higher roadside cost $100/dt 

Figure 79 shows the GHG emission rates for two different electric grid scenarios (2015 US grid and 

2030 CA grid) and two different hydrogen transportation modes: LH2 truck only and pipeline. The GHG 

emission rate for the 2015 US grid scenario is very high. This results from the electric compression used 

to transport the hydrogen via pipeline and the high carbon intensity of the US electric grid. The GHG 

emission rate is reduced substantially by reducing the carbon intensity of the electric grid driving the 

pipeline compression as demonstrated by the 2030 CA case. The pipeline GHG emission rates in this 
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study are lower than those from GREET 2030 CA case primarily due to the delivery distance from BEC to 

HRS. In GREET, the pipeline delivery distance is assumed to be 750 miles. This study shows that the 

mean pipeline delivery distance from BEC to HRS is less than 100 miles for the low roadside cost 

scenarios and ~300 miles for the high roadside cost scenarios. The GHG emission rates for the LH2 truck-

rail scenarios in this study are either higher than or similar to the truck only scenarios from GREET 2030 

CA scenarios depending on the roadside cost, where lower roadside costs lead to higher GHG emission 

rates than shown in GREET and higher roadside costs lead to similar GHG emission rates. In GREET, only 

trucking is used with an assumed one way delivery distance from BEC to HRS of 90 miles. In the lower 

roadside cost scenarios for LH2 transport in this study (which involve only LH2 trucks), average one way 

delivery distances are 136 miles. This longer delivery distance leads to the slightly larger GHG emission 

rate in this study. At the higher roadside, the GHG emission rate is similar to GREET even though delivery 

distances are even further because of the use of trains. 

 

Figure 79:  GHG emissions for two different electric grid scenarios and two different hydrogen transport modes from 
GREET model 

Figure 80 shows the resulting NOx emissions rates from the GREET model under the different 

scenarios. The pipeline NOx emission rates in this study are much lower than those from GREET due to 
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the lower mean delivery distances compared to the 750 miles in GREET. The LH2 scenarios in this study 

show similar emission rates to GREET 2030 CA cases for the lower roadside costs and higher emission 

rates than GREET for the higher roadside costs. This is a result of the use of rail in the high roadside cost 

scenario which has a much higher emission rate than trucks despite being more efficient in transport.  

 

Figure 80:  NOx emissions for two different electric grid scenarios and two different hydrogen transport modes from 
GREET model 

 

Figure 81 shows the resulting PM2.5 emissions rates from the GREET model under the different 

scenarios. The major difference in the GREET PM2.5 trends from the GREET NOx trends is that the 2015 

US grid has a much higher PM2.5 emission rate than the PM2.5 emission rate from trucking. The PM2.5 

trends from this study are similar to the NOx trends. The comparison to the GREET 2030 CA cases is also 

similar to the NOx comparison. 
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Figure 81:  PM2.5 emissions for two different electric grid scenarios and two different hydrogen transport modes from 
GREET model 

To conclude, the pipeline transport mode has the highest cost for the hydrogen throughputs and 

pipeline network distances considered in this study. This transport mode also has the lowest pollutant 

emission rates for all the criteria pollutants of concern (NOx, PM2.5) across all the cases. It also has the 

lowest GHG emission rate for the low roadside cost cases with the high roadside cost cases performing 

slightly higher or equivalently to the LH2 truck-rail cases. The GH2 cases have the highest costs and 

highest GHG and criteria pollutant emission rates. The LH2 truck-rail transport systems provide the 

lowest cost option for transporting hydrogen, and in the lower roadside cost scenarios, rail transport is 

not needed. The LH2 systems also perform second best in GHG and criteria pollutant emission rates 

approaching that of the pipeline systems in the high roadside cost cases.  

5.4.2 Electricity 

Accounting for the losses and costs associated with transmission and distribution of electricity is 

straightforward given the good collection of data regarding California’s investor owned utilities (IOUs) by 

their regulatory agency, the California Public Utilities Commission. There are 32,698 miles of 

transmission lines and 239,112 miles of distribution lines in California with 3,200 substations [200][201]. 
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The losses from transmission and distribution of electricity in California for various years and in the 

different IOU territories are shown in Table 28 and Table 29 [201]. Given that the location of these 

forestry BEC plants occur nearly exclusively in PG&E territory, these losses will be used in the analysis.  

Table 28:  Transmission and distribution losses from California’s electricity system [201] 

 2014 2013 2012 2011 2010 2009 

CA 
Electricity 

T&D 
Losses 

6.58% 6.70% 6.87% 7.92% 7.69% 7.95% 

 

Table 29:  Transmission and distribution losses from California’s different IOU electricity systems [201] 

 2015 

PG&E 8.66% 

SCE 4.26% 

SDG&E 4.66% 

CA IOUs 6.26% 

 

For the costs, using typical electricity transmission and distribution costs is a reasonable approach 

(see Table 30). However, a consideration that may make this approach unreasonable is if new 

transmission and distribution lines will be required. In the BEC plant cost calculations, connecting to the 

transmission system is accounted for, so this consideration is with respect to upgrading on the T&D 

system past this point. This consideration can be evaluated by looking at the system load factors and net 

peak demands (Table 31) across California and then comparing to the total capacity that might be 

brought online by a deployment of forestry BEC plants producing electricity. Using the numbers from 

Section 4, the maximum electricity capacity that could be brought online is ~1 GW. This amount of 

capacity would likely not trigger T&D upgrades based on the net system peak demands and typical 

system load factors since it would constitute only a small increase. There may be certain locations where 
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T&D upgrades are indeed required but that would not occur at a majority of the BEC plants. Therefore, 

using the T&D costs in Table 30 is reasonable.  

Table 30:  Electricity transmission and distribution costs for each California IOU [202] 

$/MWh PG&E SCE SDG&E 

Transmission 18.9 13 26.4 

Distribution 54.5 55.8 65.4 

 

Table 31:  System load factor and net system peak load for the CAISO balancing area and the different IOU systems  

 CAISO PG&E SCE SDG&E 

System Load 
Factor 2015 

55.9% 57.6% 53.3% 50.5% 

System Load 
Factor 

Fluctuation 
2011-2015 

55.9-58.7% 57-62% 51-56% 50-55% 

Net System 
Peak Load 

2015 (GW) 

47.3 20.5 22.8 4.80 

 

There are no direct pollutant emissions from T&D of electricity. The emissions from generation are 

accounted for at the BEC plant.  

5.5 Refueling 

5.5.1 Hydrogen 

Three hydrogen refueling stations are considered: LH2 delivered to by truck, GH2 delivered to by high 

pressure truck (500 bar), and GH2 delivered to by pipeline. HRS costs are modeled using output from the 

DOE Hydrogen Delivery and Scenario Analysis Model (HDSAM) [169]. The DOE HDSAM model requires 

input on the HRS capacity. The model then runs an optimization (no details on solver used) to 
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appropriately assign equipment based on the parameters in Table 32 and typical vehicle travel behavior. 

With the equipment assigned, the costs can be determined.  

The optimization results in a HRS utilization of 0.79 (hours actually refueling divided by total hours). 

The HRS lifetime and discount rate used are 10 years and 14%, respectively. The number of dispensers 

selected is shown in Figure 82 alongside the resulting levelized costs for the different station types.  

Table 32:  HDSAM HRS operating parameters to determine equipment sizes 

Station Operating Hours 0600 - 2400 

Average vehicle fill [kg] 5 

Average vehicle refueling time [min] 5 

Average vehicle lingering time [min] 2 

 

 

Figure 82:  HDSAM levelized cost results for hydrogen refueling station and the resulting number of dispensers required 
for each station size 

The mass efficiencies are used to determine the additional emissions occurring at the HRS per unit of 

hydrogen throughput. The electricity consumption occurring at the HRS could be modeled as electricity 

from the grid, but to maintain a direct comparison with the BEC plant electricity production for PEVs 

cases, a similar method was used for the HRS. This method uses the energy efficiency and assumes that 

the electricity would have otherwise come from the BEC plant as an added parasitic load. This is 
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necessary because in the BEC plant producing electricity for PEVs, the charging energy efficiency is 

applied as a parasitic and it would make less sense to assign an additional energy consumption and then 

apply a grid-wide emission factor.  

  

Figure 83:  HDSAM electricity consumption and mass and energy efficiencies for three HRS designs 

5.5.2 Electricity 

The refueling or recharging of PEVs is assumed to occur via Level 2 electric vehicle supply equipment 

(EVSE), which specifies the operating voltage of the AC side of the charger (208/220 VAC). For these 

voltages and the charge rates associated with them, an energy loss of 10% is used based on [203] [204]. 

The costs associated with Level 2 EVSE require assumptions about how many will be required and any 

additional infrastructure besides the EVSE that may be required. It has been shown that, in order for 

PEVs to reach high market penetration, travel needs must be met, and given recharging times and 

typical travel behavior, Level 2 charging infrastructure will be needed at nearly all home and work 

locations [205]. Therefore, to estimate the number of EVSE required, the number of PEVs that could be 

refueled by the BEC production of electricity was calculated based on the average miles traveled per 

vehicle in California and the average fuel economy of a PEV, 0.345 kWh/mile [206]. The average miles 
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traveled per vehicle in California is calculated from the number of vehicles registered in California 

(17,977,605) and the total vehicle miles traveled per day (521 million) giving a value of 29 

miles/vehicle/day [207][208]. With the number of PEVs that could be refueled by the BECs now known, 

an assumption for the number of charging ports per PEV must be made. Given the need for Level 2 

charging at home and work locations, it is assumed that two Level 2 EVSE ports will be needed per PEV. 

Level 2 EVSE has demonstrated an average installation cost of $9440 per port based on data from the 

Southern California Edison Charge Ready Program [209]. The base EVSE cost per port is $1899, which is 

only a fraction of the $9440 per port observed. This is a result of the many additional infrastructure 

upgrades required during installation. On the utility side, these upgrades include transformers, service 

lines, and meters, and on the customer side, the upgrades include panels, step-down transformers, 

wiring and conduits, and stub outs. As seen in Figure 84, the breakdown of installation costs shows that 

most of the costs are associated with the customer side. 

 

Figure 84:  EVSE installation costs breakdown from the Southern California Edison Charge Ready Program [209] 
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6 Supply Chain Analyses 

This section explores the overall results from combining all the different scenarios from Sections 4 

and 5. Figure 85 provides an overview of the different scenarios investigated across the full supply chain.  

 

Figure 85:  Overview of different analyses completed for the different supply chain steps 

The hydrogen supply chains will be discussed first and then the electricity supply chains will be 

discussed. Each of the possible combinations will be evaluated in this section with one simplification 

since out of the 8 forestry biomass roadside cost/supply scenarios, there is really only two levels of 

variation given the large step in supply as the roadside cost increases. Therefore, only a low and high 

roadside cost scenario will be discussed.  

6.1 Hydrogen Supply Chains 

The levelized cost of hydrogen (LCOH) across the full supply chain for the different scenarios 

investigated is shown in Figure 86. The legend labeling strategy is done the same as in Section 5.4.1. The 

legend labeling is also described in the caption of Figure 86. The general trend of decreasing overall 

LCOH as BEC plant size increases for the different hydrogen supply chains is driven largely by the LCOH 

at the BEC plant exit.  
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Roadside 
Cost $30/dt 

 
a) 

Roadside 
Cost $100/dt 

 
b) 

Figure 86:  Levelized cost of hydrogen across the entire hydrogen supply chain for the different scenarios investigated 
with a) low roadside cost ($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-
(pressure or liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 
min service coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service 
coverage) 

Figure 87 shows the breakdown of the overall LCOH into the LCOH at BEC exit (LCOHBEC), LCOH for 

transport of hydrogen from BEC to HRS (LCOHtrans), and the LCOH associated with the cost of the HRS 

(LCOHHRS). The other large effect is the hydrogen product type which dictates transport type. The LCOH 

for the pipeline scenarios is highest for nearly all the cases in both the high and low roadside costs 

shown in Figure 86 despite the LCOHBEC being the lowest for the pipeline cases (Figure 87). This occurs 

due to the high transport costs and high refueling station costs for pipeline hydrogen. The exception is 

for small BEC plant sizes at low roadside costs where the LCOH is comparable to that of the LH2-

highkWh (liquefaction with high level of electricity consumption) cases. This overlap occurs despite the 
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economies of scale associated with LCOHtrans costs for pipelines because the LH2-highkWh BEC plant 

efficiency decreases at a faster rate as BEC plant size decreases than does the LCOHtrans increase as BEC 

plant size decreases.  

The LCOH for the GH2 truck-rail cases is competitive with some of the LH2 truck-rail cases that have 

high efficiency liquefaction processes. The GH2 truck-rail system is only more expensive than the LH2-

highkWh cases at large BEC plant sizes due to the increased transport costs associated with the larger 

BEC plants. The GH2 truck-rail system for the HRS network cases with 500 stations are also more 

competitive than the LH2 cases if the BEC plant sizes are small. However, the lowest overall LCOH is 

achieved by the LH2 truck-rail system for the LH2-lowkWh, LH2-GT, and LH2-FC BEC plant designs at the 

largest BEC plant sizes at both the high and low roadside costs with HRS networks that consist of 500 

HRS.  

The overall LCOH also shows sensitivity to the HRS network. For the pipeline cases, the effect is 

strongly influenced by the HRS size and the transport costs, whereas in the truck-rail systems, the effect 

of HRS network is forced mainly by the HRS size since the transport costs are a smaller percent of the 

overall costs. Larger HRS result in higher LCOHHRS, which is the reason for the 100 HRS scenarios having 

the highest overall LCOH for the truck-rail systems. In the pipeline cases, the larger HRS also result in 

higher LCOHHRS, but the effect of transport costs keeps the 500 HRS network with 10 minute service 

coverage as the highest LCOH for the pipeline cases. 
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 87:  Levelized cost of hydrogen at different hydrogen supply chain steps for the different scenarios investigated 
with a) low roadside cost ($30/dt) and b) high roadside cost ($100/dt) 

The GHG emissions factors for the different points in the forestry biomass hydrogen supply chains 

considered under the low roadside cost scenarios are shown in Figure 88. Figure 88a and Figure 88e 

include the carbon emissions associated with burning the biomass. However, typical accounting 

considers these carbon emissions to be climate neutral over appropriate time scales. Figure 88f shows 

the total fossil fuel GHG emission factors that occur across the forestry biomass hydrogen supply chain. 

The forestry biomass collection GHG emissions vary based on BEC plant design with the most efficient 
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designs having the lowest biomass collection GHG emissions. There is also some effect from the BEC 

plant size that is also due to system efficiency where the smaller plants have slightly lower efficiency so 

produce more GHG emissions per MJ hydrogen.  

 

 
Figure 88:  GHG emission factors (g CO2e/MJ hydrogen) for the hydrogen supply chains investigated at low roadside 

costs ($30/dt): a) total GHG emissions including the burning of biomass, b) fossil fuel GHG emissions from the collection step of 
the hydrogen supply chain, c) fossil fuel GHG emissions from the transport of biomass from the roadside to the BEC plant, d) 
fossil fuel GHG emissions from the transport of hydrogen from BEC to HRS, e) GHG emissions from the BEC plant (including direct 
GHG emissions from burning of biomass) and f) total fossil fuel GHG emissions across the entire hydrogen supply chain 

The GHG emission factors from the transport of forestry biomass from roadside to BEC increase as 

BEC plant size increases. This results from the greater delivery distances associated with larger BEC 

plants. The biomass transport GHG emissions also vary depending on the BEC plant design with the most 

efficient BEC plants having the lowest GHG emissions per MJ hydrogen.  
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The transport of the hydrogen product from BEC to HRS via pipeline shows the best GHG emission 

performance of the three transport types. The LH2 truck-rail systems also perform well but significantly 

higher than the pipeline. The hydrogen transport via truck-rail systems show some decrease initially as 

BEC plant size decreases due to use of rail transport which is more efficient than truck transport. This 

occurs for both GH2 and LH2 truck-rail systems but more substantially in the GH2 truck-rail systems.  

After a certain BEC plant size, the GHG emissions again begin to increase due to more trucking miles. 

There is some sensitivity to HRS network design with the HRS networks resulting in more rail miles 

producing lower GHG emission factors, i.e., the HRS networks that are concentrated in population 

centers such as the 100 HRS scenario. These aspects are explored in more detail in Section 5.4.1.  

Combining the fossil GHG emission factors produces Figure 88f, which is the total fossil GHG 

emissions across the forestry biomass to hydrogen supply chain. The LH2-highkWh BEC plant design 

results in the most GHG emissions with only small variation across the three different HRS network 

scenarios. The other LH2 BEC plant designs have low GHG emission factors performing better than the 

GH2 truck-rail cases with the exception of BEC plant sizes around 700 dt/d where the GH2 truck-rail 

designs perform slightly better than the LH2 truck-rail cases. The pipeline transport case results in the 

lowest GHG emission factor, however, this is also the most expensive supply chain design. Additionally, 

there is conflict between the levelized costs and the GHG emissions when considering BEC plant size. 

Designing the supply chain based purely on minimizing GHG emissions would result in smaller BEC plant 

sizes than if it were design based purely on minimizing costs. 
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Figure 89:  GHG emission factors (g CO2e/MJ hydrogen) for the hydrogen supply chains investigated at high roadside 

costs ($100/dt): a) total GHG emissions including the burning of biomass, b) fossil fuel GHG emissions from the collection step of 
the hydrogen supply chain, c) fossil fuel GHG emissions from the transport of biomass from the roadside to the BEC plant, d) 
fossil fuel GHG emissions from the transport of hydrogen from BEC to HRS, e) GHG emissions from the BEC plant (including direct 
GHG emissions from burning of biomass) and f) total fossil fuel GHG emissions across the entire hydrogen supply chain 

Figure 89 shows the GHG emissions rates for the different points in the forestry biomass hydrogen 

supply chains considered under the high roadside cost scenarios. Figure 89a and Figure 89e include the 

carbon emissions associated with burning the biomass similar to Figure 88. The GHG emission factors for 

Figure 89a, Figure 89b and Figure 89e are similar to those from the lower roadisde cost case in Figure 

88.  

The forestry biomass transport GHG emissions per MJ hydrogen are lower in the high roadside cost 

case (Figure 89c) than the low roadside cost case (Figure 88c). This occurs because in the high roadside 

cost case there is lower mileage per trip than in the low roadside cost case, i.e., the low roadside cost 
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case has forestry biomass resources distributed across larger regions but with lower overall supply than 

the high roadside cost case. Section 5.2.1 discusses this in more detail.  

Interestingly, the GHG emission factors for the truck-rail systems transporting hydrogen from BEC to 

HRS are lower in the high roadside biomass cost of Figure 88d than in the low roadside biomass cost of 

Figure 89d. This results from the higher proportion of trucking miles in the low roadside cost scenarios 

than in the high roadside cost scenarios. Traveling via rail is more efficient and will result in lower GHG 

emission factors.  

The GHG emission factors for the pipeline cases for the low roadside costs (Figure 88) are lower than 

those for the high roadside costs (Figure 89). This is due to the greater mileage (one-way) between the 

BEC plant and the HRS. Since there is no swtiching between modes, the increased mileage leads to a 

higher emission factor.  

Comparing the trends for the total fossil GHG emission factors (Figure 88f and Figure 89f), there is 

still an increase in the GHG emission factor as BEC plant size increases although there is a lower slope at 

the large BEC plant sizes for the high roadside costs, which results from the lower slope in hydrogen 

transport GHG emission factors (which results from rail transport). The trends among the different BEC 

plant designs are similar with the pipeline case showing the best GHG performance and the LH2-

highkWh design showing the worst performance. One small difference is that the GH2 truck-rail systems 

do not outperform the LH2-FC, LH2-GT, and LH2-lowkWh cases for any BEC plant size as occurred in the 

low roadside cost scenarios. 

Figure 90 shows the GHG emission factors from GREET for four forestry biomass supply chain 

scenarios modeled as part of the default GREET package. The four scenarios are differentiated by the 

hydrogen transport type (LH2 via truck or GH2 via pipeline) for different electric grid scenarios: 2015 US 

grid and 2030 CA grid. Several of the different supply chain categories of emissions shown in the legend 
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require some explanation. The biomass gasification category includes the emissions from the collection 

and transport of the biomass that is converted to useful product (i.e., hydrogen). This category also 

includes the emissions from use of supplemental electricity and natural gas. The biomass gasification: 

non-combustion emissions category is somewhat of a misnomer since one would expect that this is the 

category in which the supplemental electricity and natural gas emissions show up, but they do not. This 

emissions category is zero for all the forestry biomass to hydrogen cases in GREET. The other two 

categories are zero as well and are also misnomers. It appears these misnomers result from how the 

categories were put together for the other fossil-fuel gasification supply chains. The production of 

displaced steam category is again a misnomer since it would be expected that this category accounts for 

the displacement of steam that would have otherwise been produced using fossil fuel. However, this 

category accounts for those emissions that occur from the collection and transport of the biomass that 

is not converted to useful product. The electricity cogeneration and generation of displaced electricity 

are zero for these cases. Finally, the names of the last several categories are self-explanatory. In 

comparing GREET to the results in this study, it was discovered that changing the default electric grid 

scenario of 2015 US to a more comparable case to this study was needed. The 2015 US grid scenarios 

result in very high emission factors due to the US grid having a large supply of coal fired power plants. 

The 2030 CA case in the GREET model was selected. The effect of changing this parameter can be seen 

in Figure 90. Changing the electric grid emissions alters the GHG emission factor at all steps of the supply 

chain.  
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a) 

 
b) 

Figure 90:  GHG emission factors for four forestry biomass hydrogen supply chain scenarios in GREET: a) LH2 transport 
by truck using 2015 US grid and 2030 CA grid emissions and b) GH2 transport by pipeline using 2015 US grid and 2030 CA grid 
emissions 

This study resulted in an overall total GHG emission factor from fossil fuels between 2.5 -5 gCO2e/MJ 

for the pipeline cases and 5-15 gCO2e/MJ for the LH2 truck-rail cases. These results are relevant to 

those specific cases that have been considered by GREET (LH2 truck and pipeline). Overall, this study 

resulted in lower GHG emission factors than the 2030 CA grid cases from GREET. The reasons include the 

following:  

 The biomass collection and biomass transport GHG emission factors differ as result of the use of 

rail transport in this study versus in GREET. 

 The BEC plant in this study had no supplemental electricity or natural gas input resulting in the 

3.2 gCO2e/MJ for 2030 CA pipeline case from GREET becoming zero in this study. 
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 The assumption in this study that the eletricity requirements along the supply chain (e.g., 

liquefaction, compression, precooling, etc.) would be satisfied by the BEC plant resulting in an 

energy penalty at the BEC plant. Without this assumption, grid electricity accounts for all the 

power plant emissions plus the upstream emissions associated with the fossil fuel input. This has 

a large impact. 

In addition, it should be noted that for the 2015 US LH2 case, it performs worse than the renewable 

gasoline from forestry biomass pathway in GREET (see Figure 91), even if vehicle fuel economy is 

accounted for and the FCEV fuel economy is assumed to be ~2 times better than the typical gasoline 

vehicle. Further, it should be noted that if the FCEV fuel economy is compared to gasoline hybrid 

vehicles (HEV), both as specified in GREET, the fuel economy improvement for FCEVs is only 1.35 times 

that of HEVs. However, for the 2030 CA grid cases, the forestry biomass hydrogen pathways perform 

better than the renewable gasoline from forestry biomass pathway.  
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Figure 91:  GHG emissions for two forestry biomass renewable gasoline supply chain scenarios in GREET using 2015 US 
grid and 2030 CA grid emissions  

Figure 92 and Figure 93 show the NOx and PM2.5 emission factors for the entire supply chain and at 

only the BEC plant. These are both criteria pollutants of interest for maintaining ambient air quality 

standards in California (see Section 1 for additional information). The total NOx emissions for the full 

supply chain increase as BEC plant size increases with some flattening of the slope at 700 dt/d. Similar to 

the total fossil fuel GHG emissions factor behavior with respect to BEC plant size, the total NOx 

emissions factor increases with BEC plant size due to the greater consumption of fossil fuel for transport 

of biomass and hydrogen at the larger BEC sizes. This behavior is also observed for the total PM2.5 

emissions factor. At the higher roadside costs, the total NOx and PM2.5 emission factors are lower than 

at the lower roadside costs, which is due to the lower transport mileage per load in both the biomass 

transport and hydrogen transport steps. This is also similar to the GHG emission factor results. A 

difference between the GHG emission factor results and the criteria pollutant emission factor results is 

that the BEC plant accounts for a significant portion of the overall emissions with that percentage 

contribution growing as roadside costs increase since the emissions from the transport stages of the 

supply chain become more efficient (i.e., less mean miles per load).  

0

5

10

15

20

25

30

35

2015 US 2030 CA

G
H

G
 E

m
is

si
o

n
s 

[g
C

O
2

e/
M

J]

Renewable Gasoline Transportation
and Distribution
Renewable Gasoline Refining at
Conventional Petroleum Refinery
Refining: Non-Combustion Emissions
(SMR)
Renewable Gasoline Refining at
Standalone Bio-refinery
Application of Bio-char to Soil

Displacement Credit for Fuel Gas,
Steam and Electricity
Combustion Emssions in On-site
Generation
Pyrolysis and Upgrading: Non-
Combustion Emissions (SMR)
Pyrolysis and Upgrading



 

173 

 

 
Roadside Cost $30/dt Roadside Cost $100/dt 

  
Figure 92:  NOx emission factors (g NOx/MJ hydrogen) for the hydrogen supply chains investigated at low roadside 

costs ($30/dt) in a) total NOx emissions, b) NOx emissions from only the BEC plant; and high roadside costs ($100/dt) in c) total 
NOx emissions, d) NOx emissions from only the BEC plant 

 
Roadside Cost $30/dt Roadside Cost $100/dt 

  
Figure 93:  PM2.5 emission factors (g PM2.5/MJ hydrogen) for the hydrogen supply chains investigated at low roadside 

costs ($30/dt) in a) total PM2.5 emissions, b) PM2.5 emissions from only the BEC plant; and high roadside costs ($100/dt) in c) 
total PM2.5 emissions, d) PM2.5 emissions from only the BEC plant 
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6.2 Electricity Supply Chains 

This section investigates the three different electricity supply chains considered, which are 

equivalent to the three different BEC plant designs for electricity production since the T&D and charging 

assumptions are the same across all the scenarios. Figure 94 shows the levelized cost of electricity 

(LCOE) for high and low roadside costs for the different BEC plant designs at different BEC plant sizes. 

Similar to the hydrogen supply chains, strong economies of scale apply when looking at forestry biomass 

resources in California (i.e., distances aren’t long enough to see significant diseconomies of scale). The 

LCOE is also very high. Typical utility rates for electricity, including transmission and distribution charges, 

are between $150-200/MWh [202]. The LCOE calculated here is much higher mainly as a result of the 

very high per MWh costs of the EVSE and associated infrastructure. Figure 95 shows the breakdown of 

levelized costs across the supply chain with a levelized cost of $690/MWh.   

Roadside Cost $30/dt Roadside Cost $100/dt 

  
a) b) 

Figure 94:  Levelized cost of electricity across the entire electricity supply chain for the different scenarios investigated 
with a) low roadside cost ($30/dt) and b) high roadside cost ($100/dt) 

The GT BEC plant case has the highest LCOE overall due to the low efficiency of the system despite 

having lower initial capital costs. The FC and FC-GT BEC plants have very similar LCOEs because despite 

the higher capital cost of the FC-GT system, the high efficiency of that system provides more output 

bringing down the LCOE. The higher roadside cost scenarios show slightly higher LCOE than the lower 
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roadside cost scenarios as expected since the feed costs are higher in those cases. The levelized T&D and 

EVSE costs do not vary with BEC plant size.  

Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 95:  Levelized cost of electricity at different electricity supply chain steps for the different scenarios investigated 
with a) low roadside cost ($30/dt) and b) high roadside cost ($100/dt) 

The GHG emission factors resulting from these forestry biomass electricity supply chain scenarios are 

shown in Figure 96. The trends of the biomass collection GHG emission factors vary more strongly with 

BEC plant size in the GT case than the FC cases and the hydrogen cases. This results from the larger 

decrease in GT BEC plant efficiency as BEC plant size decreases. The FC-GT BEC plant design also shows 
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sensitivity to BEC plant size but to a lesser extent than the GT case. Similar to the hydrogen cases, the 

BEC plant efficiency guides the variation in GHG emission factor for the biomass collection step. 

 
Figure 96:  GHG emission factors (g CO2e/MJ electricity) for the electricity supply chains investigated at low roadside 

costs ($30/dt): a) total GHG emissions including the burning of biomass, b) fossil fuel GHG emissions from the collection step of 
the electricity supply chain, c) fossil fuel GHG emissions from the transport of biomass from the roadside to the BEC plant, d) 
fossil fuel GHG emissions from the transmission and distribution of electricity from BEC to EVSE, e) GHG emissions from the BEC 
plant (including direct GHG emissions from burning of biomass) and f) total fossil fuel GHG emissions across the entire electricity 
supply chain 

The biomass transport to the BEC has a similar overall trend to the hydrogen cases since the biomass 

transport is the same across the different BEC plant designs and only varies as a function of BEC plant 

size and roadside cost. However, the efficiency of the BEC plant will shift the curves in the vertical 

direction. The GT BEC plant design has higher biomass transport collection emission factors than the 

LH2-highkWh hydrogen case. This is a result of the lower plant efficiency for the GT design. The total 

fossil GHG emission factor is more strongly affected by the biomass transport emissions than the 

biomass collection emission since the trend with BEC plant size more closely resembles that of biomass 

transport than biomass collection particularly for the GT BEC plant design. 
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Figure 97:  GHG emission factors (g CO2e/MJ electricity) for the electricity supply chains investigated at high roadside 

costs ($100/dt): a) total GHG emissions including the burning of biomass, b) fossil fuel GHG emissions from the collection step of 
the electricity supply chain, c) fossil fuel GHG emissions from the transport of biomass from the roadside to the BEC plant, d) 
fossil fuel GHG emissions from the transmission and distribution of electricity from BEC to EVSE, e) GHG emissions from the BEC 
plant (including direct GHG emissions from burning of biomass) and f) total fossil fuel GHG emissions across the entire electricity 
supply chain 

Figure 97 shows the GHG emission factors for the high roadside cost case. The major difference from 

Figure 96 is that the total fossil GHG emission factor varies much less as BEC plant size increases. This is 

due to the lower biomass transport GHG emission factor which then allows the biomass collection GHG 

emission factor to affect the total GHG emission factor more substantially. The flatter slope is primarily 

due to the sharp increase in biomass collection GHG emission factor at low BEC size which counteracts 

the reduction in GHG emission from biomass transport at smaller BEC plant sizes. 
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Roadside Cost $30/dt Roadside Cost $100/dt 

  
Figure 98:  NOx emission factors (g NOx/MJ electricity) for the electricity supply chains investigated at low roadside 

costs ($30/dt) in a) total NOx emissions, b) NOx emissions from only the BEC plant; and high roadside costs ($100/dt) in c) total 
NOx emissions, d) NOx emissions from only the BEC plant 

Figure 98 and Figure 99 show the NOx and PM 2.5 emission factors for the various electricity supply 

chain scenarios, respectively. The trends among different BEC plant designs are again strongly driven by 

the efficiency differences between the BEC designs. At the lower roadside cost, the smaller electricity 

BEC plant sizes do result in lower NOx and PM2.5 emission factors, which is similar to the hydrogen 

supply chains. However, at the higher roadside cost, the smaller GT and FC-GT BEC plant sizes do not 

result in lower NOx and PM2.5 emission factors. This is different from the hydrogen supply chains and 

the FC only electricity based supply chain, which still show the lowest NOx and PM2.5 emission factors 

at the smallest BEC plant sizes. However, the NOx and PM2.5 emission factor difference between the 

large and small BEC plant sizes is reduced. This reduction is driven by the increased efficiency of biomass 

transport at the higher roadside costs (i.e., less miles per load) which allows the emissions occurring at 

the BEC plant to have a greater effect on the total supply chain emissions. In the GT and FC-GT case at 

high roadside cost, the effect is strong enough to make the larger BEC size have lower NOx and PM2.5 

emission factors. 
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Roadside Cost $30/dt Roadside Cost $100/dt 

  
Figure 99:  PM2.5 emission factors (g PM2.5/MJ electricity) for the electricity supply chains investigated at high 

roadside costs ($100/dt) in a) total PM2.5 emissions, b) PM2.5 emissions from only the BEC plant; and high roadside costs 
($100/dt) in c) total PM2.5 emissions, d) PM2.5 emissions from only the BEC plant 

 

6.3 Comparing Electricity and Hydrogen 

This section directly compares the forestry biomass electricity and hydrogen supply chains. The 

metrics include: levelized cost of energy ($/GJ), cost per mile, fossil GHG emissions per mile, offset GHG 

emissions per MJ fuel consumed, and cost per offset GHG emission. The first metric is shown in Figure 

100 for the different forestry bioenergy supply chains. The trends resemble the trends found in earlier 

levelized cost figures, but the uniform units allow direct comparison of electricity and hydrogen. 

Hydrogen from forestry biomass costs significantly less to refuel zero emission vehicles than electricity. 

This is solely a result of the refueling station costs. For the electricity cases, the refueling station costs 

are significantly more expensive (~$190/GJ) than the hydrogen cases (~$15-40/GJ). Comparing the 

delivered fuel costs to the refueling station for both fuel types (Figure 101), electricity becomes more 

competitive with hydrogen, however, hydrogen cases remain the most cost effective overall. 
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 100:  Levelized cost of energy (LCOE) across entire supply chain for the different scenarios investigated with a) low 
roadside cost ($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-(pressure or 
liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 min service 
coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service coverage) 

Among the electricity cases in Figure 100 and Figure 101, the GT plant is least cost effective from a 

levelized cost perspective with the FC plants providing reduced costs due to their higher efficiency. The 

difference between the FC and FC-GT plants is small. The lowest cost hydrogen case is LH2-FC (BEC plant 

producing liquid hydrogen with onsite fuel cell running on syngas to provide electricity for liquefaction 

process). However, the GH2 cases are competitive with the LH2-FC cases. The effect of the HRS network 

on overall levelized costs is negligible for the LH2 cases, which makes sense given the low cost of that 

delivery pathway. For the GH2 and pipeline cases, the HRS network has an increased impact but not 

significant. Increased forestry biomass supply (i.e., higher roadside cost) leads to slightly higher levelized 

costs in the electricity and hydrogen cases with the exception of the pipeline hydrogen cases which 

show significantly higher costs at higher biomass supply. As discussed previously, this results from the 

long pipeline network required to deliver the hydrogen from the BEC plants to the HRS for the given 

statewide hydrogen demand, and since at the high forestry biomass supply, the hydrogen produced is 

more than the hydrogen demand at HRS in northern CA, pipeline to southern CA needs to be built 
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resulting a higher levelized cost for that amount of hydrogen throughput. If the hydrogen throughput 

could be increased, the cost could be reduced. 

 
Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 101:  Levelized cost of energy (LCOE) delivered to refueling station for the different scenarios investigated with a) 
low roadside cost ($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-
(pressure or liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 
min service coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service 
coverage) 

Figure 102 shows the cost per mile for fueling zero emission vehicles from the different supply chain 

designs investigated. The EIA projects a gasoline fuel price in 2030 for the Pacific region of the US to be 

$3.84/gal in the “reference” case and $5.76/gal in the “high oil” case [210]. This represents a range of 

costs per mile from $0.11/mi to $0.17/mi for a 35 mpg vehicle. This fuel economy is the light duty 

vehicle fuel economy set for 2030 California vehicles in GREET [172]. Hybrid gasoline vehicles could also 

be considered, and GREET sets their fuel economy at 54 mpg in 2030 for California vehicles. With this 

fuel economy, the costs per mile range from $0.07/mi to $0.11/mi. Based on this information and the 

assumed requirements for EVSE deployment, zero emission miles accomplished via PEVs will not be cost 

competitive with gasoline vehicles in 2030 for the forestry biomass supply chains considered. However, 

zero emission miles traveled using hydrogen will be cost competitive with gasoline for the forestry 
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biomass supply chains considered here. It should also be noted that these costs are for the upper range 

of gasifier costs. If the lower range could be achieved, then ~40% reduction in total levelized costs at the 

BEC plant could be realized. With this reduction, only the lowest cost electricity cases would be 

competitive with the highest cost gasoline cases. The hydrogen cases would become even more 

competitive with gasoline even driving costs per mile lower than hybrid gasoline vehicles for some 2030 

gasoline cases. 

 
Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 102:  Cost per mile across entire supply chain for the different scenarios investigated with a) low roadside cost 
($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-(pressure or liquefier 
electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 min service coverage 
and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service coverage) 

Figure 103 shows the GHG emissions from fossil fuels per zero emission mile traveled for the 

different forestry biomass supply chains. These results again show the conflict between environmental 

and cost goals for alternative fuels with the lowest GHG emissions per mile occurring for the smallest 

BEC plant sizes. This conflict is additionally illustrated since the lowest GHG emissions per mile are 

achieved with those supply chains that are also the highest cost (pipeline and FC electricity). At the low 

roadside costs, the FC electricity cases have lower GHG emissions per mile than all the hydrogen cases 
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with the exception of the pipeline supply chain. When moving to higher roadside costs, the FC-GT 

electricity case achieves lower GHG emissions per mile than the pipeline hydrogen cases. From a climate 

perspective, LH2 should not be pursued as a forestry biomass supply chain for fueling zero emission 

vehicles unless lower electricity consumption by the liquefaction process is achieved. If this can be 

achieved, then GH2 should not be pursued as a forestry biomass supply chain for fueling zero emission 

vehicles, from a climate perspective with no consideration of cost. It should be noted that these GHG 

emissions per mile are higher than those found in GREET (31g/mile for pipeline hydrogen and 53g/mile 

for LH2 truck hydrogen) for reasons discussed in Section 6.1.  

 
Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 103:  Fossil GHG emissions per mile across entire supply chain for the different scenarios investigated with a) low 
roadside cost ($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-(pressure or 
liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 min service 
coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service coverage) 

Figure 104 investigates the offset GHG emissions that would occur from utilization of forestry 

biomass for fueling zero emission vehicles. The offset GHG emissions are calculated assuming that each 

mile traveled by a zero emission vehicle displaces a mile traveled by a 35 mpg gasoline vehicle. These 

emissions are then divided by the total MJ of fuel consumed in the different scenarios to produce an 
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offset GHG emission factor. These results are interesting in that the electricity cases can offset much 

more GHG emissions from gasoline vehicles as a result of the better vehicle efficiency. This suggests that 

the electricity cases would be a more effective use of forestry biomass to reduce GHGs overall. 

However, the costs for the electricity cases are high.  

 
Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 104:  Offset GHG emissions per MJ fuel output across entire supply chain for the different scenarios investigated 
with a) low roadside cost ($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-
(pressure or liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 
min service coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service 
coverage) 

Figure 105 shows the cost to offset GHG emissions (i.e., divide values in Figure 100 by values in 

Figure 104), and this metric can be used to weigh both cost and GHG emission considerations. Although 

the electricity cases further approach the hydrogen cases for this metric, the electricity cases still have a 

higher cost to reduce a metric ton of CO2 equivalent of GHG emissions with the exception of LH2-

highkWh cases at small BEC plant sizes and high roadside costs. When comparing the different supply 

chains for each zero emission vehicle fuel (electricity and hydrogen) amongst each other, the trends are 

essentially the same as those found in the first levelized cost per unit energy output figures (Figure 86 

and Figure 94).   
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 105:  Offset GHG emissions per MJ fuel output across entire supply chain for the different scenarios investigated 
with a) low roadside cost ($30/dt) and b) high roadside cost ($100/dt); labeling format in legend is as follows: (transport mode)-
(pressure or liquefier electricity consumption level or additional generation)-(HRS scenario with 5005 being 500 stations with 5 
min service coverage and 500 being 500 stations with 10 min service coverage and 100 being 100 stations with 10 min service 
coverage) 

Figure 106 addresses an important question with respect to bioenergy pathways for providing low 

carbon energy, i.e., burning or converting biomass to an energy carrier results in carbon emissions, so 

there are carbon emissions occurring but being accounted for as neutral over climate timescales. With 

forests, it is especially important to consider this aspect given the long period of regrowth required for 

whole trees. Figure 106 shows the actual offset GHG emission (including carbon emissions from 

conversion of biomass to energy carrier) per MJ of zero emission vehicle fuel consumed. These results 

show that GHG emissions are actually increased per MJ of zero emission vehicle fuel consumed. This is 

not an issue if the growth/regrowth cycle occurs. However, as years beyond 2030 were investigated, it 

was observed that the simulations performed by the DOE for the Billion-Ton report showed a significant 

decline in available forestry biomass between 2035 and 2040 for the high roadside cost scenarios as 

shown in Figure 107 [20].  
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Roadside Cost $30/dt Roadside Cost $100/dt 

 
a) 

 
b) 

Figure 106:  Offset GHG emissions, including the carbon emissions from burning biomass, per MJ fuel output across 
entire supply chain for the different scenarios investigated with a) low roadside cost ($30/dt) and b) high roadside cost 
($100/dt); labeling format in legend is as follows: (transport mode)-(pressure or liquefier electricity consumption level or 
additional generation)-(HRS scenario with 5005 being 500 stations with 5 min service coverage and 500 being 500 stations with 
10 min service coverage and 100 being 100 stations with 10 min service coverage) 

 

Figure 107:  US DOE Billion-Ton report supply profiles over the different years for the different roadside costs and the 
medium housing, medium energy scenario 

Further investigation of the DOE Billion-Ton report results revealed that this decline in forestry 

biomass availability at the higher roadside costs resulted from whole tree harvesting at the higher 
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roadside costs. Whole tree harvesting is defined as whole trees cut explicitly for biomass uses in the 

Billion-Ton report. This can include purposes other than energy conversion, but what is clear is that as 

higher roadside prices become available, an incentive to harvest more whole trees occurs. This 

eventually reaches a limit in 2040 at which point, the supply won’t increase until significant regrowth 

occurs. The regrowth cycle is typically on the order of decades for forests [211], so the industry built up 

around forestry biomass energy conversion would then need to deal with a large decrease in supply.  

 

Figure 108:  US DOE Billion-Ton report supply profiles over the different years for two different roadside costs and 
breakdown between the two forestry resources: whole tree and residue (medium housing, medium energy scenario) 
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7 Summary and Conclusions 

7.1 Summary 

The goal of this dissertation was to establish the optimal utilization of forestry biomass in integrated 

gasification systems for fueling zero emission vehicles. To achieve this goal, the literature was reviewed 

to identify research gaps. Two major research gaps were identified: 1) although studies exist that 

compare the two energy carriers that fuel zero emission vehicles (electricity and hydrogen) produced 

from conversion of forestry biomass, their focus is only the biomass energy conversion plant as well as 

the comparisons being somewhat incomplete in that many of the possible different potential plant 

designs were not considered (e.g., application of stationary fuel cells, liquefaction, compression for 

hydrogen trucking); and 2) extensive study of forestry biomass supply chain analyses, and biomass 

supply chains in general, has occurred, but the design and analysis of hydrogen supply chains from 

forestry biomass are not well studied (e.g., work has been completed for small regions or, if done for a 

larger region, has low spatial resolution of transport networks). Based on these research gaps, scenario 

modeling was used to investigate the design of supply chains that would optimally utilize forestry 

biomass.  

The scenario modeling employed different strategies in each step of the supply chain depending on 

the level of analysis detail found in the literature for that step. It was determined that the following 

steps required more advanced analysis than what exists currently in the literature for forestry biomass 

supply chains whether for production of zero emission vehicle fuel or drop-in fuels (renewable 

gasoline/diesel): biomass transport from forest to biomass energy conversion plant, the biomass energy 

conversion plant, and the transport of hydrogen from biomass energy conversion plant to hydrogen 
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refueling station. The other steps in the supply chain (harvest/collection to roadside, T&D of electricity, 

hydrogen dispensing, etc.) have been sufficiently modeled in the literature.  

For the modeling of the biomass energy conversion step, detailed chemical engineering process 

models were developed based on gasification of the forestry biomass. Nine different biomass energy 

conversion plants were modeled to compare performance amongst the different designs including 

detailed costing of the plants. These designs included six hydrogen production plant designs (IBGH2-

pipeline injection, IBGH2-LH2 [with two levels of liquefaction efficiency], IBGH2-LH2 [with application of 

stationary fuel cells in a simple fuel cell configuration and a hybrid configuration with a gas turbine], and 

IBGH2-600 bar H2) and three electricity production plant designs (IBGCC, IBGFC, IBGFCGT).  

The modeling of the transportation steps on the upstream side of the biomass energy conversion 

plant involved using land cover data and biomass supply curves from the US DOE to spatially resolve 

forestry roadside supply across California at a 4km x 4km resolution. This spatial resolution allowed 

detailed analysis of the transport from forest roadside to biomass energy conversion plant. A mixed 

integer linear program was developed to site the biomass energy conversion plants such that 

transportation costs from forest to plant were minimized. The program included both trucking and rail 

transport.  

The modeling of the hydrogen transport from biomass energy conversion plant to hydrogen refueling 

station included trucking/rail and pipeline transport. The trucking/rail transport utilized a mixed integer 

linear program to select the routes that provide the minimum transport cost from plant to hydrogen 

refueling station. For the pipeline transport, pipeline mileage was estimated from natural gas pipeline 

network maps and the relative locations of biomass energy conversion plants and hydrogen refueling 

stations. The locations of hydrogen refueling stations were selected based on population density and 

maximizing the number of people covered by a set number of hydrogen refueling stations and a given 
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access time to the station. The transport of electricity from plant to charging station was modeled as an 

efficiency loss using typical values from California utilities. The hydrogen refueling stations were 

modeled using output data from US DOE models. The electric vehicle charging stations were modeled 

based on typical values found in the literature.  

The different supply chains were compared to the existing supply chain analyses available in the 

GREET model, which is an official US DOE model for determining supply chain pollutant and GHG 

emissions. These results were also compared to the production of renewable gasoline from forestry 

biomass. The GREET model did not have the variation in biomass energy conversion plant design and did 

not account for the transport steps in as much detail. The different supply chains were also then 

compared amongst each other using the levelized costs and the GHG and pollutant emissions with 

breakdown across each supply chain step. In all, over 1000 scenarios were simulated and analyzed to 

inform the optimal design of forestry biomass supply chains for production of electricity and hydrogen. 

 

7.2 Conclusions 

The following summarizes the main conclusions from this dissertation: 

 At the biomass energy conversion plant, conversion of forestry biomass to hydrogen is 

energetically and exergetically more efficient than producing electricity unless stationary fuel 

cells are used. 

The cold gas efficiency of converting forestry biomass to syngas using the FICFB gasifier 

technology is 75-80% and is the same across all the integrated biomass gasification plant 

designs. Although converting the syngas to high purity hydrogen requires use of a steam 

methane reformation step due to the presence of methane in the syngas, the syngas is largely 

hydrogen and carbon monoxide. Therefore, producing high purity hydrogen from this syngas is 



 

191 

 

more efficient than producing electricity despite the steam reformation and pressure swing 

absorption steps. However, if stationary fuel cells are used instead of gas turbine technology to 

produce electricity then those hydrogen designs using low efficiency liquefaction processes will 

perform less energetically and exergetically efficient than those plant designs using stationary 

fuel cells to produce electricity. 

 The gasifier cost strongly affects the levelized cost of energy produced at the biomass energy 

conversion plant since it is a major component yet it’s specification in the literature is highly 

variable with more than a factor of 4 between the high and low cost estimates. 

The specified FICB gasifier costs in the literature vary between ~$8/kton, dry feed [141] and 

~$40/kton, dry feed [182]. This is a large variation, and since the gasifier is such a major plant 

component, its cost has strong effects on the cost of energy produced. The effect on the 

levelized cost of hydrogen for the pipeline injection plant design is a reduction (or increase) of 

$1.13/kg (or 60% increase at $60/dt feedstock cost). The effect on the levelized cost of 

electricity for the combined cycle plant design is $51/MWh (or 55% increase at $60/dt feedstock 

cost). The greater the contribution of the gasifier is to the overall plant cost; the larger the effect 

on levelized cost of energy. The pipeline injection IBGH2 plant will be affected most by increases 

or decreases in gasifier costs since it is such a major contributor to overall installation costs 

compared to the other plant designs. Note that the other hydrogen plant designs include 

liquefiers, trucking terminals, and stationary fuel cells, which are all capital intensive which lead 

to the gasifier cost having a less significant effect on these plant designs compared to the 

pipeline injection case. 

 Hydrogen liquefaction significantly degrades the performance of the integrated biomass 

gasification plant unless more advanced liquefaction processes and/or stationary fuel cells are 

utilized. 
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The process of hydrogen liquefaction is energy intensive requiring 9.5 kWh of electricity per kg 

of hydrogen liquefied in conventional designs. This leads to a 40% decrease in plant efficiency 

from the pipeline injection case, which is the hydrogen production plant with the highest 

efficiency. Implementing advanced liquefaction designs can reduce this decrease to 30% vs 40%. 

Further improvements in plant efficiency can be made by implementing stationary fuel cells 

(15% decrease vs. 30%) in the plant design for electricity generation to power the liquefaction 

process. This study did not consider importing power from the electric grid to allow for more 

straightforward comparison in forestry biomass utilization. Without implementing advanced 

liquefaction designs or stationary fuel cells, liquid hydrogen truck-rail supply chains will have 

higher levelized costs than gaseous hydrogen truck-rail supply chains due to the degraded 

conversion plant performance and high costs of liquefiers despite the lower cost of hydrogen 

transport in the liquid phase. 

 Diseconomies of scale associated with forestry biomass transport and hydrogen transport are 

outweighed by the stronger economies of scale that occur at the biomass energy conversion 

plant.  

Diseconomies of scale exist when increasing per unit output leads to higher per unit costs. The 

opposite is true for economies of scale. The transport of goods over truck-rail networks is an 

example of a system that has diseconomies of scale. For the analysis region investigated here, 

the economies of scale exhibited by the biomass energy conversion plants overcome any effects 

from the diseconomies of scale associated with transport on either side of the biomass energy 

conversion plant. However, it is expected that if the analysis region were expanded such that 

transport occurred over larger distances to feed large biomass energy conversion plants (feed 

rates in excess of 4500 dt/d), effects of the diseconomies scale would be observed. 
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 The GHG emissions from a hydrogen supply chain utilizing forestry biomass are lower than those 

found in the GREET model [172]. 

The GREET model uses information from several studies and makes several assumptions that 

result in their hydrogen supply chain utilizing forestry biomass having higher GHG emissions 

than in this study. The first is that this study allows for rail transport which is more energy 

efficient than truck transport (249 vs. 1222 Btu/ton-mi). The second is that the BEC plant in this 

study did not utilize supplemental natural gas or electricity. The only input to the BEC plant was 

the biomass. The third assumption made in the GREET model not made in this study is that all 

the electricity requirements for liquefaction, compression, dispensing along the hydrogen supply 

chain were met by the electric grid, which also has embedded upstream GHG emissions as well. 

Rather in this study, the liquefaction occurred at the biomass energy conversion plant, and the 

downstream electricity requirements were applied as energy penalties to the biomass energy 

conversion plant, i.e., as electricity loads that would be served by the biomass energy 

conversion plant. This assumption allows for better comparison to the electricity supply chains 

since the transmission and distribution of electricity is accounted for as an energy penalty at the 

plant. These differences in assumptions led to this study having lower GHG emissions than those 

found in the GREET model. 

 A conflict between costs and environmental impacts exists where the largest biomass energy 

conversion plants exhibit the lowest levelized costs but also have the highest emission rates of 

NOx, PM2.5, and fossil fuel based GHGs with one exception, the IBGCC design at high roadside 

costs. 

The larger biomass energy conversion plants exhibit higher energy efficiency and lower levelized 

costs, however, these larger plants require more feedstock which originate from sources at 

farther distances from the plant itself. To collect and transport this forestry biomass over these 

longer distances requires more fossil fuel and the associated pollutant and GHG emissions. In 
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addition, pollutant emissions occur at the biomass energy conversion plant as well. These 

pollutant emission rates are a function of the energy efficiency and hence size of the plant. The 

energy efficiency of the hydrogen production and electricity production plants using stationary 

fuel cells vary with plant size but to a much lesser extent than the electricity production plants 

using gas turbines. This causes these plants to have much higher emission rates at smaller plant 

sizes which leads to alignment between lower pollutant emission rates and lower costs at these 

plant sizes for this plant design. 

 The least cost supply chain for producing fuels for zero emission vehicles on a per mile basis is 

through production of liquid hydrogen that is liquefied using advanced liquefaction processes 

and stationary fuel cells at larger scale biomass energy conversion plants. 

The production of hydrogen from forestry biomass for fueling fuel cell vehicles is in general 

more cost effective per mile traveled than producing electricity from forestry biomass for plug-

in electric vehicles. This is largely due to the cost of recharging the plug-in electric vehicles since 

it is assumed that two Level 2 charging ports would be required for each vehicle in addition to 

the high installation costs per charging port that result mostly from infrastructure upgrades at 

the charging site. Even with a ~50% reduction in these costs, the production of hydrogen from 

forestry biomass would remain between slightly more cost effective per mile to competitive 

with the electricity production pathways. In fact, the lowest cost hydrogen production pathway 

would still be more cost effective per mile than the lowest cost electricity production pathway 

after a 50% reduction in charging port installation costs. This lowest cost hydrogen production 

pathway is the liquid hydrogen produced using advanced liquefaction processes and stationary 

fuel cells at large biomass energy conversion plant sizes. 

 The forestry biomass supply chain that produces fuels for zero emission vehicles with the 

highest offset of GHGs from the displacement of gasoline consumption is through the 

production of electricity for plug-in electric vehicles. 
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The better fuel economy of plug-in electric vehicles enables more gasoline to be displaced per 

unit of fuel (in this case electricity) produced. The fossil fuel GHG emissions produced from the 

forestry to zero emission vehicle fuel supply chains are nearly similar between the two zero 

emission vehicle fuel types although the energy efficiency of the hydrogen producing biomass 

energy conversion plants is higher. This is due to the higher fossil fuel GHG emissions occurring 

as a result of transporting the hydrogen from the plant to the refueling station. Since the fossil 

fuel GHG emission rates are similar at the point of delivery to vehicle, the offset GHG emissions 

is mostly a function of the zero emission vehicle fuel economy. 

 The forestry biomass supply chain that produces fuels for zero emission vehicles with the lowest 

cost per unit of offset GHGs from the displacement of gasoline consumption is through the 

production of hydrogen for fuel cell electric vehicles. 

The cost per unit of GHG offset from the displacement of gasoline consumption is a key metric 

in evaluating these different forestry biomass supply chains since the primary purpose for 

exploring these supply chains is climate change. This metric captures the tradeoffs between cost 

and offset GHG emissions and allows for comparison between current prices for each unit of 

GHG emissions as well as the costs per unit GHG emission reduced/offset from other 

technologies. The production of hydrogen from forestry biomass demonstrates the lowest cost 

per unit of GHG offset at $620/MTCO2e. The production of electricity from forestry biomass 

results in much higher costs per unit of GHG offset ($1300/MTCO2e) despite offsetting much 

more GHG than the hydrogen cases. However, this results mostly from the recharging 

infrastructure requirements for the plug-in electric vehicles for these cases. If these recharging 

infrastructure costs could be reduced by 50%, then these supply chains would become 

competitive with the hydrogen cases from a cost per unit GHG offset perspective.  
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 California forestry resources available for energy conversion will be depleted if there is high 

demand for electricity or hydrogen from forestry biomass leading to a sharp decline in resources 

in the 2035-2040 timeframe. 

This conclusion results from analysis of the US DOE Billion Ton report data on forestry supply 

available for energy conversion for California [20]. This conclusion is not discussed in the US DOE 

Billion Ton report since the focus of that report is on the total biomass supply potential for the 

United States. Therefore, specific details about its cause are not known, however, it can be 

deduced that a potential likely reason for this outcome is that at high demand (high roadside 

cost) for forestry biomass resources for energy use in California, more whole trees begin to be 

cutdown and their removal outpaces their regrowth. If high demand is sustained 2020-2030 

then a decline in forestry biomass availability is simulated to occur in 2035-2040 timeframe. This 

means that the carbon emissions from the energy conversion of the forestry biomass associated 

with these whole trees will result in a net increase in GHG emissions over a decadal timeframe 

until regrowth of those trees can occur. This is in addition to the negative effect on the industry 

built up around the potentially high initial supply of forestry biomass from 2020-2030 if high 

roadside costs are achievable.   

 

7.3 Future Work 

Future work should investigate the dynamics of the biomass energy conversion plants because these 

plants could support deployment of variable renewables (solar and wind) by operating dynamically 

either by ramping up and down or switching between electricity and hydrogen production. Given the 

large liquefaction plant electric load, this part of the plant should be focused on for dynamic operation 

to support variable renewables. Additionally, the dynamics of the supply chain itself should be 

investigated. For example, logistical coordination of storage areas and harvest periods will be required 
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to maintain high plant capacity factors such that costs per unit are as low as possible. Other examples, 

include the additional storage requirements needed for mixed pipeline, rail, and truck supply chains for 

hydrogen transport. 

Including analysis of carbon capture and sequestration in these plants should also be investigated to 

estimate the additional cost requirements and the resulting GHG emission reduction benefit compared 

to those systems that do not include carbon capture and sequestration. The cost of the sequestration 

steps should also be included for direct comparison.  

More detailed analysis of future costs using established methods for predicting technological 

progress and cost reductions. These methods include Moore’s Law and Wright’s Law. This would 

enhance the cost estimations made.  

The observed decline in supply of forestry biomass in California that the DOE Billion Ton report 

estimates must be investigated further. This will require working with those researchers that developed 

the models used to make those estimates since these models are not yet public and there is no 

discussion of this decline in the report itself. This decline could be very problematic for the industry that 

might developed around this resource.  

Investigation of expanded supply regions, such as Washington and Oregon, could result in different 

conclusions given the large forestry residue resources there while having a more limited population than 

California’s. For example, the emissions and costs associated with transportation over longer distances 

due to the larger region could increase such that the balance between the economies of scale at the 

plant and the diseconomies of scale with transportation is shifted. 
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9 Appendix A 

 

Name Scale value [lb/hr, 
btu/hr, kW] 

Original Equip 
Cost (per unit) 

Base 
year 

Scaling 
Exponent 

Installation 
Factor 

Reference 

Feed Handling and Rotary Biomass Dryer 
[lb/hr biomass feed] 

367,437 $3,813,728  2002 0.75 2.47 [141] 

Indirectly-heated Biomass Gasifier [lb/hr 
biomass feed] 

9,630 $10,500,000  2002 0.65 2.47 [182] 

Indirectly-heated Biomass Gasifier [lb/hr 
biomass feed] 

238,833 $6,636,603 2002 0.65 2.47 [141] 

Water-cooled Aftercooler [btu/hr] 2,938,799 $20,889  2002 0.44 2.47 [141] 

Syngas Compressor [lb/hr] 220,009 $4,817,834  2002 0.8 2.47 [141] 

Reformer Flue Gas Blower [lb/hr] 534,677 $54,250  2002 0.59 2.47 [141] 

Sludge Pump [lb/hr] 997 $3,911  2002 0.33 2.47 [141] 

LO-CAT Oxidizer Vessel [lb/hr] 517 $1,000,000  2002 0.65 2.47 [141] 

ZnO Sulfur Removal Beds [lb/hr] 179,237 $37,003  2002 0.56 2.47 [141] 

Pre-compressor Knock-out [lb/hr] 220,009 $157,277  2002 0.6 2.47 [141] 

Post-compressor Knock-out [lb/hr] 179,394 $40,244  2002 0.6 2.47 [141] 

Sludge Settling Tank [lb/hr] 21,718 $11,677  2002 0.6 2.47 [141] 

Reformer Feed Preheater [Btu/hr] 47,628,665 $277,489 2002 0.7 2.47 [141] 

PSA Air-cooled Precooler [Btu/hr] 149,281,592 $388,064 2002 0.6 2.47 [141] 

PSA Water-cooled Precooler [Btu/hr] 8,414,338 $35,689 2002 0.44 2.47 [141] 

Reformer Combustion Air Blower [lb/hr] 304,578 $35,020 2002 0.59 2.47 [141] 

Steam Reformer [lb/hr] 158,705,747 $4,965,833 2002 0.7 2.47 [141] 

High Temperature Shift Reactor [lb/hr] 354,424 $465,907 2002 0.56 2.47 [141] 

Low Temperature Shift Reactor [lb/hr] 354,424 $323,464 2002 0.56 2.47 [141] 

Pre-PSA Knock-out #1 [lb/hr] 354,424 $129,979 2002 0.6 2.47 [141] 

Pre-PSA Knock-out #2 [lb/hr] 242,691 $55,291 2002 0.6 2.47 [141] 

Pressure Swing Adsorption Unit [lb/hr] 14,260 $4,855,471 2002 0.6 2.47 [141] 

Hydrogen Compressor Intercooler 
[Btu/hr] 

4,042,813 $53,601 2002 0.6 2.47 [141] 

Hydrogen Compressor Air-cooled 
Aftercooler [Btu/hr] 

5,984,714 $56,901 2002 0.6 2.47 [141] 

Hydrogen Compressor Water-cooler 
Aftercooler[Btu/hr] 

1,465,277 $18,909 2002 0.44 2.47 [141] 

Hydrogen Compressor [lb/hr] 14,260 $914,235 2002 0.8 2.47 [141] 

Pre-hydrogen Compressor Knock-out 
[lb/hr] 

14,260 $13,377 2002 0.6 2.47 [141] 

Post-hydrogen Compressor Knock-out 
[lb/hr] 

14,260 $13,977  2002 0.6 2.47 [141] 

Blowdown Water-cooled Cooler [Btu/hr] 626,343 $16,143 2002 0.44 2.47 [141] 

Hot Process Water Softener System 
[lb/hr] 

349,266 $1,031,023 1999 0.82 2.47 [141] 

Extraction Steam Turbine/Generator 
[lb/hr steam] 

342,283 $4,045,870 2002 0.71 2.47 [141] 

Startup Boiler [lb/hr steam to gasifier] 36,560 $198,351 2002 0.6 2.47 [141] 

Collection Pump [lb/hr] 255,292 $7,015 2002 0.33 2.47 [141] 

Condensate Pump [lb/hr] 93,974 $5,437 2002 0.33 2.47 [141] 

Deaerator Feed Pump [lb/hr steam] 349,266 $8,679 2002 0.33 2.47 [141] 

Boiler Feed Water Pump [lb/hr steam] 349,268 $95,660 2002 0.33 2.47 [141] 
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Name Scale value [lb/hr, 
btu/hr, kW] 

Original Equip 
Cost (per unit) 

Base 
year 

Scaling 
Exponent 

Installation 
Factor 

Reference 

Condensate Collection Tank [lb/hr 
steam] 

349,266 $24,493 2002 0.6 2.47 [141] 

Condensate Surge Drum [lb/hr steam] 349,268 $28,572 2002 0.6 2.47 [141] 

Deaerator [lb/hr steam] 349,266 $130,721 2002 0.72 2.47 [141] 

Steam Drum [lb/hr steam] 349,268 $9,200 1997 0.72 2.47 [141] 

Blowdown Flash Drum [lb/hr steam] 6,985 $14,977 2002 0.6 2.47 [141] 

Plant Air Compressor [lb/hr biomass 
feed] 

367,437 $32,376 2002 0.34 2.47 [141] 

Cooling Tower System [Btu/hr] 139,850,763 $267,316 2002 0.78 2.47 [141] 

Hydraulic Truck Dump with Scale[lb/hr 
biomass feed] 

367,437 $80,000 1998 0.6 2.47 [141] 

Flue Gas Stack [lb/hr] 1,174,206 $51,581 2002 1 2.47 [141] 

Cooling Water Pump [lb/hr] 6,088,320 $158,540 2002 0.33 2.47 [141] 

Firewater Pump [lb/hr biomass feed] 367,437 $18,400 1997 0.79 2.47 [141] 

Diesel Pump[lb/hr biomass feed] 367,437 $6,100 1997 0.79 2.47 [141] 

Ammonia Pump [lb/hr biomass feed] 367,437 $5,000 1997 0.79 2.47 [141] 

Hydrazine Pump [lb/hr biomass feed] 367,437 $5,500 1997 0.79 2.47 [141] 

Instrument Air Dryer[lb/hr biomass feed] 367,437 $8,349 2002 0.6 2.47 [141] 

Plant Air Receiver [lb/hr biomass feed] 367,437 $7,003 2002 0.72 2.47 [141] 

Firewater Storage Tank [lb/hr biomass 
feed] 

367,437 $166,100 1997 0.51 2.47 [141] 

Diesel Storage Tank [lb/hr biomass feed] 367,437 $14,400 1997 0.51 2.47 [141] 

Ammonia Storage Tank [lb/hr biomass 
feed] 

367,437 $287,300 1997 0.72 2.47 [141] 

Hydrazine Storage Tank [lb/hr biomass 
feed] 

367,437 $12,400  1997 0.93 2.47 [141] 

Liquefier and Terminal [lb/hr hydrogen] 2,572 $120,000,000 2014 0.81 1 [169] 

Gaseous Hydrogen Terminal [lb/hr 
hydrogen] 

2,572 $49,530,000 2014 0.98 1 [169] 

SOFC stack [kW of gross power 
generated (AC)] 

221,060 $95,000,000.00  2007 0.7 1 [144] 

SOFC air blower & heat exchanger [lb/hr 
of air x (outlet air pressure - inlet air 
pressure)] 

303,302,633 $58,000,000.00  2007 0.7 1 [144] 

Cathode exhaust burner [lbmol/hr of 
(anode off gas + oxidant)] 

21,030 $5,000,000.00  2007 0.7 1 [144] 

Cathode exhaust expander [kW of gross 
power generated] 

8,375 
 

$2,000,000 2007 0.7 1 [144] 

GT [kW gross power] 464,000 $132,014,000  2007 0.7 1 [144] 
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10 Appendix B 

Table 33: Aspen Energy Analyzer and Exchanger Design and Rating results for IBGH2 system with no pyrolysis step 
Heat 
Exchanger 

Load 
[Btu/hr] 

Area 
[ft2] 

Shells Hot Stream Hot T 
in [F] 

Hot T 
out [F] 

Cold Stream Cold T 
in [F] 

Cold T 
out [F] 

EDR cost 
[$] 

E-103 16,657,332 814 1 PSA Precooler 442 344 
Deaerator 
Preheater 157 227 44,324 

E-104 65,010,791 3,006 2 

Reformer 
Combustor Exit 
Cooler 1199 611 Boiler 575 575 116,508 

E-105 11,059,161 157 1 

Reformer 
Combustor Exit 
Cooler 1199 611 

Deaerator 
Preheater 157 227 21,038 

E-106 3,679,239 268 2 Blowdown Cooler 575 200 
Deaerator 
Preheater 157 227 27,528 

E-107 69,933,060 4,402 2 LT Shift Precooler 797 392 BFW Preheater 230 576 153,597 

E-108 38,455,157 1,087 2 
Gasifier Flue Gas 
Cooler 1800 611 Boiler 575 575 58,585 

E-109 138,516,648 6,294 4 
Gasifier Flue Gas 
Cooler 1800 611 Superheater  574 1000 228,251 

E-110 38,777,549 983 2 
Gasifier Flue Gas 
Cooler 1800 611 ZnO Bed Preheater 207 707 55,011 

E-111 97,061,529 3,959 3 Syngas Cooler 1257 300 BFW Preheater 230 576 153,087 

E-112 145,032,654 3,055 1 
Reformer Exit 
Cooler 1562 733 Boiler 575 575 104,203 

E-113 4,249,367 63 1 
Reformer Exit 
Cooler 1562 733 BFW Preheater 230 576 16,605 

E-114 46,797,166 1,557 1 

Reformer 
Combustor Exit 
Cooler 611 250 

Deaerator 
Preheater 52 157 65,984 

E-115 753,438 48 1 PSA Precooler 344 340 LO-CAT Preheater 110 120 15,834 

E-116 0 0 1 

Reformer 
Combustor Exit 
Cooler 250 250 

Deaerator 
Preheater 52 52 12,500 

E-117 6,726,990 230 1 
Gasifier Flue Gas 
Cooler 611 574 ZnO Bed Preheater 120 207 24,065 

E-118 12,852,614 1,031 1 
Reformer Exit 
Cooler 733 662 Boiler 575 575 50,968 
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Table 34: Aspen Energy Analyzer and Exchanger Design and Rating results for IBGCC system 

Heat 
Exchanger 

Load 
[Btu/hr] 

Are
a [ft2] 

She
lls 

Hot Stream Hot 
T in [F] 

Hot 
T out 
[F] 

Cold Stream Col
d T in 
[F] 

Col
d T out 
[F] 

EDR 
cost [$] 

E-104 
24,275,

245 200 1 
Gasifier Flue 

Gas Cooler 1800 1661 Boiler 575 575 22,875 

E-105 
25,822,

315 
2,77

7 1 
IT GT Flue Gas 

Cooler 684 647 Boiler 575 575 97,479 

E-106 
45,029,

418 
1,05

7 1 Syngas Cooler 1287 791 Boiler 575 575 51,739 

E-107 
188,511

,045 
7,67

4 2 
HT GT Flue Gas 

Cooler 962 704 Boiler 575 575 
232,61

8 

E-108 
121,113

,251 
3,09

1 2 
Gasifier Flue 

Gas Cooler 1661 968 Superheater 674 1000 
118,84

7 

E-109 
107,652

,929 
14,4

94 4 
IT GT Flue Gas 

Cooler 647 495 BFW Preheater 385 576 
433,03

0 

E-110 
42,499,

750 
6,20

9 4 Syngas Cooler 791 350 
ZnO Bed 

Preheater 172 707 
225,92

4 

E-111 
87,841,

069 
8,51

9 2 
LT GT Flue Gas 

Cooler 495 368 BFW Preheater 230 385 
251,79

1 

E-112 
36,990,

614 
3,31

9 2 
Gasifier Flue 

Gas Cooler 968 610 Superheater 574 674 
125,06

0 

E-113 
25,494,

170 
9,16

1 4 
Gasifier Flue 

Gas Cooler 968 610 Pyrolysis 317 932 
303,82

5 

E-114 772,175 56 1 
LT GT Flue Gas 

Cooler 368 273 
LO-CAT 

Preheater 110 120 16,237 

E-115 
4,118,6

95 333 2 
Blowdown 

Cooler 568 200 
ZnO Bed 

Preheater 120 172 30,369 

E-116 
64,626,

677 
4,21

9 1 
LT GT Flue Gas 

Cooler 368 273 
Deaerator 

Preheater 91 227 
131,23

9 

E-117 
4,819,2

22 296 1 Syngas Cooler 350 300 
Deaerator 

Preheater 91 227 26,688 

E-118 
4,058,6

22 442 1 
Gasifier Flue 

Gas Cooler 610 587 Pyrolysis 220 317 32,034 

E-119 
14,670,

062 
1,18

5 1 
HT GT Flue Gas 

Cooler 704 684 Boiler 575 575 55,483 
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Table 35: Aspen Energy Analyzer and Exchanger Design and Rating results for IBGFC system 

Heat 
Exchanger 

Load 
[Btu/hr] 

Area 
[ft2] 

Shells Hot Stream Hot T 
in [F] 

Hot T 
out [F] 

Cold Stream Cold T 
in [F] 

Cold T 
out [F] 

EDR cost 
[$] 

E-107 113,152,766 2,045 1 
Gasifier Flue Gas 
Cooler 1800 1053 Superheater 574 1000 79,014 

E-108 17,432,127 1,026 1 
Gasifier Flue Gas 
Cooler 1800 1053 Pyrolysis 512 932 50,799 

E-109 11,459,593 921 1 FC Flue Gas Cooler 687 675 BFW Preheater 548 576 47,656 

E-110 8,986,282 235 1 Syngas Cooler 1287 1166 ZnO Bed Preheater 595 707 24,287 

E-111 4,054,101 1,256 2 FC Flue Gas Cooler 675 584 ZnO Bed Preheater 544 595 64,228 

E-112 80,987,439 20,540 4 FC Flue Gas Cooler 675 584 Boiler 575 575 568,304 

E-113 70,847,846 3,154 1 
Gasifier Flue Gas 
Cooler 1053 647 Boiler 575 575 106,574 

E-114 12,120,665 2,503 1 FC Flue Gas Cooler 584 571 Pyrolysis 220 512 90,702 

E-115 51,160,555 2,116 2 Syngas Cooler 1166 634 Boiler 575 575 91,031 

E-116 766,092 35 1 Syngas Cooler 634 300 LO-CAT Preheater 110 120 15,041 

E-117 2,541,834 438 3 FC Flue Gas Cooler 571 378 ZnO Bed Preheater 120 544 36,652 

E-118 31,435,461 4,428 3 Syngas Cooler 634 300 ZnO Bed Preheater 120 544 166,241 

E-119 50,347,860 1,584 1 FC Flue Gas Cooler 571 378 
Deaerator 
Preheater 85 227 66,725 

E-120 2,698,637 157 2 Blowdown Cooler 537 200 
Deaerator 
Preheater 85 227 22,322 

E-121 128,386,175 22,380 8 FC Flue Gas Cooler 571 378 BFW Preheater 230 548 696,304 

E-122 10,499,162 3,012 1 
Gasifier Flue Gas 
Cooler 647 587 Boiler 575 575 103,181 
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Table 36: Aspen Energy Analyzer and Exchanger Design and Rating results for IBGFCGT system 

Heat 
Exchanger 

Load 
[Btu/hr] 

Area 
[ft2] 

Shells Hot Stream Hot T 
in [F] 

Hot T 
out [F] 

Cold Stream Cold T 
in [F] 

Cold T 
out [F] 

EDR cost 
[$] 

E-105 91,197,990 925 1 
Gasifier Flue Gas 
Cooler 1800 1278 Boiler 575 575 47,754 

E-106 94,509,608 7,260 4 
Gasifier Flue Gas 
Cooler 1278 649 Superheater 574 1000 254,382 

E-107 15,478,862 3,593 3 
Gasifier Flue Gas 
Cooler 1278 649 Pyrolysis 559 932 142,573 

E-108 10,905,249 914 3 Syngas Cooler 1287 610 ZnO Bed Preheater 569 707 56,002 

E-109 51,564,728 2,255 2 Syngas Cooler 1287 610 Boiler 575 575 95,137 

E-110 26,787,335 7,349 2 
FCGT Flue Gas 
Cooler 632 595 Boiler 575 575 225,118 

E-111 761,774 28 1 Blowdown Cooler 575 461 LO-CAT Preheater 110 120 14,636 

E-112 1,976,131 665 1 
Gasifier Flue Gas 
Cooler 649 637 Pyrolysis 511 559 39,573 

E-113 5,615,441 1,087 4 
FCGT Flue Gas 
Cooler 595 347 ZnO Bed Preheater 120 569 65,457 

E-114 29,878,412 5,777 4 Syngas Cooler 610 300 ZnO Bed Preheater 120 569 213,971 

E-115 44,204,135 1,421 1 
FCGT Flue Gas 
Cooler 595 347 

Deaerator 
Preheater 76 227 62,221 

E-116 1,744,371 118 2 Blowdown Cooler 461 200 
Deaerator 
Preheater 76 227 20,326 

E-117 116,770,492 25,959 6 
FCGT Flue Gas 
Cooler 595 347 BFW Preheater 230 576 739,419 

E-118 12,097,799 5,207 3 
FCGT Flue Gas 
Cooler 595 347 Pyrolysis 220 511 187,526 

E-119 8,769,310 2,765 1 
Gasifier Flue Gas 
Cooler 637 587 Boiler 575 575 97,187 
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