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A B S T R A C T   

At scale, biomass-based fuels are seen as long-term alternatives to conventional shipping fuels to reduce 
greenhouse gas emissions in the maritime sector. While the operational benefits of renewable methanol as a 
marine fuel are well-known, its cost and environmental performance depend largely on production method and 
geographic context. In this study, a techno-economic and environmental assessment of renewable methanol 
produced by gasification of forestry residues is performed. Two biorefinery systems are modeled thermody-
namically for the first time, integrating several design changes to extend past work: (1) methanol synthesized by 
gasification of torrefied biomass while removing and storing underground a fraction of the carbon initially 
contained in it, and (2) integration of a polymer electrolyte membrane (PEM) electrolyzer for increased carbon 
efficiency via hydrogen injection into the methanol synthesis process. The chosen use case is set in California, 
with forest residue biomass as the feedstock and the ports of Los Angeles and Long Beach as the shipping fuel 
demand point. Methanol produced by both systems achieves substantial lifecycle greenhouse gas emissions 
savings compared to traditional shipping fuels, ranging from 38 to 165%, from biomass roadside to methanol 
combustion. Renewable methanol can be carbon-negative if the CO2 captured during the biomass conversion 
process is sequestered underground with net greenhouse gas emissions along the lifecycle amounting to − 57 
gCO2eq/MJ. While the produced methanol in both pathways is still more expensive than conventional fossil 
fuels, the introduction of CO2eq abatement incentives available in the U.S. and California could bring down 
minimum fuel selling prices substantially. The produced methanol can be competitive with fossil shipping fuels 
at credit amounts ranging from $150 to $300/tCO2eq, depending on the eligible credits.   

1. Introduction 

1.1. Motivation 

1.1.1. The need for shipping industry decarbonization 
The shipping sector represented 12% of the global transport sector 

energy consumption in 2016, around 300 million tons of oil equivalent. 
It accounts for 3% of total global greenhouse gas (GHG) emissions [1]. 

Maritime emissions are expected to rise significantly in the next decades 
with increasing international trade and maritime shipping [2] and due 
to slower carbon intensity reductions in shipping fuels, in the order of 
only 1–2% after 2015 [3]. GHG emissions growth is projected to range 
from 50% to 250% by 2050 under various “business-as-usual” scenarios 
modeled [3–5], if more stringent policies and mitigation measures are 
not adopted. Currently, most marine transportation uses fossil fuels such 
as heavy fuel oil (HFO) and marine gasoil (MGO). Besides greenhouse 
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duction; LHV, Lower heating value; LNG, Liquefied natural gas; MFSP, Minimum fuel selling price; MGO, Marine gasoil; NPV, Net present value; ODMT, Oven dry 
metric ton; PEM, Polymer electrolyte membrane; PM, Particulate matter; S1, System 1; S2, System 2; TRL, Technology readiness level; VLSFO, Very low sulfur fuel 
oil; WGS, Water-gas shift. 
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gas emissions, these fuels are the significant global contributors to SOx, 
NOx and PM emissions, the latter being most impactful in port cities. 
According to the International Maritime Organization (IMO), interna-
tional shipping is responsible for respectively 12% and 13% of global 
SOx and NOx emissions annually. 

1.1.2. Recent regulations push for sustainable solutions 
To address air pollution, the IMO and other governing institutions 

have enacted regulations that require decreasing emissions of SOx and 
NOx from ships. For instance, in 2015, fuel sulfur was limited to 0.1% 
m/m (mass by mass) in Emission Control Areas (ECA), which include 
coastal regions of Northern Europe and the U.S., and to 0.5% outside 
ECAs in 2020. In addition, the California Air Resources Board (CARB) 
has introduced shipping fuel regulations within 24 nautical miles of the 
California coastline. Current fossil alternatives compliant to the most 
stringent ECA limits, such as very low sulfur fuel oil or MGO, are how-
ever costly to produce, and still emit large amounts of SOx, NOx and PM 
into the atmosphere [6]. Besides, IMO has set ambitious goals to reduce 
the carbon footprint of shipping. IMO targets, relative to 2008, are to 
reduce GHG emissions from international shipping by 50% in 2050 and 
to reduce carbon intensity (CO2 per ton-mile) by 40% for new ships by 
2030 and 70% by 2050 [2,3]. Although its short- and mid-term strate-
gies focus on speed reduction, low-carbon fuels, carbon pricing and 
energy efficiency measures, its long-term plan involves carbon neutral 
fuels. 

1.1.3. Options for shipping decarbonization 
Proposed alternatives to reduce the shipping industry’s carbon 

footprint include transitioning to novel fuels or propulsion technologies 
including nuclear propulsion, fuel cells, batteries, liquefied natural gas 
(LNG), ammonia and various biofuels [4]. Each approach has its ad-
vantages and drawbacks. Biofuel development could suffer from 
competition with road, aviation and petrochemical sectors. However, 
their use would contribute much more to GHG emissions reductions 
than alternatives, while being compatible with current shipping infra-
structure [2]. 

Mukherjee et al. [4] found bio-methanol to be the most promising 
biofuel among other options for the marine sector, based on cost, po-
tential availability, present technology status, GHG mitigation potential, 
infrastructure compatibility and CO2 capture and storage (CCS) 
compatibility. According to a recent S&P report [7], “in the years to 
come LNG, methanol, hydrogen and ammonia are all in the mix as po-
tential alternatives marine fuels”. Methanol is sulfur-free and produces 
very little PM and NOx when combusted. When produced from renew-
able sources such as biomass, captured CO2 or decarbonized electricity, 
it can additionally provide significant GHG emissions reductions 
compared to fossil fuels. By comparison, LNG is cost-competitive in the 
near-term, also provides SOx and PM benefits over baseline fossil fuels 
but has a limited decarbonization potential. Most importantly, it does 
not meet long-term IMO GHG targets with only a 2% lower global 
warming potential than HFO [2] over its lifecycle and emitting eight 
times more methane emissions along its lifecycle than HFO. 

A significant push in favor of methanol compared to alternatives 
occurred in November 2020 when the IMO approved interim guidelines 
for the safety of ships using methanol and ethanol, recognizing them as 
low carbon marine fuels. Subsequently, the first Bunkering2 Technical 
Reference for Methanol was published recently by Lloyd’s Register [8]. 
Interest in methanol as a marine fuel is growing globally and it is being 
used in several demonstration projects and commercial activities, 
mainly in Europe and Asia. Currently, 38 large methanol-powered ships 
are operating or on order according to DNV’s online insights platform 
[9]. Recently, Maersk, DSV Panalpina, DFDS, SAS and Ørsted formed a 
partnership in 2020 to develop an industrial-scale sustainable fuel 

production facility in Copenhagen, aiming to deliver 250,000 tonnes of 
sustainable fuel including renewable methanol for Maersk ships [10]. 
Maersk recently announced ordering eight methanol- powered 
container ships, built by Hyundai Heavy Industries for 2024, and the 
launch of a carbon neutral ship in 2023 that will run on renewable 
methanol [11]. 

Methanol is already a commodity available worldwide, with 
considerable infrastructure for distribution and storage capacity in place 
[6]. While liquid LNG requires insulation to maintain very cold tem-
peratures, methanol is liquid at ambient conditions, thus allowing the 
use of conventional fuel transport, storage, and bunkering infrastructure 
with small and inexpensive modifications. Out of the largest 100 inter-
national ports, 88 already have the bunkering infrastructure in place for 
methanol [12], and existing ships can easily be converted to use it at 
moderate costs [13]. 

1.1.4. Barriers to transitioning to low-GHG methanol 
Despite its clear environmental and operational benefits compared to 

alternatives, some important barriers to the adoption of renewable 
methanol as a shipping fuel still limit its development. First, existing 
marine fuels such as HFO and MGO remain very inexpensive compared 
to more sustainable alternatives. The shipping sector additionally faces 
important financial challenges due to COVID-19, and the high capital 
costs already invested for LNG bunkering infrastructure may discourage 
future investment in other technologies [7]. Finally, while in other 
transportation sub-sectors some countries can independently implement 
national sustainable fuel policies, these can be much slower and more 
complex to coordinate in the international maritime industry. 

1.2. Study focus 

1.2.1. Renewable methanol production methods 
Today, the vast majority of methanol worldwide is derived from 

natural gas reformation or coal gasification, mainly for economic rea-
sons. Only 0.2% is produced by renewable sources [6]. To reduce the 
carbon intensity of methanol production, some low-carbon methanol 
processes have been developed. Options to decarbonize natural gas- 
based methanol include the injection of CO2 from industrial sources 
(power plants, oil refineries, cement plants, iron and steel plants) into 
the methanol synthesis process, or natural gas reforming using electrical 
heating from renewable power. 

The two main routes to further reduce the carbon footprint of 
methanol are (1) its production from biomass, and (2) production from a 
combination of hydrogen produced with renewable electricity and car-
bon dioxide. For the former, methanol can be produced from biomass or 
waste gasification, biogas upgrading and reforming or as a by-product of 
wood pulping. For the latter, methanol is produced through a Power-to- 
X process by catalytic methanol synthesis, for which the CO2 feedstock is 
obtained from industrial sources, direct air capture or bioenergy with 
carbon capture and storage (BECCS). The produced renewable methanol 
is then chemically identical to fossil methanol. 

In a typical biomass gasification process, a water–gas shift (WGS) 
unit is used downstream of the gasifier to obtain a syngas suitable for 
methanol synthesis. The excess carbon dioxide is commonly vented, 
subsequently affecting the carbon conversion of the overall process as 
large amounts of carbon initially contained in the feedstock are lost 
rather than converted to methanol. When oxygen-blown, for a higher 
output syngas quality, the gasification requires a source of oxygen, 
typically supplied by an air separation unit (ASU). This process is well- 
known (technology readiness levels (TRL) 8–9 [6]), as it is similar to 
commercial coal gasification. 

An interesting hybrid technique to increase the fraction of carbon 
converted to methanol is to combine biomass gasification with water 
electrolysis by injecting the produced hydrogen into the syngas before 
methanol synthesis. Adding hydrogen eliminates the use of the WGS unit 
and the subsequent removal of excess CO2. The oxygen produced by the 2 The fueling of ships with marine fuels 
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electrolysis can furthermore replace the need for an ASU, necessary for 
oxygen-blown gasification. For the same unit energy of biomass, twice 
the quantity of methanol can be theoretically produced, and carbon 
conversion ratios are close to 100%. 

1.2.2. Literature review 
Tock et al. [14] performed a thorough techno-economic assessment 

of several liquid fuels production from lignocellulosic biomass, 
including methanol. Andersson et al. [15] assessed the techno- 
economics of introducing gasification-based biomass-to-methanol pro-
duction into an existing chemical pulp and paper mill. Conti [16] 
applied a mixed-integer linear programming (MILP) optimization model 
for the methanol production from sawmill residue gasification to mini-
mize supply chain overall costs in Sweden. In a series of studies, Clausen 
et al. [17–19] performed detailed thermodynamic modeling of similar 
processes, integrating some design changes compared to state of the art 
regarding gasification, CO2 capture, and feedstock pre-treatment. Liu 
et al. [20] performed a comprehensive life cycle analysis of the envi-
ronmental impacts of biomass-to-methanol production processes, and 
Yadav et al. [21] assessed the environmental impacts of a novel biomass 
gasification process including biomass alkali impregnation and other 
methanol synthesis design modifications. 

The novel hybrid methanol production method, introduced above, is 
already used in four demonstration projects today: three Enerkem pro-
jects (Quebec, Rotterdam, Saragossa) and the LowLands methanol 
project (the Netherlands) [6]. Clausen et al. [22] techno-economically 
assessed this process configuration considering wood-chip feedstock, 
alkaline electrolysis for hydrogen production and the capture of CO2, 
without modeling CO2 transport or storage. Larose et al. [23] simulated 
biomass gasification with hydrogen injection from solid oxide electrol-
ysis to demonstrate higher efficiency and carbon conversion, and Zhang 
et al. [24] and Butera et al. [25] each performed detailed techno- 
economic assessments of similar processes with various system 
configurations. 

1.2.3. Methanol production with integrated torrefaction and optional PEM 
electrolysis 

The present work is unique and adds to past studies in a number of 
important ways: by providing key system configuration changes and 
design extensions such as CO2 capture and storage and H2 from PEM 
electrolysis; by providing the first analysis of renewable methanol for 
the shipping industry in California, and by providing the first detailed 
economic analysis of renewable methanol competitiveness including 
federal and state policy incentives. 

In the first modeled system, renewable methanol production with 
integrated torrefaction and the underground storage of captured CO2 is 
modeled techno-economically for the first time. In the second modeled 
system, a PEM electrolyzer to supply H2 and O2 for methanol production 
with integrated torrefaction is modeled for the first time. Compared to 
an alkaline electrolyzer [19], the PEM technology is more responsive to 
typical fluctuations associated with variable renewable energy genera-
tion, an important factor when the system is powered by a supply of 
intermittent renewable electricity such as solar or wind. Moreover, PEM- 
based electrolysis equipment is expected in the long-term to have 
greater electrical efficiency and lower investment costs than alkaline 
electrolyzers [26]. In addition, economic profitability analysis of the two 
systems will be presented for the first time, extending the literature 
beyond existing studies [14,16,18,19,24,25]. 

The choice of California as the location of the study adds to state-of- 
the-art research since the large majority of techno-economic studies 
assessing the production of renewable methanol are located in Nordic 
European countries [16–19,22,25,27–29]. Few studies explore the po-
tential of methanol produced from forest residues as a sustainable 
maritime fuel [2,30–32]. There is in addition very little research on 
biomass-to-methanol routes in the U.S. [33–35], and in many past work 
the syngas produced by the gasification of biomass is assumed to be 

converted to other end-products: biofuels (Fischer–Tropsch diesel, 
dimethyl ether (DME)), hydrogen, gasoline or electricity [36–39]. This 
study is thus the first techno-economic and environmental assessment of 
renewable methanol production from forest residue gasification located 
in California. 

The choice of California is motivated by several factors. First, Cali-
fornia is a world leader when it comes to fuel and climate policies. 
Tradable, performance-based CO2eq abatement credits such as the 
California Low Carbon Fuel Standard (LCFS) [40] along with the 
recently expanded federal tax credit for CO2 sequestration (Internal 
Revenue Code Section 45Q [41]) could encourage the implementation 
of a sustainable methanol production process by lowering production 
costs. Second, California’s main ports, Long Beach and Los Angeles 
(together constituting the San Pedro Bay Port Complex), are among the 
busiest in the United States and worldwide, representing together 
respectively 31% and 74% of the national and West Coast market shares, 
and ranking 9th worldwide [42]. They thus represent an important 
demand for more sustainable marine fuels and also have existing bulk 
storage for liquid fuels, suitable for the storage of methanol [43]. Third, 
California forests represent an important source of biomass, particularly 
when focusing on forest residue valorization for forest management and 
wildfire prevention. Millions of acres of forest ecosystems in California 
are at significant risk of catastrophic forest fire due to recurrent drought 
conditions and increased climate-change induced warming. Considering 
recent initiatives such as California law SB 901 or California’s Forest 
Carbon Plan, the valorization of forest residues based on their use as a 
biofuel feedstock can represent an important offset of costs associated 
with wildfire prevention and forest management. 

Section 2 describes the methodology, sources of data and assump-
tions used to (i) assess the biomass quantities available as feedstock, (ii) 
model both biorefineries thermodynamically and (iii) perform the eco-
nomic and environmental assessment of both systems’ supply chains, for 
two plant locations. Section 3 subsequently presents modeled results and 
sensitivity analysis. These are discussed in Section 4, along with some of 
this study’s limitations and suggestions for future research. Finally, 
Section 5 concludes by summarizing the key findings of this work. 

2. Methodology 

The main methodology is presented hereafter. More details on the 
modeling methods, calculations and intermediate results, as well as a 
more exhaustive list of assumptions for all systems and scenarios 
assessed are given in the Supplementary file. 

2.1. Biomass supply assumptions 

The forest residue biomass estimates reported in Baker et al. [36] 
based on Sanchez and Cabiyo [44,45] were chosen for biomass feedstock 
supply due to their inclusion of forestry residue sources such as logging 
slash and forest thinnings, their consistency with recent public policy 
objectives, and the spatial resolution of their estimates. In contrast to 
other studies (Williams et al. [46], Mitchell et al. [47] or the Billion-Ton 
Study [44]), the adopted supply estimates are derived after simulating 
active forest management practices (particularly mechanical thinning) 
which are consistent with recent public policy objectives, such as the 
Forest Carbon Plan [48]. The supply estimates represent all economi-
cally available biomass from fire- and carbon-beneficial forest man-
agement in California, which aligns very well with this study’s context 
and motivation. The spatial scope of the data from Baker et al. [36] is 
also well-suited to this study with biomass quantities estimated at a 
county-level. This spatial resolution enhances the precision of esti-
mating biomass transportation costs and environmental footprint. 

2.1.1. Biomass type 
Residues from commercial forestry operations and treatments per-

formed for the purpose of forest restoration are the primary supply 
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category included in this study, corresponding to “forest management” 
from Baker et al. This amounts to 15.1 million dry tons in California. 
Their collection and chipping cost is also taken from the same study and 
corresponds to the average collection costs observed for 35 active forest 
treatment and fire treatment projects led by CAL FIRE [49]. Sawmill 
residues are chosen to be excluded since nearly all mill residues in 
California are currently already used in bioenergy production or other 
products [47,50,51]. Shrub and chaparral residues are also excluded due 
to their high collection costs [36], and limited data on their thermo-
chemical characteristics. To determine more precisely this study’s 
biomass thermochemical properties, the identification of the mix of 
forest species is necessary. The method used yielded weighted average 
proportions of primary forest species: a mix of Douglas-Fir, Sierran 
Mixed Conifer, Montane Hardwood, and Redwood species. These pro-
portions are used to estimate precise biomass feedstock characteristics, 
presented in Section 3.1.2. 

2.1.2. Biomass chipping 
Forest residues are chipped at the roadside after their collection. As 

the biorefinery designed in this work integrates biomass torrefaction and 
milling within the plant, it can be fed with wood chips directly, and 
roadside grinding is assumed to be not required. The environmental 
impact of biomass collection and chipping is determined from the 
GREET model [52], and will be used further in the study. While the 
environmental impact of typical biomass production would account for 
the use of fertilizers or any indirect land use-change, the feedstock of 
interest here is not subject to these two factors. Thus, they are excluded 
from the environmental assessment boundaries. 

2.1.3. Biomass storage 
Biomass storage was included to assume continuous biorefinery op-

erations. The storage facility for this study is assumed to be located at 
the forest biomass collection point. Based on the work done in Sahoo 
et al. [53], outdoor-tarped storage of wood chips was chosen for this 
study among other alternatives due to its combination of low energy 
usage (37 MJ/ODMT due to handling), low environmental impact (2.7 
kgCO2eq/ODMT), negligible infrastructure cost, low overall storage cost 
($8.21/ODMT) and ability to decrease biomass moisture while avoiding 
additional moisture due to rainfall. GHG emissions during biomass 

storage are adopted from Sahoo et al. [53]. They include emissions 
resulting from fuel or power used during handling in the storage facility. 
Fugitive gas emissions (methane and nitrous oxide) were excluded due 
to limited experimental data and the complexity of their calculation. 

2.1.4. Biomass transportation 
Wood chips are transported to the biorefinery for conversion, by 

truck or rail. As rail is not always available near the roadside collection 
point, the forest residues are assumed to be trucked from the source to a 
nearby rail station in the case of rail transportation, following the 
methodology of Baker et al. For total distances under 45 miles, truck is 
preferable to rail combined with local trucking, in terms of costs and 
environmental impact. The definitive choice of transportation mode will 
thus depend on the distance from the biomass collection point to the 
biorefinery location, and is discussed in Section 2.3.2. Transportation 
costs are taken from Baker et al. [36]: $0.16 per ton-mile for truck, and 
$0.071 per ton-mile for rail transport. GHG emissions from biomass 
transportation, including fuel production and combustion, were 
retrieved for truck and rail options from the GREET model. 

2.2. Modeling of biorefineries 

2.2.1. Systems considered 
A simplified layout of the first system S1 is illustrated in Fig. 1, while 

a more detailed design can be found in the supplementary material. 
Wood chips are first fed into a steam drier to lower their moisture 
content. After pressurization using lock hoppers, the biomass is torrefied 
at 300 ◦C, resulting in an increased heating value and modified chemical 
composition. After being milled, the torrefied solid is fed to an oxygen- 
blown entrained flow gasifier (EFG). The O2 needed for the biomass 
gasification is supplied by an ASU. The high temperature syngas ob-
tained from gasification is then chemically quenched using the torre-
faction volatile gases, which decompose into H2O, H2, CO2 and CO at 
high temperatures and increase the process efficiency. After being 
cooled down, the upgraded syngas, mainly composed of hydrogen and 
carbon monoxide, flows into a WGS reactor, where superheated steam is 
injected to adjust the syngas H2/CO ratio. An AGR unit then removes 
sulfur components, CO2 and other minor species, and the resultant 
syngas is fed into a methanol reactor. A flash drum separates the 

Fig. 1. Simplified biorefinery layout, System 1.  
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unreacted gases with the liquid product, which then passes through two 
distillation columns for purification, and 99.9% pure methanol is 
obtained. 

The second modeled system S2, shown in Fig. 2, is similar to the first 
one. The main design difference is the introduction of an electricity- 
powered PEM water electrolyzer, to supply both O2 and H2. The oxy-
gen flows to the entrained flow gasifier, replacing the ASU needed in the 
first system, while the hydrogen generation eliminates the need for a 
WGS reactor. Indeed, instead of supplying superheated steam during the 
WGS and subsequently removing large quantities of CO2 to obtain a 
syngas suitable for methanol synthesis, the H2/CO ratio is increased by 
injecting H2 from the PEM electrolyzer. This has the effect of signifi-
cantly improving the biorefinery performance, both in terms of overall 
energy efficiency and carbon conversion into the end-product. 

As highlighted by other studies, a trade-off exists between capital 
costs and biomass transportation costs when establishing optimal bio-
refinery capacities [54]. Based on these considerations, and after com-
parison with similar studies, both biorefineries in this work are scaled to 
an input feedstock flow of 50 MW (based on biomass lower heating 
value). It is assumed large enough to benefit from economies of scale 
regarding investment costs, while ensuring minimal biomass trans-
portation costs. 

2.2.2. Modeling assumptions 
Typically used commercial chemical engineering software packages 

can be time-consuming to construct. In this work, the approach of 
building simplified thermochemical models with Microsoft Excel and 
MATLAB was taken. There are many examples of similar approaches in 
the literature [55–58]. Key modeling components are described as zero 
dimensional with lumped parameters, as black boxes being fed by one or 
more inputs and returning one or more outputs. Steady-state operation 
is assumed for both systems. Mass and energy balance equations are 
defined for all components, each represented by a control volume, and 
molar compositions of the syngas are obtained at each step of the pro-
cess. For some of the main processes (torrefaction, gasification, meth-
anol synthesis), models including some kinetic or thermochemical 
aspects are developed. All components’ models are calibrated with 
existing studies or available experimental data taken from literature 
before being implemented for the biorefineries of interest in this work. 

For both systems, the main design process parameters and modeling 
methodology for the novel and most important process units are 
described. Main design process parameters for well-known units, 
frequently described in similar studies, as well as a more exhaustive list 
of assumptions for all units, can be found in the supplementary material 
along with references. 

2.2.3. Design of system 1 
During torrefaction, biomass is heated up to 300 ◦C in the absence of 

oxygen and under atmospheric pressure. During this process, the most 
reactive fraction of biomass (i.e. the hemicellulose fraction) is decom-
posed, so that torrefied wood and volatiles are formed. The torrefaction 
temperature was chosen based on better results reported in past studies 
[63,71], such as higher overall cold gas efficiency, higher energy content 
of volatiles, and shorter reaction times. The torrefaction model was built 
based on previous studies describing the solid and gaseous mass and 
energy yields as a function of temperature and time, given an input 
biomass composition [59–61]. A first step was setting up correlations 
describing the anhydric weight loss (AWL) of the input biomass, based 
on a kinetic model introduced by Di Blasi and Lanzetta, and validated 
with experimental data for torrefaction of wood [61–64]. The model 
describes the evolution of the torrefied product mass yield as a function 
of time, temperature, and a set of kinetic parameters taken from 
experimental data. The linear evolution of the torrefied solid elemental 
composition as a function of the previously obtained mass yield is then 
obtained, based on correlations fitted to experimental data [65,66]. 
From this result, the composition of the torrefaction volatile gases can be 
obtained from simple atomic balance, following the approach taken by 
Peduzzi et al. [67]. The compositions of initial and torrefied biomass, as 
well as the gaseous product, are presented in Table 1. An energy balance 

Fig. 2. Simplified biorefinery layout, System 2.  

Table 1 
Biomass torrefaction, initial and final compositions (dry ash-free basis).   

Initial biomass Torrefied biomass Volatile gas 

Relative mass (kg) 1  0.635  0.365 
C % 50.23  61.60  30.45 
H % 6.03  5.48  6.99 
O % 43.0  32.92  60.53 
N % 0.09  0.09  0.09 
S % 0.01  0.01  0.01  
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was then performed to determine the enthalpy of reaction, based on the 
calculation of standard enthalpies of formation and specific heat ca-
pacities of the torrefaction products at 300 ◦C. Finally, the energy yield 
and energy efficiency of the torrefaction process were found based on 
the heating values of the torrefaction products. 

The torrefied wood powder is gasified by a dry-fed, oxygen-blown, 
entrained flow gasifier at a pressure of 45 bar and a temperature of 
1300 ◦C [18,68]. The composition of the syngas obtained by this process 
depends on various factors, such as the type of biomass, the reactor 
design and operational conditions. The gasification temperature is high 
enough to assume sufficiently fast reaction kinetics, therefore the syngas 
composition after the gasification is determined by assuming chemical 
equilibrium at the exit temperature and pressure. Among the many 
equilibrium models available in the literature [69], the stoichiometric 
model introduced by Zainal et al. [70] was used here. The thermody-
namic equilibrium can be represented by a set of equations with given 
known variables and a number of unknowns. The main gasification re-
action, oxygen-blown, is the following:   

The first term of the reaction can be replaced by this work’s biomass 
of interest after torrefaction. f represents the number of moles of CO2 per 
mol of input biomass, injected during the upstream feeding process. All 
carbon contained in the biomass is assumed to be converted, and the 
produced gas before quench is assumed to be a mixture of H2, CO, CO2, 
H2O, CH4, H2S and N2. The eight unknown variables m, x1, …, x7 are 
found by defining eight equations: five equations to represent the atomic 
balance equations, two equations defining the temperature-dependent 
equilibrium constants of a set of independent chemical reactions 
occurring in the gasifier, and one equation for the heat balance of the 
gasification process, assumed adiabatic. The latter is based on the en-
thalpies of reactants and products, at the gasification temperature. These 
equations are described in detail in the supplementary file. This system 
of equations is solved using MATLAB, and the final syngas composition 
as well as the oxygen input mass flow demand are obtained. The 
developed model was validated using previous studies’ experimental 
and simulation results [18,70]. 

The quench of chemical volatiles is assumed to take place in the same 
gasification reactor. As described in Prins [71], “at high temperatures, 
the thermally unstable volatile gases from the upstream torrefaction step 
will decompose” into hydrogen, carbon monoxide, carbon dioxide and 
water, while dropping the syngas temperature. It is modeled assuming 
full stoichiometric conversion to H2, CO, CO2 and H2O, and chemical 
equilibrium at exit conditions. The final syngas composition, after 
quench, is shown in Table 2: 

The CO2 captured from the main stream is compressed to 150 bar, 

and transported by pipeline to an underground storage facility. The 
pipeline’s inside diameter is determined using the method introduced by 
McCoy and Rubin [72]. For the relatively short transport distances 
considered, no pump is needed along the pipeline. Assumptions are 
taken from the FE/NETL CO2 Transport Cost Model [73]. The under-
ground storage itself was not modeled, however associated costs are 
included in the system’s economic assessment. 

Methanol is synthesized by the following exothermic reactions: 

CO+ 2H2⇌CH3OHΔH0 = − 90.8kJ∙mol− 1 (2)  

CO2 + 3H2⇌CH3OH+H2OΔH0 = − 49.6kJ∙mol− 1 (3) 

The methanol synthesis unit is modeled assuming an approach to 
equilibrium. Methanol production can be estimated by solving the 
following system of equilibrium expressions, with ni the number of 
moles of each species, nT the total number of moles and P the reaction 
pressure. [74]: 

Ka1 =
nCH3OH

nCOnH2
2

nT
2

P2 (4)  

Ka2 =
nCOnH2O

nCO2 nH2

(5) 

Both equilibrium constants Ka2 and Ka2 were taken from a study from 
Graaf and Winkelman [75] introducing temperature-dependent poly-
nomial relationships fitted to experimental results for both reactions. 
Equilibrium conversion can thus be determined by defining x1 as the 
moles of methanol formed and x2 as the moles of water formed, and 
writing material balances around the reactor, nX,i being the initial 
number of moles of component X and nT the total amount of moles in the 
mixture: 

Ka1 =

(
nCH3OH,i + x1

)

(
nCO,i − x1 + x2

)(
nH2 ,i − 2x1 − x2

)2

(
nT,i − 2x1

)2

P2 (6)  

Ka2 =

(
nCO,i − x1 + x2

)(
nH2O,i + x2

)

(
nCO2 ,i − x2

)(
nH2 ,i − 2x1 − x2

) (7) 

This system of equations was implemented and solved in MATLAB. 
The heat release during the exothermic methanol synthesis was deter-
mined by an energy balance, given the standard enthalpies of Eq. (2) and 
(3). 

2.2.4. Design of system 2 
The second modeled biorefinery differs from the first in a few com-

ponents. The PEM water electrolysis unit eliminates the need for both 
the ASU and the WGS unit, while the compression and transport of CO2 
to underground storage are not required as the very small amounts of 
removed CO2 are vented. 

The PEM electrolyzer converts water and electricity into hydrogen 
and oxygen. The unit is modeled as a black-box, given an input effi-
ciency (LHV-based) and thus electrical consumption per unit of 
hydrogen produced. By stoichiometry, the amount of water and elec-
tricity needed for a required amount of oxygen or hydrogen can easily be 
determined. In this system specifically, the O2 and H2 required by 
biomass gasification and methanol production, respectively, are taken as 
inputs, and a certain amount of O2 is produced as a surplus. This by- 

Table 2 
Syngas composition after gasification and volatiles quench.   

mol/s % mol 

H2  65.7  31.2 
CO  107.8  51.2 
CO2  13.4  6.4 
H2O  23.6  11.2 
CH4  0.0  0.0 
H2S  0.0  0.0 
N2  0.1  0.0  

CHqOrNsSt + f CO2 +mO2→x1H2 + x2CO+ x3H2O+ x4CO2 + x5CH4 + x6N2 + x7H2S (1)   
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product could be sold if it reaches a viable market, and its potential cost 
benefits are discussed later. The electrolyzer, under current assump-
tions, is assumed to be powered from the electricity grid, in order to have 
a continuous supply of electricity. This is assumed to benefit the system 
costs by aiming for a maximal capacity factor and a minimal capacity 
oversizing, lowering both the investment costs and levelized production 
costs. The key technical and economic assumptions are taken from the 
Hydrogen Analysis Production Models (H2A) documentation [26]. 
Among different scenarios included from the H2A models, conservative 
current (year 2019) technical values are chosen, while the impact of 
future PEM efficiency improvements is discussed later in the sensitivity 
analysis. 

In order to increase the H2/CO ratio for optimal methanol synthesis, 
the hydrogen supplied from the PEM electrolysis is injected and mixed to 
the syngas flowing out of the AGR unit. The methanol synthesis and 
gas–liquid separation models are the same as the ones used for the first 
system; however the unconverted syngas recycle ratio (88% recycle in 
the first system) is much higher in this design: 96%, as there is slightly 
less CO2 in the syngas flowing out of the AGR unit. This high recycle 
ratio allows maximal methanol production efficiency, while ensuring an 
optimal H2/CO ratio as well as a 3 mol% CO2 fraction in the main input 
feed for optimal catalyst activity in the reactor. 

2.3. Economic assessment 

2.3.1. Main economic assumptions 
The general economic assumptions used in the calculations in the 

following sections are presented in Table 3. 
Capital costs were estimated using a bottom-up approach, with the 

module costing method introduced by Turton et al. [76] and accounting 
for contingencies and installation fees. Investment costs for CO2 trans-
port were computed with a different approach, using the FE/NETL CO2 
transport cost model [73]. The latter computes the total capital costs 
related to pipeline installation, for a given CO2 flow and pipeline length. 
The annual capital repayment CACR allows expressing capital costs in a 
yearly value, accounting for depreciation over the expected lifetime of 
the plant (n years). It can be seen as the payment necessary to repay the 
loan contracted to build the plant. The biorefineries’ total grassroots 
costs CGR (total investment costs) are multiplied by a capital recovery 
factor expressed as: 

CACR = CGR⋅
de(1 + de)

n

(1 + de)
n
− 1

(8)  

with the effective discount rate de being the nominal discount rate d 
corrected for inflation i: 

de =
1 + d
1 + i

− 1 (9) 

Similarly, the approach described in Turton et al. is used to 

determine operational (manufacturing) costs related to both bio-
refineries’ operation. These are divided in direct costs (raw materials, 
utilities, operating labor, maintenance, etc.) and fixed costs (taxes, in-
surance, administration, etc.). Several direct costs depend on the bio-
refinery location, given chosen locations for the methanol demand point 
and the CO2 storage site. These include costs related to the delivery of 
feedstock biomass from the roadside to the biorefinery, the delivery of 
the methanol end-product to the demand point, as well as the opera-
tional costs of the CO2 pipeline transport and its storage underground. 
End-product methanol is assumed to be sold in the San Pedro Bay Port 
Complex (ports of Long Beach and Los Angeles, light blue in Fig. 3). The 
chosen CO2 storage site is located in the Southern San Joaquin Basin 
[36], in Kern County (red area in Fig. 3). 

Two scenarios, representing two locations each for both methanol 
production systems, are considered for comparison and introduced here. 
In the default scenario (location 1), the biorefinery is located in Kern 
County’s centroid. This choice is motivated by its short distance to both 
the CO2 storage site and San Pedro Bay Port Complex, while remaining 
close to available feedstock (forest residues) in the area. In the alter-
native scenario (location 2), the biorefinery is located in Los Angeles 
County’s centroid, much closer to the demand point. Higher CO2 pipe-
line transport costs and lower methanol transportation costs are ex-
pected. Biomass delivery cost is determined by assuming a mix of rail 
and truck transport: rail for inter-county transport, and truck for intra- 
county transport. Methanol distribution by rail or truck is comparable 
to other liquid fuels transportation in terms of handling requirements 
and costs [79,80]. For the relatively short distances considered in this 
study, truck transport is assumed to be more competitive than rail 
transport [81], thus the produced methanol is assumed to be transported 
by truck from the biorefinery to San Pedro Bay Port Complex. Transport 
unit costs found in the literature [36,82] are applied to both scenarios. 

From yearly capital CACR and operational COM expenses, the levelized 
cost of production (LCOP) for both systems, in $/MWh, is obtained by 
normalizing the annualised costs by the yearly methanol output 
ṁMeOH,yr. 

LCOP =
CACR + COM

ṁMeOH,yr⋅LHVMeOH
(10) 

A profitability analysis was then performed to track discounted cash 
flows during the biorefineries’ expected lifetime. After the three-year 
construction time for the biorefinery, cumulative positive and negative 
cash flows (including revenues from selling the methanol product) are 
computed, and key economic results are determined. These include the 
project’s net present value NPV, and the produced methanol’s minimum 
fuel selling price MFSP to reach profitability. The latter is found by 
achieving a zero NPV at the end of the project lifetime. Cy is the net cash 
inflow-outflow during a year y including initial capital invested, n is the 
expected lifetime including construction time, and de the real discount 
rate. The list of assumptions is presented in Table 4 , taken from the 
literature [76,77]. 

NPV =
∑n

y=1

Cy

(1 + de)
y (11)  

2.3.2. Sensitivity analysis & other scenarios 
A local sensitivity analysis is performed over certain technical and 

economic parameters in order to understand their influence on both 
systems’ levelized cost of production and minimum fuel selling price. 
Each of them was varied one-at-a-time, keeping all others at their 
nominal values. Two methods are used to set the range of values taken 
by each input variable. In the first one, all inputs’ values are varied ±
30% around their nominal values, to be able to compare their relative 
impact on minimum fuel selling prices. In the second method, a different 
set of input variables’ lower and higher bounds is chosen, to reflect more 
realistic scenarios; for instance, the CO2 pipeline length varies from 25 

Fig. 3. Chosen biorefinery location scenarios.  
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to 60 miles in the first location scenario to cover the entire underground 
storage area shown in Fig. 3, and the higher bound of the PEM elec-
trolyzer efficiency is based on future technology developments scenarios 
[26]. 

Other scenarios are also included when assessing the systems’ eco-
nomics. More specifically, the benefit of selling by-product O2 and the 
impact of broader electricity purchasing cost variations on the second 
system’s minimum fuel selling price, are evaluated. For the former, a 
conservative baseline value of $60/ton O2 is taken from Hank et al. [83], 
assuming a rate of 1.2 $/€, along with low and high estimates of $30/ton 
and $90/ton O2 for sensitivity. 

2.3.3. CO2eq abatement credits 
According to Section 45Q of the Internal Revenue Code, for every ton 

of captured CO2 intended to be either geologically sequestered or uti-
lized, a tax credit can be claimed by the owner of the equipment [41]. 
Geological CO2 sequestration includes storage in deep saline formations. 
Utilization includes “the use of such qualified carbon oxide for any other 
purpose for which a commercial market exists”. Both modeled systems 
are eligible as their annual eligible amount CO2 is greater than 25,000 
metric tons. While System 1 would apply both for geological seques-
tration and utilization credits, System 2 would only apply for utilization. 
CO2 credit amounts, in $/tCO2, depend on the storage medium and in-
crease with time. They are applied to the annual quantities of CO2 stored 
or utilized for both systems, and the yearly credits received are inte-
grated into both systems’ updated profitability analyses to determine 
new hypothetical minimum fuel selling prices. The method is then 
extrapolated to answer the following question: what is the minimal CO2 
tax value for which the methanol produced by both systems can be 
competitive with fossil fuels, synthetic fuels or other biofuels for 
shipping? 

Another type of credits for which both biorefineries could be eligible 
are explicitly targeted at reducing the overall carbon footprint of 
transportation fuels. These reward projects producing fuels with a lower 
carbon intensity than conventional petroleum-based fuels. To be eligible 
for such credits, the lifecycle GHG emissions of the produced low-carbon 
fuel (accounting for its production, distribution and use) must be 
calculated and compared with conventional fuels. Credits are based on 
the difference in carbon intensity, measuring the GHG emissions 
reduction over the fuel lifecycle. As California LCFS credits do not apply 
to shipping fuels [40], it is assumed for the rest of the calculations that 
both systems are eligible for a generic GHG emissions reduction hypo-
thetical credit, based on the comparison of their lifecycle emissions with 
those of traditional shipping fuels. The goal is to determine the impact of 
such credit on both systems’ revenues and to determine the credit 
amounts at which the methanol produced in both systems becomes 
competitive with other shipping fuels. Well-to-haul emissions (including 
fuel production, distribution, storage and combustion) of conventional 
shipping fuels (MGO, HFO), as well as methanol produced from natural 
gas are computed from the GREET model [52]. Next, lifecycle GHG 
emissions of the methanol produced by both modeled systems is quan-
tified to determine the emissions that could be avoided by switching to 
low-carbon methanol. These include all emissions associated with forest 
residue collection, chipping, storage, transportation, as well as all direct 
emissions associated with methanol production, distribution and 
combustion. 

2.3.4. Shipping fuel demand estimation 
In order to obtain a first approximation of the production scale 

needed to meet potential sustainable fuel demand in the San Pedro Bay 
Port Complex (ports of Los Angeles and Long Beach together) for 
medium-range shipping, an evaluation of the ports’ current fuel con-
sumption volumes was performed using public data obtained online. 
The fuel demand of Los Angeles and Long Beach ports together was 
approximated to 22.3 Trillion BTU, or 6.54 TWh. This corresponds to a 
830 MW demand for ports of Los Angeles and Long Beach together, 

assuming a 0.9 yearly capacity factor. 

3. Results 

More detailed results, for all steps of the techno-economic assess-
ment, can be found in the supplementary file. 

3.1. Biomass supply assessment 

A graphical representation of the quantities of forest residue avail-
able as a feedstock supply for this study are presented in Fig. 4. County- 
level quantities can be found in Baker et al [36]. The majority of the 
residues is found in Northern California (14.8 million ODMT/y esti-
mated), with much less quantities available in Southern California (0.3 
million ODMT/y estimated). 

Following the methodology introduced in 2.1.2, a generic state-wide 
blend based on a weighted average of the dominant forest species 
determined previously is assumed to be collected, chipped, stored, 
transported and fed to the biorefinery. The computed proximate and 
ultimate analyses of this feedstock are presented in Table 5. The values 
presented here and chosen for this study are consistent with other values 
found in the literature. For example regarding heating values, Carvalho 
et al. [84] use a HHV of 20.5 MJ/kg and a LHV of 19.6 MJ/kg for a blend 
of hardwood and softwood residues wood chips, and Tan et al. [85] use a 
HHV of 19.9 MJ/kg and a LHV of 18.5 MJ/kg. Clausen et al. [18] use a 
LHV of 17.6 MJ/kg for willow wood chips, and Zhang et al. [24] 18.3 
MJ/kg for sawdust. Wood chip moisture varies strongly from one study 
to another. Bisson and Han [86] use 27% moisture content after chip-
ping hardwood and softwood tops, and Carvalho et al. use a moisture 

Fig. 4. Biomass feedstock, residues from forest management at a county-level. 
Darker green indicates high quantities, lighter green low quantities, grey no 
quantities [36,45] (For interpretation of the references to colour in this figure 
legend, the reader is referred to the web version of this article.) 

Table 3 
General economic assumptions.   

Value Reference 

Reference year 2019  
Expected lifetime (years) 25 [76] 
Yearly availability 90% [76] 
Inflation rate 3% [77] 
Discount rate 8% [78]  
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content of 35% for hardwood and softwood residues wood chips. For this 
study, woody residues moisture content is assumed to be 30%, for all 
forest types, a value taken from recent literature [36,87]. 

Costs of collecting, chipping and storing forest management residues 
are presented in Table 6. A few studies use similar costs for wood residue 
chips. Tan et al. [85] present roadside costs of $60/ODMT, the Billion- 
Ton Study [44] gives roadside costs of $60–80/ODMT, and Kizha and 
Han [88] a market price input price used for forest residues of $50/ 
ODMT and costs for thinning operations (fire hazard reduction, forest 
restoration) from $26 to $52/ODMT. Biomass transportation costs are 
presented in Table 7. 

Given the assumptions presented in Section 2.1.2, in Table 8 are 
presented the GHG emissions related to the collection (including thin-
ning), chipping, storage and transport of forest management residues. 

3.2. Modeling of biorefineries 

The main modeling results are presented in Table 9 for both systems. 
More detailed system flow diagrams, as well as the processes’ molar and 
mass flows, can be found in the supplementary material. The overall 
efficiency of the second system, when considering its significantly high 
net electricity consumption, is lower than the first one. However, for an 
identical wood chips input flow, the second system yields nearly twice 
the amount of methanol produced by the first system, due to the 
hydrogen injection step. As biomass-to-methanol efficiencies are given 
relative to the input biomass in Table 9, the second system’s efficiency is 
greater than 100% as the heating value of the injected hydrogen is 
included. The capacity of producing much more methanol from the same 
amount of input biomass allows for storing much more of its carbon in 
the end-product. 

Sankey diagrams below (Figs. 5–8) illustrate the chemical energy 
flows and carbon flows for both modeled systems given in Table 9, 
including the efficiency losses along the main process units. Efficiencies 
are given relative to the input biomass prior to its torrefaction. 

3.3. Economic assessment 

3.3.1. Capital costs 
Following the methodology introduced in Section 2.3.1, the grass-

roots capital costs for both biorefineries were determined. The total 
amounts for both location choices are presented in Table 10. All costs are 
given in 2019 $. Constructing the biorefinery in the second location only 
affects the investment costs of the CO2 pipeline used to transport it to the 
underground storage location, as its length significantly increases. Thus, 
capital costs for the first system increase. However, the capital costs of 
the second system, for which CO2 is vented, are identical for both lo-
cations. When comparing both modeled systems’ investment costs, their 
difference can primarily be explained by the replacement of the costly 
WGS and air separation units by a PEM electrolyzer, combined with the 
removal of the CO2 compressor to 150 bar and the pipeline for its 
transportation. 

3.3.2. Operational costs 
The main results of the biorefineries’ operational costs estimation are 

presented in Table 11, for both locations. The operational costs of both 
systems vary when changing the location of the biorefinery. This dif-
ference is due to the different distances from the biorefinery to biomass 
roadside, the methanol delivery demand point, and the CO2 under-
ground storage location. These will respectively impact the costs of 
biomass delivery, methanol delivery, and (for the first modeled system 
only) CO2 transport. For the first system, the increased CO2 transport 
and biomass delivery costs outweigh the lower methanol delivery costs. 
For the second system, the lower methanol delivery costs outweigh the 
higher biomass delivery costs. When comparing both systems, the main 

Table 4 
Assumptions for the profitability analysis.  

Fixed capital investment distribution 10% (year 1) 
60% (year 2) 
30% (year 3) 

Working capital (M$) 0 
Construction time (years) 3 
Salvage value (M$) 0 
Depreciation type MACRS 
Depreciation time (years) 5 
Tax rate (%) 25.74 
Effective discount rate (%) 4.85  

Table 5 
Input biomass ultimate and proximate analysis.  

Ultimate Analysis (Dry Air)  

Carbon (%)  50.2 
Hydrogen (%)  6.0 
Oxygen (%)  43.0 
Nitrogen (%)  0.1 
Sulfur (%)  0.0 
Ash (%)  0.7 
Proximate Analysis (Dry Air)  
Fixed carbon (%)  15.3 
Volatiles (%)  84.1 
Ash (%)  0.7 
HHV (MJ/kg)  20.0 
LHV (MJ/kg)  18.7  

Table 6 
Costs related to biomass collection, chipping and storage.  

Collection & chipping $50/ODMT [36] 
Storage $8.21/ODMT [53]  

Table 7 
Costs related to biomass transportation.  

Transportation, truck $0.160/ODMT-mile [36] 
Transportation, rail $0.079/ODMT-mile [36]  

Table 8 
Current year (2019) GHG emissions related to biomass collection, storage and 
transportation.  

Collection 16.4 kgCO2eq/dry ton [52] 
Chipping 36.0 kgCO2eq/dry ton [36] 
Storage 2.7 kgCO2eq/dry ton [53] 
Transportation, truck Transportation, rail 93.4⋅10–3 kgCO2eq/ton-mile [52] 

21.5⋅10–3 kgCO2eq/ton-mile [52]  

Table 9 
Main modeling results for both biorefineries.   

System 1 System 2 

Biomass input (MWth, dry-basis) 50 50 
Biomass input (kg/s dry-basis) 2.68 2.68 
Electricity consumption (MWel) 4.4 61.5 
Electricity production (MWel) 4.4 4.9 
Net electricity consumption (MWel) 0.0 56.6 
MeOH output (MW, LHV) 33.4 66.1 
MeOH output (kg/s) 1.68 3.32 
Biomass-to-MeOH (%, LHV) 66.9 132.2 
Biomass + Electricity-to-MeOH (%, LHV) 66.9 62.0 
Carbon contained in input biomass (kg/s) 1.35 1.35 
Carbon captured for underground storage (kg/s) 0.64 / 
Carbon vented (kg/s) / 0.05 
Carbon in MeOH (kg/s) 0.63 1.25 
Carbon in MeOH (% relative to input biomass) 47 92  
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difference between their total operational costs is the purchase of elec-
tricity to power the electrolyzer in the second system. 

3.3.3. Levelized production costs 
By summing the annual capital repayment and total operational 

costs, the levelized costs of production were calculated for both systems 

and both locations, and are presented in Table 12. Despite having higher 
absolute yearly production costs than the first system, primarily due to 
much higher total operational costs, the second system’s levelized pro-
duction costs, in $ per methanol output, are lower thanks to the nearly 
doubled methanol yearly production. 

Fig. 5. System 1 - Chemical energy flow diagram, based on input biomass LHV.  

Fig. 6. System 1 - Carbon flow diagram, based on input biomass %C.  

Fig. 7. System 2 - Chemical energy flow diagram, based on input biomass LHV.  

Fig. 8. System 2 - Carbon flow diagram, based on input biomass %C.  
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3.3.4. Profitability analysis 
After applying the assumptions presented in Section 2.3.4, the sale of 

the produced methanol at specified prices allows computing the corre-
sponding net present values over the project lifetime. Fig. 9 presents 
these results graphically, for both locations. The second system’s NPV 

becomes positive for lower selling methanol prices than the first system. 
More generally, for methanol selling prices higher than $70 and $80/ 
MWh (for locations 1 and 2 respectively), the second system’s NPV is 
higher than the first system, as methanol revenues outweigh production 
costs. The increasing difference between both system’s NPV for 
increasing methanol prices can be explained by the nearly doubled 
methanol output (thus revenue) in the second system. The minimum 
methanol selling price to reach a zero NPV is computed for all config-
urations, and given in Table 13. These are still much higher than current 
fossil methanol market prices, equal to $1.78/gallon for North America 
in September 2021 [89]. 

3.3.5. Sensitivity analysis 
The sensitivity analysis results focus on the levelized cost of pro-

duction for the first method, shown in Figs. 10 and 12, and the minimum 
fuel selling price for the second method, shown in Figs. 11 and 13. The 
parameter designating operational costs accounts for all variable and 
fixed expenses, including other varying parameters such as biomass and 
electricity costs. In the first method, for which all parameters are varied 
± 30% from their nominal values (except for the capacity factor, 
physically capped at 1), the resultant levelized costs of production are 
displayed on the graph. The steepest lines represent the largest impact 
on the levelized cost of production or the most sensitive economic or 
technical parameters to the project’s economic viability. For the second 
method, the parameters’ nominal values are shown between brackets. 
Their respective lower and upper range bounds are displayed next to the 
horizontal bars representing their impact on the minimum fuel selling 
price, with the baseline value represented by a vertical line. Three input 
variables were chosen to be varied for the second location (L2), for 
which the baseline minimum fuel selling price is shifted to the right, 
according to results presented above. 

3.3.6. Purchased electricity cost 
As it can be seen in Fig. 13, the cost of purchased electricity 

considerably affects the economics of the second system, due to the 
electrolyzer’s high electricity consumption. To better visualize its 
broader direct impact on the minimum fuel selling price, Fig. 14 presents 
the linear evolution of the MFSP as a function of the cost of purchased 
electricity, for the second system in the first location. For all 

Table 10 
Capital expenses of both systems, for both locations.   

System 1 System 2  

Location 
1 

Location 
2 

Location 
1 

Location 
2 

Capital Costs Total 
grassroots investment costs 
(M $)  

116.9  126.1  112.9  112.9 

Annual capital repayment (M 
$/year)  

8.2  8.8  7.9  7.9  

Table 11 
Yearly operational expenses of both systems, for both locations.   

System 1 System 2  

Location 
1 

Location 
2 

Location 
1 

Location 
2 

Operational Costs (M 
$/year)     

Direct costs  11.9  12.7  12.3  12.3 
Raw materials/ utilities  8.2  8.2  26.3  25.7 
Fixed costs and other general 

expenses  
16.5  17.8  19.5  19.7 

Total operational costs  36.7  39.0  58.2  57.6  

Table 12 
Levelized costs of production of both systems, for both locations.   

System 1 System 2  

Location 
1 

Location 
2 

Location 1 Location 2 

Yearly cost of production     
M $/year 44.8 47.9 66.1 65.6 
Methanol annual 

production     
GJ/year 948,953 948,953 1,876,655 1,876,655 
MWh/year 263,598 263,598 521,293 521,293 
tons/year 47,686 47,686 94,304 94,304 
million gallon/year 15.86 15.86 31.37 31.37 
Levelized cost of 

production     
$/GJ 47.2 50.4 35.2 34.9 
$/MWh 170.1 181.6 126.7 125.6 
$/ton 940 1004 701 695 
$/gallon 2.83 3.02 2.11 2.09  

Fig. 9. Net present value of both systems over the project lifetime, for both locations.  

Table 13 
Minimum fuel selling prices, for both systems and both locations.   

System 1 System 2  

Location 1 Location 2 Location 1 Location 2 

MeOH MFSP ($/MWh) 204 218 143 142 
MeOH MFSP ($/gallon) 3.39 3.62 2.38 2.36  
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combinations of electricity and methanol costs beneath this line, the 
project is not economically viable, as the corresponding NPV would be 
negative. 

3.3.7. CO2eq abatement credits 

3.3.7.1. Section 45Q credits. In Table 14, the impact of existing 45Q CO2 
tax credits on both systems’ minimum fuel selling prices is shown. While 
the second system is eligible for utilization credits only, the first system 
additionally includes geological sequestration of the captured CO2, for 
which credit amounts are higher. As a consequence the latter generates 
more revenue through these credits. Additionally, the first system’s 
MFSP is inherently more sensitive to an increase in revenue than the 
second. Indeed, when comparing both systems, it is interesting to note 
that even though they store similar amounts of carbon dioxide per input 
biomass (either underground storage and in methanol in system 1, or in 

methanol in system 2), the amount of carbon dioxide stored per meth-
anol output is higher for the first system. Hence, for a same credit 
amount variation, in $/tCO2, its associated yearly revenue change will 
have a higher impact on the total revenues than for the second system. 
Thus, the first system’s MFSP is more sensitive to the introduction of a 
45Q CO2 tax credit. 

The impact of a range of hypothetical 45Q CO2 tax credit values on 
both systems’ minimum fuel selling prices is shown in Fig. 15. Both 
systems’ MFSP are compared to a range of shipping fuel costs taken from 
the literature - fossil fuels (HSFO, VLSFO, MGO, LNG), biofuels (bio-
diesel, HVO, biofuel oil, bio-LNG) and synthetic fuels (hydrogen, 
ammonia) [90], shown on the graph. Similarly to what is observed in 
Table 14, the first system’s economic viability is more sensitive to an 
increase of the credit amount. 

3.3.7.2. Lifecycle GHG emissions reduction credits. The computed 

Fig. 10. System 1 - Sensitivity of levelized cost of production to varying input parameters (method 1).  

Fig. 11. System 1 - Sensitivity of MFSP to varying input parameters (method 2), for locations 1 (L1) and 2 (L2).  

N. de Fournas and M. Wei                                                                                                                                                                                                                    



Energy Conversion and Management 257 (2022) 115440

13

lifecycle GHG emissions for methanol produced by both modeled sys-
tems and conventional shipping fuels (as well as methanol produced 
from natural gas, for comparison), can be found in the Supplementary 
material. The yearly GHG emissions reduction, by switching to methanol 
produced by S1 or S2, are presented in Table 15. The large difference 

observed between both systems is explained by two main factors: the 
fact CO2 is stored underground in the first system, and the large elec-
tricity consumption in the second system. If the captured CO2 was 
vented instead of securely stored in the first modeled system, well-to- 
haul emissions would be positive and reductions compared to 

Fig. 12. System 2 - Sensitivity of levelized cost of production to varying input parameters (method 1).  

Fig. 13. System 2 - Sensitivity of MFSP to varying input parameters (method 2).  

Fig. 14. System 2 - Impact of the purchased electricity cost on the minimum fuel selling price.  
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conventional fuels would be in the order of 84–86%. For comparison, 
GHG emissions reduction values found in the literature, for studies that 
don’t include underground storage of capture CO2, range from 80% to 
over 95% for renewable methanol used as a marine fuel, compared to 
conventional shipping fuels [2,91,92]. 

The effect of the introduction of a hypothetical GHG emissions 
reduction credit for both systems’ MFSP is shown in Fig. 16. The credits 
are here based on the lifecycle emissions reduction of methanol pro-
duced by systems 1 and 2, compared to the baseline lifecycle emissions 
of three shipping fuels: methanol produced from natural gas, HFO, and 
MGO. The obtained curve for S1 is similar to the one shown in Fig. 15, as 
the capture and storage/utilization of CO2 represents a large portion of 
its lifecycle GHG emissions reduction. An additional factor that explains 
the higher sensitivity of the first system’s MFSP to an increase in credit 
value is the much higher GHG emissions reduction in the first system due 
to the underground CO2 storage and the zero-electricity consumption 

carbon footprint, compared to the second system. Storing CO2 under-
ground makes the produced methanol carbon-negative in System 1, and 
allows it to be competitive with fossil shipping fuels at lower credit 
amounts (≈$300/tCO2eq). 

3.3.7.3. Application of both types of credits. Assuming both systems are 
eligible to both CO2 storage or utilization credits (on the basis of section 
45Q credits) and hypothetical GHG emissions reduction credits 
(compared to MGO 0.1% Sulfur), their combined effect on the minimum 

Table 14 
Impact of 45Q CO2 tax credits on MFSP, for both systems and both locations.   

Location 1 Location 2 Location 1 Location 2 

Baseline MFSP ($/MWh) 204 218 143 142 
Updated MFSP ($/MWh) 191 205 138 137  

Fig. 15. Impact of hypothetical CO2 storage/ utilization credits on MFSP, for both systems in Location 1.  

Table 15 
GHG emissions reduction of methanol produced by both systems, compared to 
baseline fuels.   

Location 
1 

Location 
2 

Location 
1 

Location 
2 

GHG emissions reduction 
compared to 
MeOH from natural gas 
(NG) (% reduction)  

162  162  38  39 

HFO 0.1% sulfur (% 
reduction) 

159 160 41 41 

MGO 0.1% sulfur (% 
reduction) 

164 165 36 36  

Fig. 16. Impact on MFSP of lifecycle GHG emissions reduction hypothetical credits compared to conventional shipping fuels and fossil methanol, for both systems.  
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methanol selling price can be evaluated by summing both credits’ yearly 
revenues, and is represented in Fig. 17. The first modeled system would 
be competitive at much lower credit amounts primarily due to the fact it 
would be carbon-negative over its lifecycle. 

3.3.7.4. Shipping fuel demand estimation. The methodology described in 
Section 2.3.7 allowed estimating the fuel demand for the ports of Los 
Angeles and Long Beach together: 394 million gallons of methanol. 
Assuming the system efficiencies presented above, the following results 
are obtained, shown in Table 16. These estimations are a starting point 
as they do not include some key economic factors, particularly regarding 
the supply of biomass. Meeting a significant portion of San Pedro Bay 
Port Complex’s fuel demand by renewable methanol would require an 
large procurement of feedstock biomass from Northern California. This 
would necessarily increase the biomass transportation costs, as the 
largest quantities of forest residue are found in the most Northern 
counties. 

4. Discussion 

4.1. Modeling results 

In terms of overall energy efficiency, when including the bio-
refinery’s net electricity consumption, the first modeled system per-
forms better than the second due to the large electrolyzer electricity 
consumption of the latter. However, the hydrogen injection allows a 
near doubling of the biomass-to-methanol efficiency compared to a 
system without electrolysis. This means that the second system is 
optimal when aiming for a maximal utilization of forest residues or 
when biomass is seen as a scarcer resource than electricity. This is 

relevant in the context of future grid build-out in California, when excess 
electricity might become more and more available with greater fractions 
of wind and solar generated power. If in the future there is greater access 
to cheap electricity, generating H2 for methanol synthesis would be one 
form of power-to-liquid fuel storage, with the potential inexpensive 
long-term storage of a flexible biofuel that is liquid at ambient condi-
tions. The obtained efficiency results are close to similar past studies. 
Clausen et al. [18,19] obtained overall efficiencies of respectively 63% 
and 62%, for systems similar to S1 and S2 (which reached efficiencies of 
respectively 67% and 62%), with vented CO2 instead of storing it un-
derground and alkaline electrolysis instead of PEM. Differences here 
arise from the input biomass composition and some model calculations 
assumptions. Carbon conversion efficiencies were found to be 44% and 
96% for these systems, respectively, while S1 and S2 reached values of 
47% and 92%, respectively. Yadav et al. [21] obtained an overall effi-
ciency of 67% for a system similar to S1 without biomass torrefaction, 
and 69% for a novel process including chemical pre-treatment of 
biomass and changes in syngas cleaning and methanol synthesis. Butera 
et al. [29] obtained overall efficiencies ranging 37–71% for a flexible 
biomass-to-methanol system integrating solid oxide cells operating 
either in electrolysis mode or fuel cell mode, and carbon conversion 
efficiencies up to 92%. Zhang et al. [24] obtained an overall efficiency of 
66% for a system resembling S2 but with no biomass torrefaction and 
solid-oxide electrolysis rather than PEM electrolysis. 

4.1.1. Economic results 
If revenues for both systems are only comprised of the sale of end- 

product methanol and do not include additional revenue streams such 
as CO2eq abatement credits or the sale of by-product O2, the second 
system is more profitable than the first for methanol selling prices above 
$80/MWh. Indeed, the economic results have shown that despite having 
higher absolute production costs, the second modeled system’s levelized 
production costs, in $/MWh, are lower than the first, due mainly to the 
much higher methanol yield. The choice of biorefinery location directly 
impacts some of its operational costs. The first modeled system is 
particularly more affected by this choice, as costs related to CO2 trans-
port (proportional to the distance to the underground storage site) 
represent a significant portion of total costs. Here, being located in Kern 
County is the most attractive option mainly due to the proximity to the 
CO2 storage area. For the second system however, the difference be-
tween the delivery costs of biomass and methanol is not large enough for 
one the locations to be significantly beneficial. 

It is difficult to compare cost results between studies due to the large 
number of assumptions involved. However, it is still interesting to 
mention them for comparison. Typical annualized investment cost 

Fig. 17. Impact on MFSP of CO2 storage/utilization credits and GHG emissions reduction credits, for both systems.  

Table 16 
San Pedro Bay Port Complex fuel demand, and feedstock biomass supply 
implications.   

System 1 System 2 

Fuel demand met by a 50 MW biorefinery 4.0% 8.0% 
Theoretical number of biorefineries needed to meet   
10% fuel demand 3 2 
50% fuel demand 13 7 
100% fuel demand 13 25 
Theoretical amount of biomass needed to meet   
10% fuel demand (thousand ODMT/year) 189 96 
50% fuel demand (thousand ODMT/year) 946 478 
100% fuel demand (thousand ODMT/year) 1,893 956  
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gathered from existing similar biomass-to-methanol projects range from 
$37 to $53/MWh [6]. For comparison, S1 and S2 investment costs 
amount to respectively $56 and $28/MWh, using similar economic as-
sumptions. According to Butera et al. [25], the first commercial forest 
biomass gasification-to-methanol plant, operating in Sweden, had in-
vestment costs of 250 M$, for a biomass input of 110 MWth. For pro-
duction costs, Tock et al. [14] found levelized production costs ranging 
from $145 to $188/MWh for 20 MW systems, and from $104 to $137/ 
MWh for 400 MW systems, all similar to results for S1 ($170/MWh). 
Conti [16] obtained production costs of $178/MWh for 50–100 MW 
biorefineries similar to S1, assuming a rate of 1.2 $/€. More recently, 
production costs found in Butera et al. [25] for a modeled system similar 
to S2, with SOEC instead of PEM, amount to $91/MWh. The main reason 
explaining the difference with the results for S2 ($127/MWh) are a 
lower electricity price, and lower estimated investment costs, due to 
economies of scale as the biorefinery size is much larger (400 MW). 
Finally, Zhang et al. [24] obtained production costs ranging from $98 to 
$139/MWh, depending on the scenario, for a modeled system similar to 
S2. 

Sensitivity analysis results have shown that both systems’ levelized 
costs of production and minimum fuel selling prices were sensitive to a 
range of technical or economic input parameters. More specifically, the 
yearly availability of the biorefinery plays a major role in the final 
economics of the project for both systems. The first system’s economics 
are very sensitive to a variation of capital costs, as these represent a 
larger fraction of total costs, compared to the second system. As dis-
cussed above, the distance to the CO2 storage site is also critical. The 
second system’s economics are particularly sensitive to the cost of 
electricity, given the large electrolyzer consumption. Future H2A sce-
narios predicting lower capital costs and higher efficiencies for PEM 
technology could also significantly bring down overall production costs. 
Finally, the introduction of a price for by-product O2 sold would lower 
its minimum fuel selling price by adding an additional revenue stream. 
While the effect of a combination of inputs’ variations on the project 
economics has not been studied, their cumulative impact on the meth-
anol production costs are expected to be generally additive. 

Both modeled systems could be eligible today for existing 45Q CO2 
tax credits. However, even though their amount was recently increased 
and their eligibility scope enlarged to include CO2 utilization, their 
values remain too low to significantly reduce the minimum fuel selling 
prices. With the assumptions taken, the produced methanol would only 
become competitive compared to conventional fossil shipping fuels at 
much higher credit amounts of $300 to $400/tCO2. The minimum fuel 
selling price of the first system is more sensitive to an increase of CO2 
credit amounts, and for credits higher than $240/tCO2, the first system 
would become economically favorable. Furthermore, the methanol 
produced in the first system is carbon-negative after calculating its 
lifecycle emissions from feedstock collection to final delivery. Indeed, 
the biogenic credit applied to the biomass and the geological seques-
tration of CO2 more than offsets lifecycle emissions related to feedstock, 
conversion, distribution and shipping combustion, resulting in net 
negative GHG emissions. In comparison, the methanol produced by the 
second system has a positive overall carbon footprint, mainly due to its 
large electricity consumption. Thus, a scenario including GHG emissions 
reduction credits would mostly favour the costs of methanol produced 
with the first system. For credits higher than $150/tCO2eq, the first 
system would become economically more attractive. If a biorefinery 
were eligible for both 45Q and GHG reduction credits, the same results 
are seen. Assuming they have the same value for simplification, for 
credits higher than $90/tCO2, the first system would be more competi-
tive than the second. In this case, the methanol produced with systems 1 
and 2 would become competitive compared to conventional fossil 
shipping fuels at credit amounts of respectively $150 and $250/tCO2eq 
approximately. 

Finally, it was found that the forest residues quantities evaluated in 
Baker et al., and used for this study, would be theoretically sufficient to 

meet the approximated shipping fuel demand of the San Pedro Bay Port 
Complex for medium-range freight. 

4.1.2. Limitations 
Some of the limitations of the present study, that could be the basis 

for future work, are addressed here. First, this study neglects any 
competition for the storage of CO2. Yet, more and more CCS projects 
such as direct air capture or enhanced oil recovery are likely to compete 
for saline aquifers or depleted reservoirs in the future. This aspect could 
be taken into account and also points to the need for further regulatory 
development in this area. Furthermore, costs related to methanol 
bunkering were neglected, as the supply chain considered ends after 
methanol delivery to the port. For a more comprehensive assessment of 
the overall costs required to switch from fossil shipping fuels to meth-
anol, future work should include capital and operational expenditures of 
retrofitting bunker vessels as well as fuel handling and storage facilities. 
Moreover, future work should implement a detailed constrained opti-
mization when assessing biomass delivery costs to the biorefinery. It 
would take into account competition for forest residue usage for trans-
portation biofuels production and heat and power generation for 
instance, and lead to more realistic constraints for this feedstock pro-
curement. One could also enhance precision in the calculation of the 
distance from forest roadside to the biorefinery, by identifying the exact 
locations of biomass roadside points, instead of county centroids. This 
would require detailed spatial data on the forest residue quantities, 
instead of aggregated county-level amounts. While this study focused on 
modeling a single 50 MW biorefinery in two potential locations, future 
work could also assess multiple methanol production systems and 
optimize their location and capacity to minimize total costs, given 
several spatial constraints such as biomass availability, road or rail lines, 
underground CO2 storage locations and delivery end-points. This would 
for instance allow evaluating the relevance of using more of Northern 
California biomass, or delivering methanol to Northern California ports. 
The scenarios considered in this work are based on current (2019) 
economic assumptions such as estimated equipment capital costs, price 
of electricity, or other operational expenses. Detailed sensitivity analysis 
is provided, including future technical and cost developments, particu-
larly for PEM electrolysis. More detailed scenario development for the 
future is an area for further work. These would be relevant in the context 
of long-term decarbonization policies in the areas of transportation and 
shipping fuels more specifically. Grid electricity was chosen to power 
continuously the electrolyzer in the second modeled system, allowing a 
high yearly availability. In the context of increasing renewable elec-
tricity production in California and increasing periods of oversupply 
from intermittent sources, some future work should additionally inte-
grate granular curtailment data from renewable sources to model a PEM 
electrolyzer powered by cheap clean electricity when it is available, 
combined with hydrogen storage to maintain operation (and high ca-
pacity factors) when electricity is not available. This would leverage the 
full advantages of PEM technology, specifically its ability to operate 
dynamically. It would subsequently allow significant reductions in the 
second modeled system’s carbon footprint and the generation of more 
GHG emissions reduction credits, while storing renewable energy in the 
form of biofuels. Finally, the use of cleaner road transportation modes 
for biomass and methanol delivery, such as fuel cell trucks powered by 
green hydrogen for instance, could be included in future work to further 
reduce the methanol product lifecycle emissions. 

5. Conclusion 

In this study, a techno-economic and environmental assessment of 
renewable methanol produced by gasification of forest residue in Cali-
fornia was performed. Two biorefinery systems were first modeled 
thermodynamically, extending past work to integrate some important 
design changes. Next, a bottom-up assessment of the supply chain in-
vestment and operational costs, from the collection of forest residue to 

N. de Fournas and M. Wei                                                                                                                                                                                                                    



Energy Conversion and Management 257 (2022) 115440

17

the delivery of end-product methanol, was performed for the two system 
designs at two biorefinery location scenarios considering spatial con-
straints and California-specific economic assumptions. A profitability 
analysis to determine the minimum fuel selling price over the project 
lifetime was then carried out followed by a sensitivity analysis to eval-
uate the influence of key technical and economic parameters on the 
project economics. Based on the assessment of the amounts of CO2 
stored and utilized throughout the production of low-carbon methanol, 
as well as the methanol product lifecycle GHG emissions, the impact of 
introducing CO2eq abatement credits on the methanol minimum selling 
price was then evaluated for all scenarios. Finally, a high-level estima-
tion of the portion of shipping fuel demand met by these methanol 
production pathways was estimated for medium-range shipping at the 
San Pedro Bay Port Complex in Southern California. Based on this work, 
the following conclusions are drawn:  

• Renewable methanol from forest residue gasification can achieve 
substantial GHG emissions reductions in California. Compared to 
traditional shipping fuels or fossil methanol, abated lifecycle emis-
sions, in gCO2eq/MJ of fuel, range from 38 to 165%, depending on 
the system and scenario considered. This corresponds to annual 
quantities of 59 to 145 ktCO2eq/year for a 50 MW biorefinery, 
equivalent to 32–153 gCO2eq/MJ abated. If biomass gasification is 
coupled with water electrolysis, methanol production is nearly 
doubled, reaching 1.32 J of methanol per J of biomass LHV-based 
and 92% carbon conversion. In this case, overall lifecycle emis-
sions are largely dependent on the carbon intensity of the electricity 
supply with the overall carbon balance being neutral at best.  

• Greater GHG reductions and net negative carbon emissions are 
achieved when methanol production includes geological CO2 
sequestration of 48% of the carbon initially contained in the wood 
chips in system 1. This represents negative emissions of − 71 
gCO2eq/MJ. Net GHG emissions along the product lifecycle then 
amount to − 57 gCO2eq/MJ, as the carbon uptake during initial 
biomass growth virtually offsets methanol combustion emissions. 
The capital and operational costs of this CO2 capture, transport and 
storage represent a small fraction of total costs (6–8% of levelized 
production costs together, depending on the biorefinery location) in 
part due to the proximity of the biorefinery to the storage site.  

• Carbon-negative or low-carbon methanol produced by the first and 
second modeled system is currently not economically competitive 
with conventional or alternative shipping fuels. Estimated minimum 
selling prices to reach positive net present values range from $142 to 
$218/MWh, compared to current fossil methanol price of about 
$108/MWh and conventional shipping fuel prices ranging from $10 
to $50/MWh. The lower range is obtained with methanol produced 
by biomass gasification coupled to PEM electrolysis, thanks to the 
increased methanol yield. However, the introduction of CO2eq 
abatement incentives such as Section 45Q federal tax credits or LCFS- 
like credits could bring minimum fuel selling prices down signifi-
cantly, particularly when methanol production includes geological 
CO2 sequestration. In this case, the produced methanol can become 
competitive with fossil shipping fuels at carbon credit values ranging 
from $150 to $300/tCO2eq, depending on the eligible credits. 

• The forest residue quantities available in California would be suffi-
cient for renewable methanol production to meet a significant 
portion of a major American port’s fuel demand. More specifically, 
even if much lower than in Northern California, the forest residue 
quantities available in Southern California could potentially meet 
30% of the San Pedro Bay Port Complex fuel demand for medium- 
range shipping, when considering methanol production system 2. 
This production scale is met by four 50 MW biorefineries. 

In some future work, additional scenarios taking into account 
economies of scale, and more detailed future technology and cost de-
velopments, should be studied to assess the renewable methanol 

production at scale for California. 
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