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ARTICLE INFO ABSTRACT
Keywords: Increasing growth of distributed solar photovoltaics (PV) and electric vehicles (EV) can strain local distribution
Distribution grid networks and require costly upgrades. Distributed battery storage, often deployed alongside PV, can be

Grid expansion

Distributed energy resources
Tariff structure

Battery energy storage

used to mitigate those costs, depending on how batteries are operated. This study evaluates the potential
deferral value of distributed battery storage across a range of tariff structures, focusing on the rate structures
most commonly available to residential customers today and related variants. Deferrals are evaluated with
a least-cost distribution grid expansion optimization model to identify requirements on line reconductoring,
transformer upgrades, and voltage regulator installations under each tariff. Results show that TOU rates and
net billing tariffs can yield meaningful deferral value, depending on specific tariff structure features. Under the
best performing tariff structure tested, storage produced a median annualized deferral value of $7.18 per kW
of storage capacity (kW) across all feeders in the sample, though deferral values were considerably larger for
feeders with peak loads that coincide with utility system peak, i.e., timing of TOU peak period. In contrast,
under an unrestricted TOU design with no restrictions on grid charging or discharging, the median deferral
value was $0/kW illustrating the critical importance of tariff structure details.

1. Introduction

Electric utility expenditures on distribution system investments have
been the leading source of rising electricity rates in recent years,
straining consumer pocketbooks and challenging energy affordability
(Forrester et al., 2024). Though the underlying drivers for those invest-
ments are numerous, distributed solar photovoltaics (PV) (Palmintier
et al., 2016), electric vehicles (EVs) (McAllister et al., 2019), and
other forms of distributed generation (Ackermann and Knyazkin, 2002)
are significant contributors to increasing distribution grid stress. The
rapid growth of these technologies raises concerns about PV spatial
distribution and integration costs (K.A. Horowitz et al., 2018), as
well as their impact on hosting capacity and costs, depending on
the size of adopted PV (K.A.W. Horowitz et al., 2018). Several stud-
ies have pointed out the effects of electrification on load forecasting
(California Public Utilities Commission, 2023), infrastructure spending
(U.S. Energy Information Administration, 2024), where distribution
investment becomes the largest expenditure across sectors (Edison Elec-
tric Institute, 2024). In parallel with PV adoption, distributed battery
storage has also begun to proliferate as an enabling technology for
integrating PV (Hill et al., 2012) and other variable renewable source
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integration (Koivisto et al., 2019), mitigating voltage-related issues
(Babacan et al., 2017), supporting the electrification of transportation
and heating through EVs and heat pumps (Gupta et al., 2021), and
expanding distribution grid hosting capacity (Lee et al., 2020). Accord-
ingly, recent studies have explored approaches to the optimal siting
of storage systems (Okafor et al., 2025), their sizing (Su et al., 2025),
and potentially maximizing their benefits through revenue optimization
(Dennis et al., 2025).

Currently in the U.S., residential battery storage systems are op-
erated primarily under one of two basic tariff structures: time-of-use
(TOU) rates or net billing tariffs. Under TOU rates, customers use
their battery storage to arbitrage between peak and off-peak pricing
periods. On the other hand, under net billing, customers use battery
storage to shift surplus solar production from the middle of the day
to evening and night-time hours, arbitraging between the grid export
rate and the higher retail price for consumption. In the case of TOU
rates, customers with storage are incentivized to discharge during
peak TOU hours, which can help to reduce overloading and alleviate
undervoltages caused by added EV demand and other sources of load
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growth during those hours (Alam et al., 2013). In the case of net
billing rates, customers with storage are incentivized to charge during
hours when their PV system would otherwise export to the grid,
mitigating overvoltages caused by high PV grid injections across the
feeder (Koivisto et al., 2019).

That being said, those benefits may be offset because the pricing
signals under these tariffs are fairly coarse and may be misaligned with
the times of greatest need on any individual feeder. In the case of TOU
rates, peak pricing periods are based on the overall utility system peak,
which may not coincide with peak loads on any individual feeder, en-
couraging discharge at ineffective times. Net billing faces an analogous
mismatch when the availability of surplus solar for storage charging
by individual customers does not align well with the times of most
severe overvoltage on the feeder (Morell-Dameto et al., 2024). While
TOU rates and net billing structures are generally considered practical
volumetric price signals with known benefits in encouraging battery
storage operations and demand response, the reduction in distribution
system upgrade needs in the presence of high PV and battery penetra-
tion depends on how battery operation aligns with feeder constraints
(Morell Dameto et al., 2020). Therefore, understanding the potential for
TOU rates and net billing to address the distribution impacts of high PV
and EV penetrations is far from straightforward.

To address that knowledge gap, this paper compares the distribution
system investment cost savings from residential battery storage under a
range of TOU-based tariff structures and net billing, in conjunction with
relatively high levels of distributed solar and EVs. The analysis relies
on a least-cost optimization for distribution grid expansion to estimate
cost savings for each tariff structure scenario, applied to a set of
synthetic distribution feeders. Using this approach, we show how grid
charging/discharging constraints enhance the distribution system cost
savings from battery storage under standard TOU pricing structures,
while also highlighting how better outcomes can be achieved with net
billing or with refinements to TOU rate structures that better align
charging and discharging profiles with times when it is most beneficial.
This work focuses on evaluating policy options and their impact on
distribution investments, rather than tariff design, which is the process
by which specific rates are assigned to tariff structures and customer
classes to achieve cost recovery in accordance with principles such as
efficiency, cost causation, and fair compensation. The contributions of
this paper are:

1. We developed a methodology to quantify and compare the im-
pact of behind-the-meter battery adoption on distribution grid
investments under different tariff schemes. The methodology
combines tariff-driven battery operation policies with formal
least-cost distribution grid expansion. To the authors’ knowl-
edge, this is the first application of such a detailed and integrated
methodology in a large-scale policy study.

2. We use this methodology to perform a comparative analysis over
178 distribution feeders and 7 realistic scenarios of tariff-driven
battery operation policies. We map tariff-driven battery oper-
ation to distribution grid costs and provide a decision-support
framework for utilities to design DER incentive strategies that
account for distribution grid infrastructure needs across current
and future adoption scenarios.

2. Methodology and data

The methodology aims to determine the change in distribution grid
investment costs when batteries, installed on feeders with high levels
of PV and EV adoption, are operated in response to different tariff
structures. Distribution grid investments under each tariff structure
scenario are compared to grid investments under the corresponding
base case with the same PV and EV assumptions, but no battery storage,
in order to evaluate how battery operation impacts investments.

This section first describes the feeder data used in this analysis.
We then summarize deployment-related assumptions for distributed
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PV, batteries, and EVs, including penetration levels, sizing, and load
profiles. Next, we provide an overview of the tariff structures consid-
ered in the analysis. Finally, we provide an overview of the procedure
for calculating distribution investments under each scenario. Further
details on the investment model and calculations are provided in the
Appendix section.

2.1. Feeder data

The analysis is conducted on a sample of 178 synthetic distribution
feeders drawn from the larger SMART-DS dataset (Palmintier et al.,
2020; Open Energy Data Initiative, 2020). The selected feeders are
characterized by a predominant presence of residential consumers,
which exhibit potential to trigger grid investments under PV adoption
in the base scenario, i.e., with no batteries. It is important to note that
the purpose of this paper is not to estimate absolute grid investments
on these feeders. Instead, we use these feeders to compare grid invest-
ments relative to a base case with no batteries, assess how different
tariffs affect battery operations, and then examine how this aggregate
response leads to changes in distribution investments.

The hourly distribution of the selected feeders’ peak load, before PV
and batteries are added, is shown in Fig. 1. Most feeders’ peak loads
occur during the late afternoon and evening hours, with the greatest
concentration at hour 19. Of the feeders studied in this analysis, 141
feeders have peak loads that occur during the TOU peak period (hours
17-22), while the remaining 37 feeders have peaks occurring in other,
primarily early morning, hours. When discussing the results, the former
group is referred to as coincident feeders while the latter is referred to
as non-coincident feeders.

2.2. PV, EV, and storage assumptions

Key study assumptions for distributed PV, storage, and EVs are
summarized in Table 1 and described in more detail below. These
assumptions include the penetration rates for each technology, which
are derived from existing literature and are intended to represent levels
that might realistically be achieved across a utility’s service territory
under an aggressive 10-year growth trajectory (relative to present-day
penetration rates in the U.S.). While higher penetration levels may
be achieved in some areas or over longer time frames, the intent
of this study was to select levels that would be broadly applicable
to the near-term choices and decisions of utility resource planners
today. The adoption rates selected for this analysis, consistent with
the upper bound of NREL’s Standard Scenarios, are intended to be
sufficient to stress the distribution feeders and to capture the effect of
each considered tariff on related distribution grid investments. Lower
adoptions may limit the effect of batteries, reducing the impact on the
resulting grid added/deferred costs.

PV penetration rates are assumed to reach 30% of all single-family
residential buildings and 30% of all commercial load on each feeder,
based on the upper bound scenarios from the National Renewable
Energy Laboratory’s recent set of Standard Scenarios (Gagnon et al.,
2023). The feeder models used in this study do not identify specific
dwelling types, and so all residential loads with a peak demand less
than 20 kW are assumed to be a single-family home, and PV systems are
randomly distributed across those loads until the specified penetration
level is reached. Individual residential PV systems are sized to meet
each home’s total annual energy consumption, and nameplate ratings
are derived using NREL’s PVWatts model, based on solar radiation at
the feeder location. The same sizing assumptions are used for each com-
mercial PV system, which are randomly distributed across commercial
loads on each feeder until the target penetration level is achieved.

Battery storage is assumed to be co-installed with 50% of all res-
idential PV systems on each feeder. This assumption is based on a
continued ramp-up in annual attachment rates from 28% of systems
installed in 2024 (Solar Energy Industries Association, 2025). Battery
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Fig. 1. Bar chart of peak occurrence times. The bars represent the number of feeders with a maximum load value occurring at the indicated hour. The highlighted

area corresponds to the time-of-use peak price period.

Table 1

Key study assumptions for distributed PV, storage, and EVs.

Technology type Penetration

Sizing Load shape

30% of all
single-family
homes of
each feeder

Residential PV

Sized to 100%

of annual
consumption for
the individual site

Simulated with NREL
PVWatts model for each
feeder location using
default inputs for panel
orientation and losses

30% of all
commercial load

Commercial PV

on each feeder

Same as above Same as above

Distributed 50% of all Nearest increment Simulated in response
storage residential of 5 kW to PV to tariff structure
PV systems size and 2-hour
duration
Electric vehicles 50% of all n/a Selected from a set of

single-family
homes on
each feeder

5000 unmanaged and
5000 managed charging
profiles

sizing assumptions are based on current products and practices in the
market today (Barbose et al., 2024). Batteries are sized such that the
power rating is the largest multiple of 5 kW that is less than or equal
to the PV system’s capacity (but not less than 5 kW), and the energy
storage capacity assumes a 2-hour duration battery, i.e., 2 kWh of
energy storage per kW of power.

Finally, light-duty EV adoption is assumed to reach 50% of single-
family homes (Wood et al., 2023). As with PV systems, EVs are ran-
domly assigned across single-family homes on each feeder, regardless
of whether PV or batteries are installed at the same location. While EV
and PV could be correlated and affect the added/deferred cost analysis,
the study focuses on determining the difference in added investments
between each tariff case and a base case with no storage, to mitigate
the effect of the base DER adoption. EV load profiles are based on a
combination of managed and unmanaged charging profiles, assuming
an even 50/50 split. For this purpose, a set of 5000 unmanaged and
corresponding profiles are generated from a distribution of different
combinations of EV types and models developed based on a recent
NREL study (Wood et al., 2023) and using NREL’s OCHRE model (Blon-
sky et al., 2021). To illustrate this approach, Fig. 2 provides examples
of several unmanaged and the corresponding managed profiles for
individual vehicles, along with the aggregate EV load profile for all EVs
on a single feeder.

2.3. Tariff structure scenarios
Battery storage dispatch is simulated across a set of TOU-based

tariff structures and net billing to show how each change in tariff
structure incrementally impacts distribution system investments. The

intent is not to identify the tariff structure that maximizes battery
dispatch, but rather to compare performance across several known and
readily implementable residential tariff structures. The tariff schemes
considered include only the volumetric import/export components that
affect battery response, then determine the related investments. While
demand charges are relevant for incentivizing reductions in monthly
peak demand, we are mainly focused on how hourly price signals under
TOU and net billing affect battery operation and feeder investment
needs.

All of the TOU-based tariff structures assume that the peak period
is defined by the timing of peak demand and prices for the utility
system as a whole, consistent with standard industry practice. To
maintain internal consistency, those price forecasts are based on the
same underlying market forecasts and the 10-year timeframe used for
the distributed PV projections (Gagnon et al., 2023). For this study,
TOU rates are assumed with a peak period from 5-10 p.m. (hours
17-22) on weekdays in each month. The specific prices are inconse-
quential, provided that the price differential between the highest- and
lowest-priced TOU periods each day is large enough to offset round-
trip efficiency losses and induce arbitrage cycling. Further details,
including the mathematical formulation of each tariff, are included in
Appendix A. The tariff structure scenarios considered in this study are
summarized in Table 2. It is important to note that the tariffs used
in this analysis are not designed endogenously to recover investment
costs. Instead, these are treated as exogenous price signals that induce
different charging and discharging responses. The process to specify
how customers are charged to achieve cost recovery is outside the scope
of this paper.
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Fig. 2. Individual and combined managed and unmanaged EV profiles.
Table 2
Selected battery operation modes for evaluation.
Tariff scenarios Charge strategy Discharge strategy Model in
Appendix A
. . . p=lLr=Lk=1
Unrestricted Unrestricted Unrestricted tariffs as in (A1)
. No grid y=0,p=1Lk=1
Unrestricted discharge tariffs as in (A.1)
Restrictive No grid charge Unrestricted p=0y=Lk=1
g & tariffs as in (A.1)
. No grid y=0,=0,k=1
No grid charge discharge tariffs as in (A.1)
Super off-peak No grid y=0,p=1Lk=1
charge discharge tariffs as in (A.2)
. Over-the-peak p=0k=2/5y=1
Incentivized No grid charge discharge tariffs as in (A.1)
Super off-peak Over-the-peak p=1k=2/5y=1
charge discharge tariffs as in (A.2)

Net billing

Net billing

f=ly=1k=1

tariffs as in (A.3)

2.4. Computation of net loads and distribution investment impacts

Here we provide a high-level overview of the computational meth-
ods used to quantify the impacts of battery storage operation on dis-
tribution system investments, with further details contained in the
appendix, illustrated in Fig. 3. Each feeder consists of a collection
of individual customer loads, a subset of which are outfitted with
PV and battery storage, per the adoption assumptions outlined ear-
lier. For each tariff structure scenario, the analysis sequence begins
by computing the hourly net load for each PV+storage customer on
each feeder, optimizing storage dispatch based on the customer’s net
demand and the specific tariff characteristics of the scenario under
study. The model for calculating net load is described in detail in
Appendix A, which is parameterized according to Table 2 according
to the tariff structure to evaluate. The battery operation optimization
assumes that all customers operate their batteries to perfectly minimize
operating costs. While behavioral factors or imperfect information may
affect battery operation, this solution enables evaluation of conditions
in which battery charging/discharging coincide, potentially causing
severe stress on the distribution grid. The effect of battery degradation
is neglected in this study, as the evaluation is conducted over a one-year
window. Next, planning days for each feeder are selected, consisting
of the maximum, minimum, and average demand days, obtained from
the net loads aggregated at the feeder head level. The selection of
planning days is outlined in Appendix B. Finally, we use Berkeley
Lab’s LODGE model, a distribution system expansion model, to compute
upgrade costs on each feeder under each tariff scenario, based on the
corresponding set of planning days, as described further in Appendix C.
It is important to note that the selection of these days aims to represent
stress conditions on the distribution feeders. Since operation costs are

not involved in LODGE objective function, these are equally weighted
for the investment optimization. Those costs are ultimately expressed
on an annualized basis and compared to the annualized upgrade costs
under the base case with no storage.

2.5. Evaluation metric

To compare and aggregate results across feeders in the sample,
we normalize the annualized investment for each feeder by its in-
stalled battery capacity. Investment impacts are thus denominated in
terms of added/deferred cost ($) per kW of storage (kWg). Note that
this analysis focuses on investment optimization, considering only the
utility-level benefits of the resulting battery dispatch under each tariff
structure.

The total annualized investment cost for feeder f in tariff structure
¢, I, is obtained from combining the annualized line reconductoring
(IC%), transformer upgrading (IC¥), and voltage regulator invest-
ments (IC}'C ) obtained for feeder f and tariff structure ¢ from the
expansion planning model evaluation in Appendix C,

Ip = ICE +ICY +ICY, Vf.Ve. b}
Finally, the metric is obtained for each feeder f and tariff structure c,
as,
I..—1

mﬂ:M, ceCVYf, 2

Z batt

pfh
Vh

where I, is the annualized investment for feeder f considering the
base case with no battery operation. Positive values of m. indicate
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Fig. 3. Methodology to assess the impact of different battery operation modes on distribution grid investments for a given distribution feeder. The base case
corresponds to the scenario where grid investments are obtained when no battery operation is considered, while the remaining scenarios refer to considered

alternatives for battery operation.

Unrestricted charge/discharge

[R: 437232
TR: 30864
VR: 17347
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reconductoring
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VR: voltage regulator

investment
TR: transformer
upgrade
All values in $/year

Fig. 4. Investment placement under different tariff scenarios.

increased investment costs for f under scenario ¢, while negative values
indicate investment deferrals when batteries are operated under tariff
structure c.

3. Results and discussion

Our primary results focus on a base case with high distributed
PV adoption, without yet adding high EV adoption. The rationale
for this approach is that residential battery storage adoption has al-
most exclusively occurred in conjunction with PV adoption, hence the
need to understand the interactions between these two technologies
specifically. To build intuition, Section 3.1 illustrates the upgrades and
associated cost impacts for a single feeder, under the base case and
a subset of the tariff scenarios. Section 3.2 then presents the core set
of results across all feeders and tariff scenarios. Sections 3.3 to 3.5
describe in more detail the results for each set of tariff scenarios, linking

the investment impacts to the underlying battery dispatch profile, and
also highlighting important sources of variation across feeders in the
sample. Finally, Section 3.6 presents the results of the sensitivity anal-
ysis with high EV loads added, showing how the investment impacts
under each tariff scenario are altered as a result of the additional loads.

3.1. Investment impacts for single feeder example

We begin by illustrating the investment impacts for a single feeder
from the SMART-DS dataset, with a 18,412 kW peak demand,
17,322 kW of combined residential and commercial solar, and 4495 kW
of installed battery storage. Investment results for the PV-only base
case in Fig. 4 show multiple additions to address issues arising from
base conditions and the added solar capacity. These additions include
single-phase transformer upgrading, reconductoring of three-phase and
single-phase line sections, and installation of a voltage regulator close
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Table 3
Annualized investment costs and added/deferred costs per kW of installed storage for feeder
p5uhs22_1247-p5udt9433.
Total Difference with Added/deferred costs
Scenario investment respect to base per kW of storage
($/year) case ($/year) (my., $/kWs-year)
PV only (Base case) 485,443 - -
PV+battery (Unrestricted charge/discharge) 505,498 +20,055 +4.46
PV+battery (No grid charge/discharge) 330,773 -154,670 -34.41
PV+battery (SOP charge/OTP discharge) 227,613 -257,830 -57.36
Table 4
Number of feeders with every investment outcome for each strategy (n = 178)
Battery operation mode Coincident Peak (n = 141) Non-coincident Peak (n = 37)
Neutral Deferred Increased Neutral Deferred Increased
invest. invest. invest. invest. invest. invest.
Unrestricted charge/discharge 48 60 33 32 2 3
Restricted discharge 23 79 39 33 1 3
Restricted charge 27 95 19 21 12 4
Restricted charge/discharge 10 112 19 30 5 2
Restricted charge/OTP discharge 5 125 11 20 15 2
SOP charge/Restricted discharge 5 121 15 11 22 4
SOP charge/OTP discharge 3 123 15 17 16 4
Net billing 8 116 17 10 25 2
Table 5
Comparison of peak load variation and battery usage across considered tariffs.
) 8 &
g 5 g
S ) 1) % ° © 2
D) £ g 5 o < B &
2° 3 F 5 G S 2
£ © ] 20 N ) o a
© e ‘g = 50 z o =
o = 00 ] = D 50 9
g 0 ° o < 50 g Z
2 ° z = © g <
7 = o - 3 y
2 ; = 3
5 2 2 ”
Average max. Coinc. -0.13 -0.22 -0.14 -0.29 —0.34 -0.27 -0.34 -0.32
peak reduction Non-coinc. 0.03 0.02 0.00 0.00 0.00 -0.04 0.06 -0.06
Max. net (kW/kWy) Overall -0.10 -0.17 -0.11 -0.23 -0.27 -0.23 -0.25 —0.26
load day Average batt. Coinc. 2.00 1.35 1.57 1.20 1.61 2.02 2.00 1.88
discharge Non-coinc. 2.00 0.96 1.25 0.82 1.25 1.72 2.00 1.32
(kWh/kWy) Overall 2.00 1.26 1.51 1.12 1.53 1.96 2.00 1.76
Average min. Coinc. 0.00 0.00 0.29 0.02 0.29 0.29 0.43 0.29
load increase Non-coinc. 0.00 0.00 0.23 0.01 0.23 0.17 0.46 0.24
Min. net (kW/kW) Overall 0.00 0.00 0.28 0.02 0.28 0.26 0.43 0.28
load day Average batt. Coinc. 2.00 0.80 1.99 0.91 1.99 1.64 2.00 2.00
charge Non-coinc. 2.00 0.69 2.00 0.82 2.00 1.42 2.00 2.00
(kWh/kWy) Overall 2.00 0.78 1.99 0.89 1.99 1.60 2.00 2.00

to the substation for voltage control. Based on the cost assumptions in
(1)-(2), network upgrades in the base case amount to an annualized
investment cost of $485,443, as shown in Table 3. When batteries are
included and operated without restrictions, upgrade costs are increased
by $20,055/year compared to the base case — an added $4.46/kWg
— due to additional line and transformer upgrades. If the batteries
are instead operated in a fully restricted mode with no grid charge
or discharge allowed, less line reconductoring and considerably fewer
transformers upgrades are required, leading to an estimated deferral
value of $34.41/kW. Finally, battery operation under the incentivized
tariff scenario that combines super off-peak charge and over-the-peak
discharge further reduces the need for network upgrades, leading to
deferral value of $57.36/kWg.

3.2. Investment impacts across full feeder sample
Fig. 5 summarizes the results for all feeders and tariff scenarios in

terms of the change in investment costs compared to the PV-only base
case. The figure presents the distribution across all feeders for each

tariff scenario, distinguishing between feeders with peak loads that are
either coincident or non-coincident with the TOU peak period. Table 4
provides some additional detail by showing the number of feeders with
either increased, decreased, or no change in investment costs under
each tariff scenario.

Several key findings emerge from these comparisons. First, across
all of the tariff scenarios analyzed, the net investment impacts on any
individual feeder may be positive (added costs), negative (deferred or
avoided costs), or neutral (no change in costs). Second and related,
the changes in investment costs are most pronounced for coincident
feeders. In comparison, the majority of non-coincident feeders exhibit
no change in investment costs in most of the tariff scenarios, and when
deferrals do occur, they are generally much smaller than those on
coincident feeders. This suggests that feeders with morning peaks could
be subject to a different tariff design better aligned with their peak
times to improve efficiency and reduce costs for customers. In these
cases, a net billing scheme is more beneficial for this purpose compared
to TOU. Finally, deferrals increase substantially from the unrestricted
case to the fully restricted case with no grid charging or discharging,
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Fig. 6. Percentage of feeders with added and reduced undervoltages at each hour for each tariff compared to the PV-only scenario.

and then increase modestly more when moving to the incentivized
cases. Differences across the incentivized cases are relatively small, but
the largest deferral values occur for the tariff that combines a super
off-peak TOU rate (SOP) with rules that require even discharge over
the peak TOU period (OTP).

Battery dispatch profiles under each tariff scenario differ in terms
of both the timing and quantity (i.e., cycle depth) of energy charged/
discharged. The findings above are driven to a significant degree by
the resulting changes in peak and minimum load across feeders in the
sample (see Table 5), and the corresponding change in the prevalence
of voltage violations (see Figs. 6 and 7). Voltage violations are a key
concern in this study, as distribution grid voltages are required to
remain within +5% of the feeder rated voltage in normal operating
conditions. The next set of sections further describe the results under
each tariff structure, explaining the investment impacts in terms of
the underlying battery storage dispatch profile and differences across
feeders in the sample.

3.3. The reduced potential from unrestricted grid charging and discharging

The charging cycle under this tariff structure is fundamentally
misaligned with the timing of minimum and maximum load on most
feeders, as storage charging and discharging both occur as soon, as
quickly, and as fully as possible at the beginning of the TOU off-
peak and peak periods, respectively. Hence, the unrestricted battery
operation provides no benefit in addressing overvoltage issues at times
of high PV generation. In addition, the rapid and synchronized charging
at the start of the off-peak period can shift the feeder peak to those
hours, increasing the peak net load as shown in Fig. 8-b. On the other
hand, peak load reductions may occur on feeders with narrow peak
loads coinciding with battery discharge during the first few hours of the
TOU peak period, as shown in Fig. 8-a. A separate issue can also occur
during the discharge cycle if high PV exports are also occurring during
those hours, leading to more overvoltage violations in the initial peak
period hours (see Fig. 7). Compared to the incentivized tariff structures,
nearly 50% fewer feeders report investment deferrals, while the number
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of feeders with added investments is doubled, indicating a significant
reduction in the potential benefits of battery integration. Regarding
impacts on costs, they are generally small, with an inter-quartile range
of -$4.59 (savings) to $0/kW g-year (Fig. 5).

3.4. Restricting grid charging and discharging

Restrictions on grid charging and discharging shift the timing of
storage charging and discharging (see Fig. 9-a and 9-b), aligning it
more closely with grid needs, though these benefits can be muted by
reductions in storage cycling depth. As a result, restrictions on grid
charging and discharging each lead to modest gains in deferral value
when implemented individually, but greater gains when implemented
together.

In the No Grid Discharge scenario, the discharge energy is spread
more evenly across the TOU peak period, compared to the unrestricted
case, as shown in Fig. 9-a. The battery discharge is reduced about
32.5% across coincident-peak feeders, as battery only discharge to meet
net consumer load during the TOU peak. Compared to the base case,
larger average peak load reductions (0.22 vs. 0.13 kW/kWy) and more
frequent reductions in undervoltages across a larger range of hours (Fig.
6) occur compared to the base case.

On the other hand, in the No Grid Charge scenario, restrictions on
grid charging shift the charging load from the early evening hours of
the TOU off-peak period to daytime hours when PV surplus is available,
as shown in Fig. 9. The impact is twofold: first, it eliminates the
charging peak during early off-peak hours when feeder loads are still
relatively high, and second, it aligns better storage charging with min-
imum load conditions during times of high PV grid injections. Shifting
charging to those times results in an average increase in minimum
feeder load of 0.29 kW/kW (compared to O in the unrestricted case),
and a substantial reduction in the frequency of overvoltage violations
during those midday hours (Fig. 7). As a result of these shifts in
the timing of storage charging, net cost savings occur on a substan-
tially higher fraction of feeders—including both coincident-peak and
non-coincident-peak feeders (see Table 4).

Combining the grid charging and discharging restrictions leads to
greater peak load reductions than from either restriction alone, and
more than double the level in the unrestricted case (Table 5). How-
ever, the grid discharge restriction also reduces the depth of discharge
and thus the amount of charging, which diminishes the ability to
address overvoltage violations from high levels of PV grid injections
on minimum load days. This is evident by comparing the minimum-
load-day metrics in Table 5, which shows only a negligible increase in
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average minimum load in this scenario, and can also be seen visually
in the example shown in Fig. 9-b. On net, however, the greater peak
load reductions in this scenario prove more consequential, leading to
substantially greater deferral values under this scenarios for coincident
feeders, compared to the cases with just one or another restriction.

3.5. The benefits of incentivized battery operation

While the grid charging/discharging restrictions presented in the
previous section generally improve investment outcomes relative to the
unrestricted case, they also tend to constrain cycling depth limiting
the potential benefits from deferral distribution system upgrades. The
changes in battery dispatch profile under each of these incentivized tar-
iff structures is illustrated in Fig. 10, for one individual feeder. Below,
we describe the resulting impacts on distribution feeder investment
costs across the full sample of feeders.

OTP discharge distributes the discharge energy evenly across the
TOU peak period, leading to substantially larger peak reductions than
in the fully restricted case (0.34 vs. 0.29 kW/kWy, as shown in Table
5). In addition, by allowing full discharge, OTP discharge significantly
increases charging demand on minimum load days, boosting the ability
of the battery to address overvoltage issues from high PV grid injec-
tions, as seen by comparing the minimum-load-day metrics in Table
5 and net load profiles in Fig. 10-b. As a result, replacing the grid
charging restriction with OTP discharge increases the median deferral
value across all feeders in the sample from $1.30/kWy to $4.64/kWg,
more than a three-fold increase.

Shifting to incentivized charging, the ability of SOP charging to
shift the storage charging to occur during midday hours provides
modest peak load reductions on non-coincident-peak feeders. More
importantly, it allows for more complete discharging and thus more
midday charging to help address problems associated with high levels
of PV grid injections, compared to the fully restricted case and the case
with SOP charging and no grid discharge (Table 5). This operation
has two key limitations. First, the tariff fails to address overvoltage
issues during adjacent hours, shifting minimum load to those hours.
Second, the aggregated charging can create sharp peaks that potentially
diminish or offset load reductions during the TOU peak period.

Combining SOP charging with OTP discharging produces a similar
battery dispatch profile to SOP charging with no grid discharge, but

with complete charging and discharging each cycle. This case yields
by far the largest increase in average minimum load across the feeder
sample (0.43 kW/kWg, as shown in Table 5). Among coincident-peak
feeders, however, peak load reductions are the greatest of any of the
scenarios evaluated. On net, this scenario yields the largest median
deferral value across any of the tariff scenarios evaluated ($7.18/kWg,
across all feeders in the sample), given the combination of relatively
large peak load reductions on coincident feeders and, by far, the largest
increases in minimum load across all feeders.

Net billing, on the other hand, enables and incentivizes batteries to
discharge to meet customer load throughout nighttime hours beyond
the end of the TOU peak period. As a result, the charging profile under
net billing is more evenly distributed across daytime hours. In terms
of peak load impacts, the net billing case leads to among the largest
reductions of the tariffs analyzed, though slightly lower than the OTP
discharge cases for coincident feeders (0.32 vs. 0.34 kW/kWy), given
the constraint on battery discharge to only serve residual net load.
For that reason and the smaller impact on minimum load, the median
deferral value in the net billing case is well below the value in the OTP
discharging/SOP charging case ($3.56 vs. $7.18/kW, as shown in Fig.
5).

3.6. Sensitivity with high EV loads

The scenario analysis presented in this section adds high EV adop-
tion to evaluate how EV integration impacts the investment deferral
value of battery storage. Note that PV and battery sizing is held
constant between the primary analysis and the high EV sensitivity, that
EV loads consist of a combination of managed and unmanaged EV load
profiles, and that its operation is not responsive to changes in the tariff
structure. As shown in Fig. 11, the additional EV loads increase feeder
net load across all hours. The resulting impacts on upgrade costs are
summarized in Fig. 12, which compares the change in distribution sys-
tem investment costs under each tariff structure scenario with respect
to the corresponding base case, for both the primary analysis with no
EV load and the sensitivity analysis with added EV loads.

In general, the added EV load tends to diminish slightly the ability
of battery storage to reduce distribution system upgrade costs, as can
be seen by the upward shift in the cost distributions for all of the
tariff scenarios shown in Fig. 12. This occurs mainly because the added
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Table 6

Distribution of feeders with added/neutral/deferred investments for each tariff and the effect of EV loads.

w/o EV loads (%)

with EV (%)

Deferred Neutral Increased Deferred Neutral Increased
Non-restrictive 34.8 44.9 20.2 28.8 37.3 33.9
charge/discharge
No grid discharge 44.9 315 23.6 36.2 29.4 34.5
No grid charge 60.1 27.0 12.9 59.3 31.1 9.6
No grid charge/ 65.7 22.5 11.8 50.3 39.5 10.2
discharge
No grid charge/ 78.7 14.0 7.3 66.1 24.3 9.6
OTP discharge
SOP charge/No 80.3 9.0 10.7 72.9 11.3 15.8
grid discharge
SOP charge/ 78.1 11.2 10.7 73.4 13.6 13.0
OTP discharge
Net billing 79.2 10.1 10.7 76.8 12.4 10.7

EV loads amplify any negative impacts associated with the battery
storage charging peaks. These effects occur primarily on non-coincident
feeders, where battery storage leads to greater increases in feeder peak
loads in the EV sensitivity case, compared to the core set of cases
without EV loads. As a result, in the EV sensitivity, a smaller percentage
of feeders see net deferrals in each tariff scenario, and in many (though
not all) tariff scenarios, a larger percentage of feeders see a net increase
in investment costs (see Table 6).

4. Conclusion and policy implications

Rapid growth of distributed PV and EVs may require significant
upgrades to distribution networks, but distributed battery storage can
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help to defer or avoid those upgrades, depending on how it is operated.
This study examines how tariff structures in place today — namely
TOU rates and net billing tariffs — can induce storage operations that
help defer distribution upgrade costs associated with high levels of PV
and EVs. TOU rates with unrestricted grid charging and discharging
generally yield little deferral value, and on some feeders, may even
increase upgrade costs. Restricting grid charging and discharging pro-
duces greater deferrals and fewer cost increases, but limits battery
cycling depth constraining potential benefits. The incentivized TOU
tariff structures analyzed in this study enable fuller utilization of bat-
tery capacity and further improve outcomes relative to TOU rates with
no grid charging or discharging. The net billing tariff, which is an
increasingly common U.S. pricing structure, produces deferral value
similar to that of incentivized TOU structures. Finally, high EV adoption
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erodes storage deferral value across all tariff structures considered,
largely due to the compounding effects of greater EV load combined
with storage charging.

Several key implications emerge from these findings. First and
foremost, existing tariff structures, in the form of TOU rates and net
billing, can be used to effectively mobilize battery storage to reduce
distribution upgrade costs associated with increased distributed PV and
EVs, but the value is highly dependent on specific features of the tariff
structure. Moreover, those deferral benefits are largely confined to
feeders whose peak loads coincide with the broader utility system peak
(and hence with the timing of the TOU peak period). Capturing deferral
value on non-coincident feeders may require more location-specific
pricing structures or program designs that induce storage discharge
that coincides with the individual feeder peak. Even for coincident-
peak feeders, the TOU structures analyzed in this study are likely far
from optimal for maximizing the value of storage deferral. For example,
the best-performing tariff structures yielded an average peak demand
reduction of 0.34 kW/kW across the peak-coincident feeders, and an
average increase in minimum load of 0.43 kW/kWg (compared to an
ideal maximum of 1.00 kW/kWg). Other refinements to TOU-based
designs could no doubt yield incremental improvements, though more
locationally specific and dynamic tariff or program designs would likely
be needed to realize substantially greater benefits. Finally, the analysis
of the PV+EV scenarios indicated that the ability of battery storage to
defer grid investments diminishes with load growth when the new load
is inflexible.

Future work should evaluate the sensitivity of the obtained results
to battery duration. While this study considered batteries with a 2-hour
capacity given current market practices, the effect of the additional
battery capacity varies depending on the evaluated tariff and operating
strategy. Under unrestricted operation, the charging and discharging
periods are extended. However, because battery power output remains
constant, the stress on the distribution grid is concentrated during the
first hours of the TOU peak and off-peak periods. In contrast, the super-
off-peak charge may lead to overnight charging if the required charging
time exceeds the SOP period, potentially increasing investment com-
pared to unrestricted operation. As for net billing, the additional battery
capacity allows extra charging and additional discharge during TOU
off-peak periods. Future studies should also evaluate how more refined
forms of managed EV charging or other flexible loads can improve
deferrals of grid upgrades. In addition, future work could consider the
effects of monthly demand charges and how battery operation can also
shift the maximum customer demand.
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Appendix A. Battery dispatch and net load calculation

This Appendix first discusses the rationale for the tariff structures
considered in this study. Then, it presents the mathematical formu-
lation for evaluating each tariff structure. Finally, the optimization
model for calculating the net load at the grid connection point of each
single-family home with PV and batteries, given a tariff structure, is
formulated.

A.1. Tariff categories based on battery operation restrictions

A.1.1. Unrestricted scenario

The unrestricted tariff structure is a two-period TOU rate with no
restrictions on grid charging or discharging. Battery dispatch under this
scenario is triggered by changes in electricity prices and is limited only
by the battery capacity. As a result, all batteries charge as quickly as
possible (within two hours) after the start of each TOU off-peak period,
and discharge as quickly as possible after the start of each TOU peak
period. This scenario maximizes energy arbitrage between peak and off-
periods, subject only to the battery size and its stipulated minimum
state-of-charge limit.

A.1.2. Restrictive scenarios

The next set of tariff structure scenarios explores prohibiting grid
charging, grid discharging, or both, all layered onto the same TOU rate
as the unrestricted scenario. Under the no grid charge cases, batteries
can only be charged from PV generation in excess of load during each
hour. This serves to delay charging until daytime hours and limit the
rate of charging to amount the surplus PV generation in each hour,
rather than allowing the battery to fully charge after the off-peak rate
begins each evening. If insufficient surplus solar is available during off-
peak hours on any given day, the battery may not fully charge, which
may then also limit the volume of energy discharged. Under the no grid
discharge cases, batteries only discharge to meet the residual load not
supplied by PV generation during each TOU peak period. This serves
to reduce the rate of discharge based on the amount of residual load
in any given hour. If insufficient residual load is available during peak
period hours on any given day, the battery may not fully discharge to
its minimum limit, which may then also limit the volume of charging.

A.1.3. Incentivized scenarios

The preceding set of restricted cases aims to mitigate potential issues
from unrestricted grid charging and discharging, but does so bluntly by
prohibiting any level of grid charging or discharging. Those restrictions
will tend to suppress cycling depth for the reasons noted above, thereby
dampening the ability of the battery to mitigate grid stresses associated
with distributed PV and EVs. They also fail to redirect the charging or
discharging to times when it would be more beneficial. This group of
tariffs aim to either shift or smooth the charging and discharging, rather
than imposing hard constraints on grid charging or discharging that
reduce the cycling depth, by substituting one or more of the following
features:

» Super off-peak (SOP) charge: A third TOU period with even
lower, super-off-peak prices is added on weekdays from 10 a.m.-1
p-m., to shift battery charging to the hours where the greatest
amounts of surplus PV generation are expected.



L. Rodriguez-Garcia et al.

» Over-the-peak (OTP) discharge: Batteries are required to be
discharged at a continuous rate over the whole duration of the
TOU peak period, rather than discharging as quickly as possible
at the beginning of the period.

» Net billing: Consumers are disincentivized but not prohibited
from grid discharging and grid charging by significantly reducing
the export tariff compared to the import rate.

In total, four Incentivized tariff structure scenarios are created by sub-
stituting grid charging and/or discharging restrictions in the fully
restricted case with one or more of the features above.

A.2. Tariff structure formulation

Three sets of tariff structures are considered for evaluation: Time-
of-Use (TOU), Time-of-Use plus a super-off-peak period, and net billing.
The TOU structure is considered for the cases not involving super-off-
peak charge or net billing, and is defined as:

. Apeak te 7T peak

imp _ ,exp _ s s
/11 - }“t - { Aoffpeak’ te Toffpeak, A1
where 4P, 7P are the unit cost of energy consumed and energy

exported, respectively, AP¢2k is the unit cost during peak hours 7Peak,
A0ffpeak js the unit cost during off-peak hours 70ffpeak  joffpeak . jpeak
An alternative to incentivize charging during times of excessive solar
generation is allowing a period during morning hours where charging
is cheaper (super-off-peak period), described as

A Apeak’ te Tpeak,
ﬂ;mp — AteXP — Aoffpeak’ te Toffpeak’ (A.2)
super t € Jsuper

where ASUPeT s the unit cost during the super-off-peak period 7SUPer,
where asuper < joffpeak o jpeak Einally another structure considered
for this study is net billing. In this case, different rates are applied to
imported and exported energy, as follows

. 1 € TPeak,
A=

te Toffpeak
where Apeakexp joffpeakiexp are the exporting rates during peak and off-
peak periods, respectively, and Apeakimp joffpeakimp are the importing
rates during peak and off-peak periods, respectively, and °ffPeakexp <
ﬂpeak,exp < ﬂ(offpeak,imp < Apeak,imp.

Apeak,x

Aoffpeak,x x = {imp9 exp}’ (A.3)

A.3. Mathematical model for battery dispatch and net load calculation

Let F = {1,..., F} define the set of feeders, C = {1,...,C} define
the set of battery operation scenarios, H = {1, ..., H} define the set of
single-family homes, and 7 = {1, ..., T} define the set of time steps. The
battery dispatch is calculated with the model presented in (A.4)-(A.19)
over one year (8760 hourly samples), where constraints are defined for
all ¢, policy ¢, and all homes & connected to feeder f, except where
indicated.

. imp imp exp exp
min Y (lr Pren —H Pfcht) ; A4
teT
s.t.,
g—1 + s—1  _ I+ (A5)
Prene ¥ Prent = Prene :
=g s _ _ -
Prene T Prene = "Prene (A.6)
Do = max{Pfey = Py O), (A7)
Do = min{pf = 7, L0}, (A.8)
imp exp _ g—s g s—g —g
Prent = Prent = Prent ¥ Prent = Prem ~ Prenr (A.9)
g5 =S batt
O0< Pl T Prow <Ppy > (A.10)
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In this model, the objective (A.4) aims at minimizing the cost of
the electricity transactions with the distribution grid, where "%, 27"
are the unit electricity tariff for imported and exported energy at time
1, p';'clg , 1’?3; , are the imported/exported electricity from/to the single-
family home at time ¢, respectively. The power required to meet the
load excess is constrained in (A.5), where pé}:;” is the power supplied
to the load from the grid, péf‘ci , is the power supplied to the load from
the battery, and Plf+ch . is the load excess calculated as in (A.7). The PV
surplus balance is given in (A.6), where pﬁit is the solar generation
injected to the grid, p‘};‘;ﬂ is the excess solar generation to charge the
battery, and plf_c r is the generation excess obtained as in (A.8). The bal-
ance at the distribution grid connection point is given by (A.9), where
p‘;;Z , is the charging power flow from the grid, and p;:i . is the power
injection from the battery to the grid. The battery charge limits are
given by (A.10), where p'};" is the maximum charging flow. The battery
discharge limits is constrained by (A.11), where k limits the battery
discharge, and is calculated as the ratio between the battery maximum
discharge duration and the time span of the tariff peak period. The
energy stored in the battery is calculated by the state Eq. (A.12), where
n',n¢,n¢ are the self-discharge rate, charge efficiency, and discharge
efficiency, respectively. The initial energy stored is indicated in (A.13).
In this application, no condition is imposed for the energy stored at the
end of the horizon, and batteries are expected to be fully discharged
at that time. The battery storage limits are modeled in (A.14), where
E;. is the energy stored at time 7, and E_fh E;), are the maximum
and minimum storage limits. The maximum power flow to be injected
to the grid is given by (A.15), where the combined injection from solar
and battery must not exceed the solar generation nameplate capacity
Y4 ‘;, The power flow from the solar generation to the battery is given
in (A.16). The charge from the grid is controlled by (A.17), where g
is a binary parameter that enables grid charging (f = 0 for no-grid
charge; # = 1, otherwise). The discharge to the grid is bounded by
(A.18), where y is a binary parameter that enables discharge to the
grid (y = 0 for no-grid discharge; y = 1, otherwise). Finally, the battery
discharge to the load is limited by the battery maximum power output
in (A.19).

The net load p?‘ztm is then calculated for each home # in feeder f,
at time ¢, in scenario ¢, based on the optimization results as,

net imp exp

Prens = Prem = Premr YH6H T

(A.20)

Appendix B. Selection of planning days

From the previous step, net load profiles for a complete year are
obtained for each feeder. The investment planning is evaluated over a
set of days that capture extreme and average daily demand scenarios
for each of the feeders under study. The maximum net load day, the
minimum net load day, and the average net load day are considered
as the planning days for the investment analysis, which are identified
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as explained below. The identification of these planning days aims to
capture different stress conditions for the distribution grid, given that
planning is driven by high coincident load and generation injection,
which lead to line overloads and large voltage deviations. The feeder
maximum net-load day (D''**) corresponds to the day that includes the
hour with the highest hourly demand of the year, normally related to
a day of high consumption with low solar generation,

DX = day of <arg max { ; p‘/‘.‘;‘h, }) .

The feeder minimum net-load day (D™") corresponds to the day
where the lowest hourly demand is registered, generally related to a
day with a low demand and a high injection from solar generation,

D;lin = day of<arg mtin { Z p.';‘ztm }> .
n

To determine the average net load day (D the net load profile
for each individual day is extracted and then averaged. Let P, =
[p::je(tl), e pi‘e(‘,), ,p:‘etz " ] be the net load profile of day d. The average
net load proflle, P"“’gd is calculated as:

g

Then, the mean squared error between the averaged profile obtained
and the load profile for each individual day is computed. The mean
squared error is given by:

(B.1)

(B.2)

avg)
B

Pavg —_

365 ®3)

{1,... (B.4)

Finally, the day with the minimum mean squared error is considered
as the day of the average net load,

MSE, =P, -P™||, d= ,365).

avg _ .
Df —argmdm{MSEd}. (B.5)

Appendix C. Least-cost optimization expansion planning model

The investment planning for each feeder under the selected sce-
narios is carried out using a least-cost optimization approach for dis-
tribution grid expansion. The model considers the net load profiles
resulting from each of the considered battery operation strategies, and
decides on line reconductoring siting and sizing, voltage regulators
siting, and transformer upgrading when required. The selected planning
days for each profile are considered as inputs for the model, weighted
accordingly to accumulate and represent a one-year planning horizon.
The optimization model for the grid expansion model is formulated in
(C.1)—(C.14).

min  IC™ + IC" + IC"+
2 2 Con, 4 et a0, €D
teT neB
s.t.,
1)
1CTC = Z Z xrc Crc Caprc . (C.Z)
) T l—(1+6)L
6
Ic" = Ctru tru (C.3)
gr YT ey e
i )
ICY = Curxur—’ (C.4)
162;4 Fo -+ 8)Lor
D P ST _
Zp;t-'-z flt_zf“_pm Zbl
8EB,  IeBY  eBl” 1eB)"
Z bl"m _pi;‘ =0, Vvne B,te7, (C5)
leBy
q q 1 a.fr_
X X S X S = Xl
¢€B; leBy  epl” 1enl”
Z BT 4 gl =0, VneB,teT, (C.6)
1eBy
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- cap”"“cap’h < fP < cap) "X cap'h, viec£“te7, (C7)
_ capj maxcapth < f] < capA ""D‘capﬂ"7 Vil e Erc,l eT, (C.8)
a] —
”m(z),z - [Ufr(l).t 2R+ X, fip| =0, vieLre7, (C9)
U:lninz < U:t < Uzmxz’ Vne B,te7, (C.10)
—cap] < f} < cap]/, vieL"reT, (C1D)
— caP1 < flr cap, ’ vie Etr,t € T’ (C-lz)
cap;r < Captr,max +M X;",M’ Vi e £", (C].S)
+ mid 4 | = v
Uto(/),t [ frihe 2(lelx + le[,) =0, vieL£" re7. (C14)

The optimization model minimizes the annualized investment costs
of line reconductoring (IC’), transformer upgrading (IC"), voltage
regulator installation (/C""). The function also includes a very high cost
(C'™b) to enforce power balance as soft constraints, where the power
flow imbalances p£;+, pi;_, qr{;+’ q}f;_ are positive auxiliary variables.
The annualized cost of line reconductoring is calculated in (C.2), where
xj¢ is the binary variable that decides if reconductoring of section /
with option r is implemented, C}* is the cost of reconductoring section
I with option r, cap’® is the line capacity of option r, L, is the service
life of option r conductor, § is the discount rate, £ is the subset
of candidate line sections for reconductoring, and R, is the set of
reconductoring options for section /. The annualized investment cost
of transformer upgrading is obtained in (C.3), where x"“ is the binary
decision variable that indicates if a transformer located in section /
is upgraded, C’“‘ is the cost of upgrading transformer in section I,
L, is the transformer service life, and £ is the subset of sections
that contain a transformer. Finally, the annualized investment cost on
voltage regulators is determined in (C.4), where x|" is a binary variable
that indicates if a voltage regulator is to be installed in section /, C;" is
the cost of installing a voltage regulator in section /, L,, is the voltage
regulator service life, and £ is the subset of candidate sections to
install voltage regulators. Unit costs for distribution system upgrades
were taken from the NREL’s Distribution Grid Integration Unit Cost
Database (Horowitz, 2019), which contain a set of real distribution
component costs provided by US utilities.

The energy balance is formulated based on the linear approximation
of the DistFlow model (Baran and Wu, 1989). The active and reactive
power flow balance as shown in (C.5)-(C.6), respectively, where p? 0 q: ot
are the active/reactive power injected by the substation at node g, time

t, fl 0 1 ,, are the active/reactive power flow in line /, time ¢, p/
pito

nt’ qnl
are the active/reactive loads at node n, time 1, bi}’ S , bl are auxiliary
variables related to line losses. BB} is the subset of substatrons connected
to node n, B is the subset of nodes with node » indicated as their end
node, and B3, is the subset of nodes with node » indicated as their start
node. Line power flow limits are represented as a function of the line
capacity as specified by (C.7)-(C.8), where capg MM s the maximum
capacity of line /, and cap™ is the overload 11m1t The voltage drop in
each line is defined by (C.9), where Ut O is the voltage at end node
of line 7, v’ e is the voltage at start node in line ¢, and R,, X, are the
resistance and reactance of line /, respectively. The voltage limits are
defined in (C.10), where v , is the squared voltage at node n, time ¢, and
umin pMax are the mlnlmum and maximum voltage magnitude limits,
respectively.

Constraints related to transformer upgrading and voltage regulator
installation are given in (C.11)-(C.14). The active and reactive power
flow limits are defined in (C.11)-(C.12), where cap?' is a positive vari-
able representing the transformer capacity defined in (C.13), cap,""**
is the transformer current maximum capacity, and M is a large value,
and L™ is the subset of sections with transformers. The voltage drop
in sections with voltage regulators and transformers is modeled in
(C.14), where v}’:'(';:, is the squared voltage after tap for transformers
and voltage regulators, and £""" is the subset of line sections where
voltage regulators or transformers are added.
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Data availability

The data used in this study are publicly available from the sources
cited in the manuscript.
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